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Executive Summary

In 2013, the California Legislature passed Senate Bill 4 (SB 4), setting the framework for
regulation of well stimulation technologies in California, including hydraulic fracturing.
SB 4 also requires the California Natural Resources Agency to conduct an independent
scientific study of well stimulation technologies in California to assess current and
potential future practices, including the likelihood that well stimulation technologies could
enable extensive new petroleum production in the state, evaluate the impacts of well
stimulation technologies and the gaps in data that preclude this understanding, identify
risks associated with current practices, and identify alternative practices which might limit
these risks.

The study is issued in three volumes. This document, Volume I, provides the factual
basis describing well stimulation technologies, how and where operators deploy these
technologies for oil and gas production in California, and where they might enable
production in the future. Volume II discusses how well stimulation affects water, the
atmosphere, seismic activity, wildlife and vegetation, traffic, light and noise levels; it
will also explore human health hazards, and identify data gaps and alternative practices.
Volume III presents case studies to assess environmental issues and qualitative risks for
specific geographic regions. Volumes II and III will be released July 2015.

Well stimulation enhances oil and gas production by increasing the permeability of the
reservoir rocks. The report discusses three types of well stimulation as defined in SB 4.
Hydraulic fracturing uses a high-pressure fluid in a well to create fractures in the rock and
then props the fractures open by injecting sand so they remain permeable after the high
pressure ceases. Acid fracturing uses a high-pressure acidic fluid to fracture the rock and
etch the walls of the fractures, so they remain permeable after they partly close following
application of the high pressure. Matrix acidizing does not fracture the rock; instead,
low-pressure acid is pumped into the well to dissolve some of the rock and increase the
permeability. Acid fracturing and matrix acidizing are referred to collectively as acid
stimulation.

This report addresses oil and gas production both on land and offshore in California.
Figure ES-1 provides basic statistics about the volume of oil and gas production from
California basins between 2002 and 2014. The figure also illustrates how much of
the produced volume is associated with hydraulic fracturing. In Northern California,
production of natural gas is rarely conducted with the help of well stimulation. In
contrast, about 20% of the total oil production in the state is facilitated by hydraulic
fracturing, with most of this occurring in the San Joaquin Basin.
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Figure ES-1. Production of oil and gas with and without hydraulic fracturing in each basin in
A) northern and B) southern California from 2002 through May 2014. The area of each circle is

proportional to the production volume in each basin.



Data Availability, Key Findings and Conclusions

* The following findings and conclusions are based on available information. Data
on where, when, and how operators conduct well stimulation in the state were not
collected thoroughly or consistently across the state prior to 2014. Data submittal
on all operations across the state was required starting in 2014; however, the
number of reported operations initially decreased as operators adjusted to the
new regulations imposed by SB 4. We developed findings and conclusions based
on a review of published literature and official and voluntary databases through
June 2014. Much of the information prior to the start of mandatory reporting in
January 2014 remains incomplete and unverified. We describe the limitations of
the data throughout the report in order to transparently qualify the accuracy of the
conclusions.

* Due to the timeline of this study relative to the institution of mandatory reporting
on January 1, 2014, the analyses conducted in this report assess only six months
of well stimulation data resulting from the implementation of SB 4. Even after the
start of compulsory reporting, inconsistencies between datasets collected by various
state and private institutions suggest that inaccuracies may persist. However,
we cross-checked multiple independent data sets and found largely consistent
results, indicating that we can have reasonable confidence in the quality and
consistency of the data collected before and since mandatory reporting commenced.
Comprehensive understanding of well stimulation in the state requires complete
and accurate reporting regulations as specified by SB 4 and sufficient time for
the number and type of operations to stabilize. In contrast to the well stimulation
data, we consider the available information on the geology of developed petroleum
resources in California and the potential for future use of well stimulation in similar
reservoirs of the state to be of high quality.

* Recognizing these limitations in the data, the report conclusions should be taken
as generally accurate, if not precise. The authors have reasonable confidence
that additional data becoming available in the future might change some of the
quantitative findings in the report, but would not fundamentally alter the report
conclusions about well stimulation in California.

Hydraulic fracturing of onshore oil wells: Almost all hydraulic fracturing in
California occurs in the San Joaquin Basin in wells that produce primarily oil. We
expect this practice to continue as the main use of well stimulation in the state for the
foreseeable future.

* Over the last decade, about one fifth of oil production in California came from
wells that had been subject to hydraulic fracturing. In this time period, operators
fractured about 125 to 175 wells of the approximately 300 wells installed per
month in California. Available data indicate that hydraulic fracturing has been the



main type of well stimulation. The number of hydraulic fracturing operations per
month in California represents one-tenth of the number of hydraulic fracturing
operations reported to FracFocus per month in the entire country in 2012 and
2013. As FracFocus is a voluntary database, the true number of hydraulic
fracturing operations conducted in the country is likely higher than reported,
and so the fraction of operations in California is probably lower. About 95% of
reported hydraulic fractures in California were in the San Joaquin Valley, nearly
all in four oil fields in Kern County (Chapter 3).

Current hydraulic fracturing activities in California are different than in other
states, and as such recent experiences with hydraulic fracturing in other states
do not necessarily apply to current hydraulic fracturing in California. Available
data suggest that present-day hydraulic fracturing practices in California are
different from other states such as Texas and North Dakota, primarily because

of differences in the geology of the petroleum reservoirs. Generally, current
hydraulic fracturing in California tends to be performed in shallower wells that
are vertical as opposed to horizontal; and requires much less water per well, but
uses fluids with more concentrated chemicals than hydraulic fracturing in other
states. For example, in California, a hydraulic fracturing operation consumes on
average 530 cubic meters (m?; 140,000 gallons, gal) of water per well, compared
to about 16,000 m® (4.3 million gal) per well used in horizontal wells in the Eagle
Ford Formation in Texas. Consequently, the practices and impacts of hydraulic
fracturing in other states do not directly apply to current hydraulic fracturing in
California (Chapter 3).

The most likely scenario for future oil recovery using hydraulic fracturing is
expanded production in and near existing oil fields in the San Joaquin Basin

in a manner similar to the production practices of today. The vast majority of
hydraulic fracturing in the state takes place in the San Joaquin Basin in reservoirs
that depend on this technology for economic production. A significant amount

of oil remains in these reservoirs. It is highly likely that continued production in
these reservoirs will use hydraulic fracturing (Chapter 4).

This study’s review of the two oil resource projections from deep source

rocks in the Monterey Formation developed by the United States Energy
Information Administration (US EIA) concluded that both these estimates are
highly uncertain. Recent reports from the US EIA have indicated there may

be substantial oil resources in deeper source-rock reservoirs, especially in the
Monterey Formation. The 2011 US EIA report suggested 2.4 billion m?* (15 billion
barrels) of recoverable oil in these source rocks, but a subsequent 2014 US EIA
report using more restrictive assumptions reduced the estimate to 0.095 billion
m?® (0.6 billion barrels). There is little evidence to support either estimate. No
reports of significant production from the Monterey or other source rocks have
been identified to date in California. If innovations do someday allow recovery



of oil from California’s source rocks, the undertaking would likely require well
stimulation technology. Future exploration of Monterey source rock could
improve our understanding of the potential, challenges, costs, and rewards for
production in these reservoirs (Chapter 4).

Stimulation of dry gas wells': Almost all wells that produce primarily gas are located in
Northern California. These dry (non-associated) gas wells are rarely stimulated, and we
do not expect this to change in the near future.

* Operators rarely stimulate California dry (non-associated) gas wells.
Approximately ten dry gas wells per month were installed on average from 2002
through 2011, of which about one was hydraulically fractured. We found no
records of hydraulic fracturing of gas wells since 2011 and no records of acid
stimulation in these wells. However, most of the gas production in the state is not
from dry gas wells, but from wells that primarily produce oil. As such, about
a fifth of the gas produced in the state is facilitated by hydraulic fracturing
(Chapter 3).

* Geologic assessment indicates that significant unconventional natural gas
resources on a basin-wide scale, such as the Marcellus or Barnett shales or in
the Piceance basin, probably do not exist in California. Most of the remaining
undiscovered non-associated natural gas in California is likely to be similar
to reservoirs in production today that currently do not use well stimulation
technology. The geologic conditions in California are unlikely to have created
large basin-wide gas plays (Chapter 4).

e Operators hydraulically fracture gas storage wells. Hydraulic fracturing facilitates
about a third of the subsurface storage of natural gas in the state. We expect this
to continue given the importance of these facilities to balance urban natural gas
demand from season to season. About two times a year on average, operators of
gas storage facilities use hydraulic fracturing to enhance storage, mostly in one
facility serving southern California (Aliso Canyon) (Chapter 3).

Hydraulic fracturing offshore: Hydraulic fracturing is used in a small proportion of
offshore wells; we expect hydraulic fracturing to continue to play an incidental role in
offshore production.

* The majority of offshore production takes place without hydraulic fracturing. Most
of this limited hydraulic fracturing activity is conducted on man-made islands

1. Wells typically produce both oil and gas. The distinction between a dry gas well and an oil well is in the relative
amount of oil and gas produced. Dry gas wells produce a large amount of gas compared to oil, sometimes called “non-

associated” gas. Oil wells produce a small amount of gas relative to oil, known as “associated” gas.



close to the Los Angeles coastline; little activity is documented on platforms.
Operations on close-to-shore, man-made islands resemble onshore oil production
activities. Ninety percent of offshore fracturing operations in California waters
occurred on man-made islands in the Wilmington field. On these islands,
operators conduct about 1-2 hydraulic fracturing operations in the 4-9 wells
installed per month. The only available survey of stimulation in federal waters
records 22 fracturing stimulations conducted or planned from 1992 through 2013,
compared to more than 200 wells installed during that period. All but one of these
hydraulically fractured wells were in the Santa Barbara-Ventura Basin. About
10-40% of fracturing operations in wells in state waters and half of operations in
federal waters were frac-packs® (Chapter 3).

* If expansion of oil production offshore is allowed in the future, production
could occur without well stimulation technology. Billions of barrels of potential
oil reserves exist off the California coast, but both federal and state laws and
policies restrict expansion of production into new areas. Current production from
offshore platforms uses some well stimulation to marginally improve productivity,
but most production does not require well stimulation. New production, if ever
permitted, would likely resemble existing production. The use of well stimulation
technologies discussed in this report in the offshore environment would not affect
production nearly as much as a change in current policies and regulations that
now restrict new production offshore (Chapter 4).

Acid stimulation: Operators report the use of acid for well stimulation much less often
than hydraulic fracturing. Of the known operations, most are matrix acidizing treatments
conducted in oil wells in the San Joaquin Basin.

* Available data indicate that operators use acid stimulation about 10% as often
as hydraulic fracturing in California. In contrast, operators commonly use acid
treatments for well maintenance and remediation of damage caused by drilling.
In California, the definition of acid stimulation varies from one regulatory
agency to another, and the agencies have different record-keeping practices.
This makes it difficult to assess the extent of acidizing in the state. Analysis of
existing data suggests that acid is widely used for well maintenance in California,
whereas about 15-25 acid operations in the approximately 300 wells installed
per month in California are reported as stimulation. Nearly all reported cases
of acid stimulation take place in the southwestern portion of the San Joaquin
Basin. Although acid is commonly used for well maintenance and remediation,
acid stimulation does not represent an important well stimulation technology in
California compared to hydraulic fracturing (Chapter 3).

2. As opposed to hydraulic fracturing intended to open permeable fracture pathways in
unconventional reservoirs to enable oil or gas production, frac-packs are employed to deal with formation damage

around a production well and/or sand production into the well. See Chapter 2 for more details.

Vi



* Acid stimulations in California reservoirs are not expected to lead to major
future increases in oil and gas development in the state. In general, the geologic
conditions in the state’s oil reservoirs are not amenable to effective acid
stimulation treatment. Acid stimulations can be effective in carbonate reservoirs,
but these are rare in California. The underlying geology of California means
that acid is not useful now or in the future for creating major increases in the
permeability of the formation (Chapters 2 and 3).
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Chapter One

Introduction, Overview,
and Summary of Findings
and Conclusions

In 2013, the California Legislature passed Senate Bill 4 (SB 4; Pavley 2013), setting

the framework for regulation of well stimulation technologies in California, including
hydraulic fracturing. SB 4 also requires the California Natural Resources Agency to
conduct a study of well stimulation technologies in the state to assess current and
potential future practices, including the likelihood that well stimulation technologies could
enable extensive new petroleum production in the state, evaluate the impacts of well
stimulation technologies and the gaps in data that preclude this understanding, identify
risks associated with current practices, and identify alternative practices that might limit
these risks. The language of SB 4 that mandated the independent scientific study is given
in Appendix A.

The study is issued in three volumes plus a Summary Report. This document, Volume I,
provides the factual basis describing what well stimulation technologies are, how they

are conducted in general and practiced in California, where they have been and are being
used for oil and gas production in the state, and the locations where they might enable
production in the future. Volume II presents the potential impacts of well stimulation
technologies with respect to water, air quality, and greenhouse gas emissions, as well as
induced seismicity, ecology, and traffic and noise. Volume II also identifies key data gaps
and alternative practices. Volume III examines case studies of well stimulation, its impacts,
and qualitative hazards as they pertain to selected locations in California. The Summary
Report, Volumes II and III are to be completed by July 1, 2015.

This assessment builds upon a recent report undertaken for the Bureau of Land
Management concerning well stimulation in California by the California Council on
Science and Technology (CCST), Lawrence Berkeley National Laboratory (LBNL), and
Pacific Institute (CCST et al., 2014; available at http://ccst.us/BLMreport). Whereas
that report for the Bureau of Land Management exclusively addressed well stimulation
for onshore oil production in California, the current analysis has been broadened to

include both oil and gas production in California for onshore and offshore environments
and incorporates new information derived from newly released data and research. The
assessment of environmental impacts in CCST et al. (2014) is incorporated and expanded
upon in Volume II, which also includes discussion of alternative practices as well as data
gaps. The case studies presented in Volume III go beyond the subjects covered in the
previous report.
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1.1. Background

Over the last decade, application of horizontal drilling and hydraulic fracturing has
allowed a substantial increase in production of oil and gas from low-permeability rocks,
such as the Marcellus Shale in Pennsylvania and the Bakken Formation in Montana and
North Dakota (Pearson et al., 2013; Hughes, 2013). After drilling vertically to the kickoff
point, horizontal drilling then advances a well boring along a geologic layer rather than
across it, as is typical for vertical drilling. Consequently, horizontal wells are in contact
with a larger volume of the oil- and gas-producing zone than vertical wells, thereby
increasing petroleum (oil and gas) production from the well. Hydraulic fracturing is the
practice of injecting fluids into a well at a sufficiently high pressure to open existing or
create new fractures in the geologic material surrounding the well. These fractures open
permeable flow pathways between the target formation and the well, allowing greater
petroleum production in a given time period.

In 2011, the United States Energy Information Administration (US EIA) estimated

the California Monterey Formation contains 2.45 billion cubic meters (m?; 15.4

billion barrels) of recoverable tight oil in source-rock shale, approximately 64% of the
recoverable oil from low-permeability rocks in the United States (US EIA, 2011). As shown
in Figure 1-1, the current production from low-permeability portions of the Monterey
Formation in California is modest compared to production from other low-permeability
strata in the United States, and has not changed significantly over the past decade. The
EIA estimate led to the belief that there was a real possibility of developing vast new oil
and gas deposits in the state with the use of well stimulation, which simultaneously raised
excitement about economic prospects and concerns about associated environmental and
social impacts. However, subsequent revision dramatically lowered the estimated quantity
of recoverable oil in the Monterey Formation to about 0.095 billion m® (0.6 billion
barrels), highlighting the large uncertainty in the estimate (US EIA, 2014).
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Figure 1-1. (A) Oil production through time from selected shale and low permeability (“tight”)
oil plays in the United States. Note that production from the Monterey Formation in California
is a small and declining proportion of U.S. shale and tight oil production. (B) Gas production
from shale plays in the United States. Note that there is no shale gas produced in California.
U.S. EIA (2013).

Regardless of the extent to which well stimulation may or may not be applied in the
Monterey Formation in the future, well stimulation technologies are already an important
part of oil and gas production in the state. As described in this report, operators use

well stimulation in California routinely to enhance production of what is referred to as
“migrated” deposits: oil and gas that has moved out of source rocks such as the Monterey
and into other types of geologic structures, usually nearer the surface. Therefore, in
contrast to many parts of the country, questions regarding well stimulation in the state are
not limited to development of new source-rock shale reservoirs.

Well Stimulation Technologies Covered in this Report

This report concerns three well stimulation technologies used to open permeable flow
paths or increase permeability in hydrocarbon reservoirs: hydraulic fracturing, acid
fracturing, and matrix acidizing. In the technical literature, the term “well stimulation”
can also refer to technologies used to repair damage in and near the well induced by well
drilling and hydrocarbon production. These types of well stimulation are not the focus

of this report and are excluded from regulation under SB 4. However, because there is
often not a clean separation between these two types of well stimulation, this review
does address areas where well stimulation objectives or techniques may overlap with
well maintenance.



Box 1.1. The History of Oil Production in California

California has a long history of oil production, from a variety of regions and geological formations.

The Midway-Sunset field, which is the largest in California in terms of expected total oil production,
was discovered in 1894. The twelve largest onshore or partially onshore oil fields were discovered by
1932 and the 43 largest by 1949. All 45 onshore or partially onshore oil fields containing more than 16
million m® (100 million barrels) of expected total oil production each, referred to as “giant” oil fields
by California’s Division of Qil, Gas and Geothermal Resources (DOGGR), were discovered by 1975
(DOGGR, 2010).

California’s oil production has ranked third in the nation from at least the 1980s through 2013,
currently behind Texas and North Dakota. The volume of oil produced in California peaked in 1985

and had declined by approximately half as of 2013 (US EIA, 2014). California also generates natural
gas, both from gas wells and from wells that mainly produce oil. Wells that produce only gas occur
primarily in the Sacramento Basin, but most of the gas in the state is associated with oil production in
the San Joaquin Basin. The majority of oil and gas production in the state is onshore, although there are
manmade islands and platforms constructed to enable production offshore. DOGGR oversees the state’s
oil, gas, and geothermal industries onshore and in state waters within 5.6 kilometers (km; three nautical
miles) of the coast; federal agencies oversee oil and gas production in waters farther from shore.

Oil production in California has been enhanced by application of several technologies. Wide deployment
of water flooding commenced in the mid-1950s. This secondary oil recovery method involves injecting
water into the oil reservoir, which causes more oil to flow to the production wells. Two additional
methods of enhanced oil recovery, cyclic steaming and steam flooding, were first widely deployed in

the mid-1960s (Division of Oil and Gas, 1966). Injection of steam heats highly viscous (“heavy”) oil,
resulting in more oil flowing to the production well. In cyclic steaming, injection of steam alternates
with oil production in the same well. Steam flooding involves continuous steam injection into wells
interspersed among the production wells. Intensive deployment of hydraulic fracturing commenced in
the 1980s (see Chapter 3).

DOGGR first reported the portion of oil produced by water flooding and steam injection in 1989. It
attributed 71% of oil production in that year to these techniques (DOGGR, 1990). A total of 76% of
production in 2009, the most recent year with attribution, was due to these techniques (DOGGR, 2010).
The portion of production involving hydraulic fracturing was not listed.

In addition to steam injection, fire flooding and downhole heating were tested for heating viscous oil
in the subsurface in the early 1960s. Fire flooding involved injecting air into the reservoir to sustain
combustion of part of the oil in order to reduce the viscosity of the remaining oil, thereby enhancing
production, but was found to be generally uneconomical. Downhole heating resulted in more modest,
and less economic, production increases than steam injection (Rintoul, 1990). Additional enhanced
oil recovery techniques actively evaluated in the 1980s included polymer flooding, caustic flooding,
miscible fluid flooding, and carbon dioxide (CO,) injection.
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Hydraulic fracturing creates conductive fractures in reservoir rocks in order to enhance the
flow of fluids, including water, oil, or natural gas to the well. In the hydraulic fracturing
process, the operator pumps fluids containing a variety of chemicals into a zone of the
well until the fluid pressure is sufficient to fracture the rock. Then, the operator pumps
small particles called “proppant” into the fractures to keep them open during subsequent
production. The spent hydraulic fracturing fluid, called “flowback” fluid, returns from the
well after the fracturing operation. Fluid recovered from the well gradually changes from
flowback to “production” fluids (oil, gas, and produced water). The time at which the
fluids change from flowback water to production fluids is not precisely defined.

Acid fracturing accomplishes the same goal as hydraulic fracturing by injecting low

pH fluids instead of proppant into the fractures created by the elevated pressure. The
acid is intended to non-uniformly etch the walls of the fracture, so that some fracture
conductivity is maintained after the fracture closes. This type of stimulation is generally
only applied to carbonate reservoirs with reservoir rock that has more than 65%
hydrochloric acid (HCI) solubility. The typical HCI strength is 15% to 28% by weight
(Kalfayan, 2008).

A matrix acidizing process injects diluted acids into the rocks around a well at pressures
too low to result in rock fracture. The most commonly used acids are HCI in carbonate
formations, and hydrofluoric/hydrochloric acid (HF/HCI) mixtures in sandstone
formations. Matrix acidizing in carbonates can create small channels or tubes called
wormbholes that can propagate as far as 6 meters (m; 20 feet, ft) into the formation.
Wormbholes stimulate the well similarly to a small hydraulic fracturing treatment. Because
of much slower reaction rates in sandstones as compared with carbonates, the acid
dissolution in sandstones is limited to a much smaller distance from the well, perhaps
two-thirds of a meter (2 ft) or less into the formation. Because of this limited penetration
distance, the benefit of matrix acidizing in sandstones comes primarily from removing
damaging solids that have reduced the near-well permeability. There are some instances
of matrix acidizing using HF/HCI reported in the Monterey Formation in California that
may have had greater penetration because of naturally occurring fractures.

1.1.1. Key Questions Addressed in Volume |

Volume I addresses two key questions:

* Key Question 1: What are the past and current practices of well stimulation
technologies in California, including hydraulic fracturing, acid fracturing, and
matrix acidizing?

* Key Question 2: Where could well stimulation technologies allow expanded
production of oil and gas in California?
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1.1.2. Method and Data Sets Available for the Report

This assessment reviews and analyzes both existing data and scientific literature, with
preference given to the findings in peer-reviewed scientific literature. Scientific papers
published in journals undergo peer review prior to publication to provide quality control
on the information. Qualified reviewers not involved in the work assess the thoroughness,
accuracy, and relevancy of the work, and provide comments describing any omissions

or inaccuracies to the author(s) of the paper and the editor of the journal. For the paper
to be published, the author(s) must address omissions or errors to the satisfaction of the
editor. If reviewers conclude that a manuscript contains inaccuracies or deficiencies so
severe that they cannot be remedied, the work will not be published. Work published
under this system of review is referred to as “peer-reviewed scientific literature.”

During the conduct of this review and the preparation of the CCST et al. (2014) report,
it was found that the body of relevant peer-reviewed literature—the sources that meet
the highest standard of scientific quality control—is limited. For instance, there is little
information on water demand in California for hydraulic fracturing. Consequently, other
relevant, non-peer-reviewed information was considered. These included government
data and reports, such as well records collected by DOGGR and recent notices submitted
pursuant to SB 4 (Pavley, 2013), as well as non-peer reviewed reports and documents if
they were topically relevant and determined to be scientifically credible by the authors
and reviewers of this volume. We also accessed and analyzed voluntary web-based
databases, such as those provided by FracFocus. Finally, we solicited and reviewed
nominations of literature from the public. Criteria for consideration of material are
described in Appendix E, “Review of Information Sources.”

Data on where, when, and how operators conduct well stimulation in the state were

not collected thoroughly or consistently across California prior to 2014. Data submittal

on all operations across the state was required starting in 2014; however, the number

of reported operations initially decreased as operators adjusted to the new regulations.
We developed findings and conclusions based on a review of published literature and
official and voluntary databases through June 2014. Much of the information prior to

the start of mandatory reporting in January 2014 remains incomplete and unverified.

Due to the timeline of this study relative to the institution of mandatory reporting on
January 1, 2014, the analyses conducted in this report assess only 6 months of well
stimulation data records as required by SB 4. Even after the start of compulsory reporting,
inconsistencies between datasets collected by various state and private institutions suggest
that inaccuracies may persist. However, we cross-checked multiple independent data sets
and found largely consistent results, indicating that we can have reasonable confidence

in the quality and consistency of the data collected before and since mandatory reporting
commenced. We describe the limitations of the data throughout the report in order to
transparently qualify the accuracy of the conclusions. Comprehensive understanding

of well stimulation in the state requires complete and accurate reporting regulations as
specified by SB 4, and sufficient time for the number and type of operations to stabilize.
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In contrast to the well stimulation data, we consider the available information on the
geology of developed petroleum resources in California and the potential for future use of
well stimulation in similar reservoirs of the state to be of high quality.

Recognizing these limitations in the data, the report conclusions should be taken as
generally accurate, if not precise. The authors have reasonable confidence that additional
data becoming available in the future might change some of the quantitative findings

in the report, but would not fundamentally alter the report conclusions about well
stimulation in California.

1.1.3. Organizational Structure and Report Development Process

The California Natural Resources Agency contracted with CCST and LBNL to conduct the
independent scientific study of well stimulation. Both CCST and LBNL also participated in
the CCST et al. (2014) study undertaken for the Bureau of Land Management, discussed
earlier. Report authors at CCST, LBNL, and other research institutions performed research
and analysis. CCST appointed a steering committee based on technical expertise in fields
relevant to the study to provide a range of technical experience. Under the guidance

of the steering committee, report authors developed findings based on a literature

review and data analyses that are described in Chapters 2—4 of this report. The steering
committee collaborated with report authors to develop consensus conclusions, which are
given in the findings and conclusions section of this chapter and are briefly summarized
in the executive summary. Appendix B, “CCST Steering Committee Members,” provides
information about CCST’s steering committee, and Appendix C, “Report Author
Biosketches,” provides information about the authors.

1.2. Volume | Structure and Content Overview

Volume I includes an executive summary and four chapters. The executive summary gives
a brief overview of the major findings and conclusions of this study. This chapter gives
the motivation, history, and methods employed for the report, and summarizes findings
and conclusions. The detailed technical information in the remainder of this report is
presented in Chapters 2 through 4. Chapter 5 gives a brief outlook on the two upcoming
Volumes II and III.

Chapter 2 presents general information on well stimulation and associated technologies
used to enable or improve hydrocarbon flow rates and recovery from reservoir intervals
with low permeability or near-wellbore permeability damage. The chapter describes
techniques for drilling and constructing the well, and surface facilities and surface
operations for both onshore and offshore environments. The chapter defines and presents
well stimulation methods, including the typical types of materials and procedures, and
how the methods are applied in differing geologic conditions. The stimulation methods
described are hydraulic fracturing, acid fracturing, and matrix acidizing as specified by SB 4.
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Chapter 3 presents information on the past and current use of well stimulation
technologies for onshore and offshore oil and gas production in California. These are
discussed in terms of how these technologies have been used in the past along with
information about current applications in California. The current level of activity for each
well stimulation method is assessed, in total for California as well as basin by basin, and
the types and quantities of well stimulation fluids currently in use are discussed.

Chapter 4 presents information on the petroleum geology of California and the potential
for future applications of well stimulation both on and offshore in California. The
chapter describes the geologic components and processes that affect the development of
petroleum systems, the important reservoir rock types currently being produced using
well stimulation technologies in California, and the rock properties of these reservoirs
compared with the Bakken shale (a shale reservoir found in North Dakota, Montana, and
Canada, that has been extensively developed using well stimulation technologies). The
chapter then presents the California basins that contain oil and gas reservoirs, including
deeper petroleum source rocks that have not to-date been subject to significant petroleum
resource development, and evaluates the potential for using advanced well stimulation
technologies to produce these source rocks, particularly the Monterey Formation. The
chapter closes with an examination of the EIA estimate of the production potential of the
Monterey Formation.

This report is written at many levels to suit the needs of many readers. Those wishing a
high-level summary of the meaning of the report are directed to the Executive Summary
or the remainder of this chapter. The following Chapters 2, 3, and 4 are much more
technical and detailed, but each chapter contains an abstract that summarizes the
meaning of the chapter and highlights the key points. Finally, the report has many
appendices and boxes that contain highly detailed and technical analyses, as well as
descriptions of related issues that do not fall neatly within the outline of the report.

1.3. Summary of Findings and Conclusions

This report develops a set of findings and conclusions based on available data. We define
a finding as a synoptic statement about the data. A conclusion, on the other hand, involves
the interpretation or analysis of the data and the conclusions of this report have been
reached in a consensus process with the steering committee. This volume of our report
set, Volume I, largely documents the factual basis of our assessment. Consequently, this
particular volume contains no recommendations.
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Estimated operations per month

Key Question 1: What are the past and current practices in well stimulation
technologies, including hydraulic fracturing, acid fracturing, and matrix acidizing
in California?

Many of the concerns about oil and gas production enabled by well stimulation (especially
hydraulic fracturing) arise because of experiences in other states with these technologies.
Over the last decade, application of horizontal drilling and hydraulic fracturing
stimulation in other states has allowed a substantial increase in oil production from low-
permeability source rocks, such as the Marcellus Shale or the Bakken Formation, often

in communities that had no prior experience with petroleum production. This report
critically evaluates the past and current well stimulation practices in California and how
they compare to hydraulic fracturing-enabled production in other oil and gas basins, and
how the use of these technologies might occur in the future in California. Estimated rates
of well stimulation operations from 2012 through 2013 are shown in Figure 1-2.
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Figure 1-2. Estimated recent well stimulation activity in California (2012 and 2013). The inset
shows the smaller rates on an expanded scale. Arrows marked with question marks indicate
rates estimated from one, non-comprehensive data source.
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1. Finding: Over the last decade, about one fifth of oil production in California came
from wells that had been subject to hydraulic fracturing.

Operators have applied hydraulic fracturing in a variety of forms over many decades in
California, with records of application in at least 96 of California’s more than 500 oil
fields. About 95% of the hydraulic fractures in the state take place in the San Joaquin
Basin, where the majority of the state’s oil and gas are produced. Most of the recorded
fracturing operations in California occur in diatomite (a type of rock from which oil is
produced in the San Joaquin Basin) in the North and South Belridge and Lost Hills fields
located in Kern County in the San Joaquin Basin. These fields, plus the nearby Elk Hills
field, consistently account for over 85% of hydraulic fracturing operations

In this time period, operators fractured about 40%—-60% of the approximately 300 wells
installed per month in California. Available data indicate that hydraulic fracturing has
been the main type of well stimulation applied in California and is currently performed

on an estimated average of 125 to 175 wells per month. This number represents about
one-tenth of the number of hydraulic fracturing operations reported to FracFocus per
month in the entire country in 2012 and 2013. As FracFocus is a voluntary database, the
true number of hydraulic fractures in the country is likely higher than reported, and so the
fraction of operations in California is probably lower.

Hydraulic fracturing can usefully increase production in many oil and gas reservoirs,

but often the costs do not outweigh the benefits in which case operators do not use the
technology extensively. On the other hand, some reservoirs including diatomite reservoirs
in the San Joaquin Valley would likely go out of production if operators could not use
hydraulic fracturing. Economic production of these reservoirs currently depends on
hydraulic fracturing (Chapter 3).

2. Finding: Well stimulation technologies are not currently an important part of
production from dry gas wells in California.

The Sacramento Basin, including the Dobbins-Forbes and the Winters-Domingine
petroleum systems, contains most of the wells in California meeting the definition for
non-associated gas production (wells that produce primarily gas instead of wells that
produce gas associated with oil production).! In contrast to the conclusions regarding the
importance of well stimulation for production from oil wells, operators used hydraulic

1. Gas wells (non-associated gas) are defined by the Energy Information Administration as producing more than

1,069 m® gas per m? of liquid hydrocarbon (oil) (m®/m?; 6,000 standard cubic feet of gas per stock tank barrel of oil,
scf/STB)). Although most of the gas wells are located in the Sacramento Basin, most of the natural gas production in
California is actually gas co-produced from oil wells. This gas is either dissolved in the oil at reservoir temperature and
pressure, and separates out during production to surface conditions, or exists as a gas in the reservoir, typically overlying

the oil due to buoyancy.

10
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fracturing in fewer than one of the ten non-associated gas wells installed per month on
average from 2002 through 2011, all in the Sacramento Basin. These operations constitute
less than 1% of total hydraulic fracturing conducted in California. The data reported to the
state contain no records of hydraulic fracturing of gas wells since 2011 and no records of
acid stimulation in gas wells (Chapter 3).

3. Conclusion: Available data suggests that present-day hydraulic fracturing practices
in California differ significantly from current practices used for unconventional shale
reservoirs in other petroleum basins, such as in North Dakota and Texas. Large-scale

high-fluid-volume hydraulic fracturing has not found much application in California,

apparently because it has not been successful.

California reservoirs deploying hydraulic fracturing produce oil or gas from traditional
migrated oil fields, in contrast to other parts of the country, where hydraulic fracturing

is deployed to produce oil and gas from source rock reservoirs. Oil production in the
Bakken and the Eagle Ford source-rock formations takes place in thin, laterally extensive,
nearly horizontal layers of oil source rock that exhibit very low permeability. The relative
geological simplicity allows producers to install long, horizontal wells, and then create
permeability in the geological formations surrounding these wells by using hydraulic
fracturing to create networks of connected fractures. The majority of California’s oil
production does not come from the low-permeability shale source-rock, but rather from
more permeable reservoir rocks into which oil migrated from the source rocks. Migrated
oil reservoirs do not resemble the low-permeability, laterally extensive, and continuous
source-rock shale layers that are amenable to production with high volume hydraulic
fracturing from long-reach horizontal wells found in other states. As a result, to date,
hydraulic fracturing has not been used extensively in the relatively complex California
source rocks, which present greater challenges compared to the source rocks in other states.

According to DOGGR well data and SB 4 stimulation notices, most of the hydraulically
fractured wells in California are vertical or near vertical, and on average shallower than
in other states. Consequently, California wells are not as long and thus have shorter
treatment intervals than the long-reach horizontal wells commonly hydraulically fractured
in basins in other states.

Operational practices differ from other states in several ways. More than 95% of the
hydraulic fracturing events in California employ gel, typically a crosslinked gel, for

the stimulation fluid, as opposed to applications of “linear gel” (uncrosslinked gel)

or “slickwater” (friction reducer) often used elsewhere in unconventional resource
developments. The primary ingredient in slickwater is a friction reducer, which allows for
higher injection rates within the pressure limitations of a well or the fracturing equipment.
A low-viscosity slickwater also encourages growth of a hydraulic fracture/natural fracture
network. This is accomplished by creating new fractures as well as opening existing
fractures that were closed. Higher viscosity gel treatments, as used in California, allow
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more proppant to be transported into the fracture and result in simpler fractures with
wider openings. Gel-based fracturing has utility in relatively malleable and permeable
rocks, such as the predominant oil reservoir rocks in California. Hydraulic fracturing
operations using gel require less fluid volume per length of treatment, but typically have
higher chemical concentrations.

Because of the predominance of stimulation in vertical and near-vertical wells, and the use
of gel, operators use much smaller volumes of water in hydraulic fracturing in California
than in oil source-rock plays elsewhere. The volume of fracturing fluid divided by the
distance along wells where the treatment is applied in California is 2.3 m3/m (180 gallons
per ft, gal/ft) based on FracFocus and notice data. This is much less than the 9.5 m3/m
(770 gal/ft) used in horizontal wells in the Eagle Ford Formation.

The average amount of reported water used in the recent past and currently in California
for each hydraulic fracturing operation is 530 m?® (140,000 gal) per well. For comparison,
this volume is similar to the annual water use of 580 m?® (153,000 gal) in an average
household in California over the last decade. The average per-operation volume in
California is significantly less than the average 16,100 m? of water per well (4.3 million
gal) reported for horizontal wells in the Eagle Ford shale tight oil play in Texas.

In California, particularly in some San Joaquin Basin fields, operators increasingly deploy
hydraulic fracturing to enhance injection of water and steam into reservoirs to facilitate
flow of oil from production wells. Hydraulic fracturing of production wells as a share of
all wells installed per year has declined from 25% to 20% over the 2002 to 2012 period.
In contrast, fracturing of injection wells for enhanced oil recovery? has doubled, from 5 to
10% of all wells. The data indicate hydraulic fracturing has increasingly been a component
of enhanced oil recovery projects in migrated oil accumulations. This is in contrast to the
increasing use of hydraulic fracturing for primary production from hydrocarbon source
rock in other parts of the country.

For all these reasons, the current experience with hydraulic fracturing observed in
other states may offer insights for, but does not necessarily imply similar experience in
California (Chapter 3).

4. Finding: The majority of offshore production takes place without hydraulic
fracturing. The fracturing that does take place is mostly from man-made islands
close to the Los Angeles coastline. Available data do not contain many records of
hydraulic fracturing from platforms.

The state government has exclusive jurisdiction over offshore oil and gas production
within 5.6 km (three nautical miles) of the shore, while the federal government has

2. Enhanced oil recovery utilizes injection wells to inject water or steam into a reservoir in order to increase production

from the production wells.
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jurisdiction in waters beyond this limit. The two zones are referred to as state and federal
waters. Most offshore oil production in state waters is accomplished from purpose-built
artificial islands, chief among them the four islands in the Wilmington Field in the City of
Long Beach. Qil produced in federal waters comes exclusively from platforms. In federal
waters, the California Coastal Commission has consistency review authority over federal
actions. Almost no offshore wells in either area produce only gas.

Operations on man-made islands resemble onshore oil production activities. Operators
conducted an average of 16 fracturing operations per year in state waters in the years
prior to 2014. Hydraulic fracturing activity declined throughout the state in 2014, likely
due at least in part to new regulatory requirements. The 16 operations per year represent
about a quarter of the annual number of wells starting production in these areas. Nine
out of ten fracturing operations occurred on the islands in the Wilmington Field. The
proportion of new wells on the islands that undergo hydraulic fracturing is similar to the
proportion in the onshore portion of the Los Angeles Basin. Both onshore and offshore
operations used an average of about 550 m® (150,000 gal) of fracking fluid per operation.

About 10-40% of fracturing operations in both state waters and onshore in the Los
Angeles Basin are “frac-packs” rather than hydraulic fracturing. Frac-packs are often
employed in formations that are of moderate to high permeability. A frac-pack has the
purpose of increasing the connection between the well bore and the formation after
drilling. Although a frac-pack may also open permeable flow paths in the reservoir rock
near the well, this is not the purpose of the operation. The main functions of a frac-pack
are to control sand and bypass near-well formation damage. Like a hydraulic fracturing
job, a frac-pack operation injects fluid and proppant under pressure to fracture the
formation. However, frac-packs require a relatively small volume of fluid and proppant,
because the intention is to repair damage near the wellbore, not open permeable flow
paths in the reservoir rocks. Fractures generated with a frac-pack typically extend a
relatively modest 3 to 30 m (10 to 98 ft). After the fracture forms, gravel injected around
the well casing serves as a filter, reducing the quantity of sand that can enter the well
along with the oil.

There are no reports of matrix acidizing for reservoir stimulation in state waters according
to DOGGR’s databases. However, based on data submitted to the South Coast Air

Quality Management District (SCAQMD), a large portion of the wells on the islands in

the Wilmington Field are acidized. Requirements for reporting vary currently, making it
difficult to determine how many of these operations are matrix acidizing. The DOGGR
requirements for reporting acid treatments are currently changing to require all acid use
to be reported, and these reports should illuminate the situation in the future.

The only available survey of stimulation in federal waters indicated 17 fracture
stimulations occurred or were planned from 1992 through 2003, none from 2004 through
2009, and five more from 2010 through 2013. Half of these were frac-packs, which is a
higher proportion than in state waters, which in turn is higher than onshore. One of the
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fracturing operations was in the Santa Maria Basin and the rest in the Santa Barbara-
Ventura Basin. Three matrix-acidizing operations are listed during the overall period. Over
250 new wells were installed in federal waters from 1992 to 2009, an average of over

ten per year. This suggests a considerably smaller proportion of wells are hydraulically
fractured or stimulated with acid from offshore platforms than in onshore wells. However,
the data are incomplete, so these estimates may be low. Data regarding the volume of
water used in these stimulations were not available.

The low proportion of offshore wells that are fractured, and the high proportion of
these that use frac-packs, accords with records indicating that offshore platforms

target relatively high-permeability formations where production does not require well
stimulation. Given that there are abundant conventional resources available offshore,
the more-expensive-to-develop low permeability plays requiring well stimulation are less
likely, though possible to produce in the future (Chapters 3 and 4).

5. Finding: Acid stimulations as identified in available data are used about a tenth
as frequent as hydraulic fracturing in California, but available data indicate acid
treatments, which include well maintenance and remediation of damage due to
drilling, are common.

There are two uses of acid in “well stimulation”: matrix acidizing and acid fracturing.
Matrix acidizing involves injecting acid into the existing rock pores around the open
portion of the well. Acid fracturing also involves injecting acid, but at a sufficiently high
pressure to fracture the rock. The fluid produced back to the surface after these treatments
has much lower acid content than the injected fluid, because most of the acid has been
neutralized by reaction with the rock. Neither method uses sand or other proppants.

In California, operators use acid in higher permeability formations in the South Coast and
in lower permeability formations in the San Joaquin Basin. Acidizing is often used for
well maintenance and remediation of damage, essentially restoring the permeability near
the well that may have been reduced by drilling and well operation. Matrix acidizing can
also be employed to increase the permeability of the rock itself beyond the zone impacted
by drilling mud invasion or production activities if larger acid volumes are injected. The
treatment generally results in only modest well productivity increases, in part because

the types of minerals typically found in California do not dissolve readily in acid, and in
part because the acid is neutralized by reactions near the well bore before it can penetrate
more deeply. Consequently, the improvements achieved by matrix acidizing usually do not
cause oil or gas recovery in a low-permeability reservoir to become viable. By comparison,
the large-scale hydraulic-fracturing treatments being applied in shale formations like the
Eagle Ford or the Bakken increase well productivity by orders of magnitudes above the
productivity of an unstimulated well.

Various California regulations use different definitions and reporting requirements
regarding the use of acid in oil and gas wells. The interim regulations on well stimulation
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treatments that went into effect on January 1, 2014 (DOGGR, 2014a) defined a cutoff for
matrix acidizing in terms of a concentration of acid. The draft proposed regulations,
which are expected to go into effect on July 1, 2015 (DOGGR, 2014b), define matrix
acidizing as exceeding a certain volume of acid. This definition may significantly change
the number of reported operations in the future. The SCAQMD requires all acid use to be
reported, regardless of whether it is for stimulation or maintenance, as do the proposed
DOGGR regulations.

The proposed regulations will impose more monitoring and reporting requirements

when acid is used for matrix acidizing to increase permeability than when acid is used

for repairing well damage and restoring permeability. However, as a technical matter, it

is hard to distinguish between matrix acidizing to increase permeability and acidizing to
restore permeability. Any operation engineered primarily to restore permeability near the
well may also increase it farther away from the well. Using the definition in the proposed
regulations regarding acid volume and concentration, we have estimated that there are
about 15-25 matrix acid stimulations in the approximately 300 wells installed each month
in the state. Almost all the acid operations are located in five oil fields in the southwestern
portion of the San Joaquin Basin. The notices indicate an average matrix acidizing water
volume per well of 160 m® (42,000 gal).

Operators used acid fracturing in fewer than 1% of reported well stimulations currently
identified and noticed through May 2014 in California, all located in two fields in the
southwestern San Joaquin Basin. Acid fracturing generally only works in carbonate
reservoirs where the acid can react quickly to dissolve the rock. California has
predominantly silica-based reservoirs where the acid-mineral reaction rates are too slow
to etch the fracture walls and make acid fracturing successful. No reports of the use of
acid fracturing, even in the few carbonate reservoirs that California does have in the Santa
Maria and possibly the Los Angeles basins, were identified in the literature (Chapter 3).

Key Question 2: Where will well stimulation technologies allow expanded
production of oil and gas in California?

Conjectures about the potential of the Monterey Formation to provide significant new
supplies of oil using well stimulation technologies have driven public concern over the
use of these technologies. As was shown in Figure 1-1, the current production from
low-permeability strata in other parts of the United States vastly exceeds production
from low-permeability portions of the Monterey Formation in California. Furthermore,
the Monterey production level has remained fairly constant between 2000 and 2012,
whereas production from oil shales such as the Eagle Ford and the Bakken formations
has increased dramatically. However, in 2011, the US EIA estimated that the Monterey
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Formation contains 2.45 billion m® (15.4 billion barrels) of recoverable tight oil® (US EIA,
2011). This estimate of recoverable tight oil in the Monterey Formation gained broad
attention and raised the question whether California might experience the same type of
rapid increase in oil production and disruptive development of associated infrastructure
that occurred elsewhere in the country, such as in Montana and North Dakota (e.g.,
Garthwaite, 2013). The EIA has subsequently revised their estimate of recoverable oil in
the Monterey Formation downward to about 4% of the original estimate (US EIA, 2014).
Our review of both EIA estimates indicates that they both have large uncertainties. We do
not know much about the distribution and abundance of oil retained in deep Monterey
source rocks, or how successful production could occur, which makes determining the
potential for Monterey shale oil production using well stimulation highly uncertain.
(Chapter 4).

6. Conclusion: The most likely scenario for expanded oil production using well
stimulation in California is production in and near reservoirs in the San Joaquin
Basin that are already using these technologies.

Existing and likely future production is expected to come from reservoirs containing oil
migrated from source rocks. The United States Geological Survey (USGS) estimates that
approximately 1.6 billion m® (10 billion barrels) of additional oil are technically and
economically feasible to recover and might be produced near 19 existing giant fields*.
The San Joaquin Basin accounts for about 0.56-1.6 billion m® (3.5-10 billion barrels) of
this estimate and the Los Angeles Basin accounts for 0.22-0.9 billion m® (1.4-5.7 billion
barrels). Production would require unrestricted application of current technologies,
including, but not limited to, well stimulation. Figures 1-3(A), (B), and (C) show existing
oil and gas fields in California and locations where expanded production might occur in
the San Joaquin and Los Angeles basins, respectively.

Some but not all of this expanded production would require hydraulic fracturing. In
California today, production in the diatomite reservoirs of the San Joaquin Basin depends
on these technologies. Expanded production in similar reservoirs would likely also require
hydraulic fracturing. While the total number of hydraulic fracturing operations is much
smaller than in the San Joaquin Basin, about 25% of production in the Los Angeles Basin
is associated with hydraulic fracturing. Future production of remaining oil could use
similar technology (Chapter 4).

3. “Tight oil” refers to oil produced from low permeability rocks.
4. A giant field is defined by DOGGR as having greater than or equal to 16 million m* (100 million barrels) of

recoverable oil.
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Figure 1-3. Maps of major sedimentary basins and associated oil fields in California. (A) The
San Joaquin Basin with outlines of producing oil fields. USGS estimates an additional 0.56-

1.6 billion m?® (3.5-10 billion barrels) of oil could be recovered from existing fields in the San
Joaquin Basin. (B) The Los Angeles Basin with outlines of producing oil fields. USGS estimates
an additional 0.22-0.9 billion m? (1.4-5.7 billion barrels) of oil could be recovered from existing
fields in the Los Angeles Basin. (C) All major sedimentary basins and associated oil fields in
California. Data from DOGGR, Wright (1991), and Gautier (2014).
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7. Conclusion: Estimates of the potential for oil production in the source rocks of the
Monterey Formation remain highly uncertain.

New oil and gas production in regions removed from existing fields could occur, but
remain more uncertain than increased production in and near existing oil and gas fields.
A considerable amount of source rock, including the Monterey Formation and other
geologic units within the deeper portions of major basins, could potentially contain oil
that has not migrated (“source-rock” oil) and could perhaps be extracted by utilizing well
stimulation. The evolution of the Monterey Formation involved complex depositional
processes and subsequent deformation by a succession of tectonic events, resulting

in highly heterogeneous as well as folded and faulted rocks. Their resource potential

is quite difficult to characterize, and little information has been published providing
information on these deep sedimentary sections. As a result, the potential recoverable
resources associated with these rocks remain difficult to estimate. No reports of significant
production of source oil from these rocks have been identified to date (Burzlaff and
Brewster, 2014).

The US EIA 2011 INTEK report has garnered considerable attention because of its large
estimate of 2.45 billion m® (15.4 billion barrels) of technically recoverable oil in Monterey
Formation source rock. Little empirical data supports this analysis, and the assumptions
used to make this estimate appear consistently on the high side. INTEK estimated that the
average well in low-permeability source rock in the Monterey Formation would produce
88 thousand m?® (550 thousand barrels) of oil. This amount greatly exceeds the average
single-well oil production of only 11 and 22 thousand m?® (67 and 140 thousand barrels)
that has occurred to date from low-permeability rocks in the San Joaquin and Santa Maria
basins, respectively. Consequently the INTEK estimate requires a four- to five-fold increase
in productivity per well from an essentially unproven resource.

INTEK posited production over an area of 4,500 square kilometers (km?; 1,800 square
miles, mi?), almost the entire source rock area estimated in this report. However, there has
not been enough exploration to know what areas of the Monterey source rock had oil to
begin with and where it has retained that oil. It is unlikely the entire source rock area will
be productive, given the extreme heterogeneity in the Monterey Formation. Finally, even
if significant amounts of oil do remain in the Monterey Shale, and wells can successfully
reach this oil, the technology to produce the oil (which might include hydraulic fracturing)
has to result in economically viable production. For all these reasons, the INTEK estimate
of recoverable oil in Monterey Formation source rock warranted skepticism.

The EIA recently issued a revised estimate of 0.1 billion m® (0.6 billion barrels) of this
unconventional oil resource (US EIA, 2014b). The lower estimate results mainly from a
nine-fold reduction in the estimated potential resource area to 500 km? (190 mi?). Few
empirical data support either the first or second estimate of recoverable oil. Neither EIA
report includes the derivation of the values used in the calculations, nor a description of
the uncertainties associated with the input values. The information and understanding
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necessary to develop a meaningful forecast, or even a suite of scenarios about possible
recoverable unconventional oil in the Monterey shale, are not available.

Even though major production increases from shale oil-source rock are considered highly
uncertain, over time they are not impossible. Future exploration could identify new source
rock reserves that would likely require hydraulic fracturing for development. High-volume
proppant fracturing has enabled development of low permeability source-rock reservoirs
elsewhere. If large-scale proppant fracturing indeed works in source rocks in California as
it has in other low permeability plays in the United States, this would change the outlook
for oil and gas production in the state. The oil and gas industry constantly innovates,

and research and development could improve the utility of proppant fracturing in the
future. Deep test wells in source rock-shale plays have been drilled in California that with
research and development may eventually prove successful. Major California producers
still have ongoing Monterey source rock exploration programs, and thus a better
understanding of the Monterey source rock potential, challenges, and costs and rewards to
the producer and to California may come about as time goes by (Chapter 4).

8. Conclusion: The future development of new large, basin-wide unconventional
natural gas resources, such as has occurred in the Marcellus or Barnett shales or in
the Piceance Basin, is unlikely in California. Production in existing gas fields may be
enhanced with well stimulation in the future, although these technologies are not
widely used today.

The USGS estimated undiscovered conventional resources of between 4.0 and 31 billion
m? (140 and 1,100 billion cubic feet, ft*) of natural gas, with a mean estimate of 15
billion m?® (530 billion ft®) for the Sacramento Basin. The conventional reservoirs of the
Sacramento Basin exhibit few of the features of true basin-centered gas accumulations
(such as regional water expulsion, abnormal fluid pressures resulting from hydrocarbon
generation, and absence of hydrocarbon-water contacts). Geologists do not expect basin-
center gas accumulation to exist in the Sacramento Basin. While reservoir stimulation
techniques may improve natural gas production from low permeability reservoir rocks
sporadically, widespread development of unconventional gas resources in California using
well stimulation appears unlikely (Chapter 4).

9. Conclusion: If expansion of offshore oil production along California’s coast is
allowed in the future, this production would not likely require well stimulation
technology.

Billions of barrels of undiscovered and undeveloped recoverable oil exist off the California
coast, but both federal and state laws and policies restrict expansion of production into
new areas. Most current production offshore proceeds without well stimulation, and it

is most likely that new production will resemble existing production. The use of well
stimulation technologies discussed in this report in the offshore environment would not
affect production nearly as much as a change in current policies and regulations that now
restrict new production offshore.
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The U.S. Bureau of Ocean Management has estimated potential oil and gas reserves for
the offshore basins of California. Most of the existing offshore production occurs in the
Santa Maria, Santa Barbara/Ventura, and Los Angeles basins (Fig. 1-4). Large volumes
of discovered-but-undeveloped as well as yet-to-find petroleum exist in these basins. The
Bureau of Ocean Management and Bureau of Safety and Environmental Enforcement have
recently estimated that a mean technically recoverable resource of 176 million m® (1.11
billion barrels) of oil and 24 billion m® (840 billion ft*) of gas remain to be found and
developed in the federal outer continental shelf (OCS) of the Santa Maria and Partington
basins (Piper and Ojukwu, 2014), 213 million m® (1.34 billion barrels) of oil and 78
billion m* (2,740 billion ft®) of natural gas for the federal OCS of the Santa Barbara/
Ventura Basin, and around 140 million (0.89 billion) barrels of recoverable oil remaining
to be found in the offshore areas of Los Angeles Basin. These resources are likely similar
to those that have already been found and developed, which typically occur in sandstone
and fractured siliceous quartz-phase Monterey Formation reservoirs, and thus will not
require the use of well stimulation. Much less is known about the Point Arena Offshore,
Bodega Basin, and Afio Nuevo Basins, which are located north of the currently producing
offshore fields. The US Minerals Management Service estimated that these three basins
contain a mean undiscovered oil resource of about 670 million m?® (4.2 billion barrels) of
oil, and about 130 billion m*® (4,500 billion ft*) of natural gas (Dunkel et al., 1997). This
1995 estimate is similar to their 2011 assessment, which reports about 660 million m?
(4.12 billion barrels) of technically recoverable oil and about 124 billion m® (4,370 billion
ft®) of natural gas from these three basins (Piper and Ojukwu, 2014). A large portion

of the California offshore basins occurs in the federally defined Cordell Bank, Gulf of

the Farallones, Monterey Bay, and Channel Islands National Marine Sanctuaries, where
petroleum exploration is forbidden (Chapter 4).
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Figure 1-4. Maps of offshore sedimentary basins in (A) central and (B) southern California,

with locations of existing state and federal offshore leases, adapted from Dunkel et al. (1997)

and Dunkel and Piper (1997).

Conclusion 10. Acid stimulations in California reservoirs are not expected to lead to

major increases in oil and gas development in the state.

While acidizing technology is used to stimulate wells in California, it is not expected to

lead to dramatic increases in oil and gas development as has hydraulic fracturing. Acid

stimulations can be effective in carbonate reservoirs, but these are rare in California. A

successful matrix acid treatment in the California siliceous environment does not increase

formation permeability, but is limited to removing near-wellbore permeability damage.

The rate that acid dissolves silica-type rocks would have to increase by a factor of 10,000
to work as well as it does in carbonates. Such large changes in effectiveness seem highly

unlikely (Chapters 2 and 3).
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Chapter Two

Advanced Well Stimulation
Technologies

Abstract

This chapter provides background information on the materials and methods used to
perform the three common well stimulation methods: (1) hydraulic fracturing, (2) acid
fracturing, and (3) matrix acidizing. Operators perform a hydraulic fracturing treatment
by injecting a fracturing fluid into a well at sufficient pressure to fracture the target
formation. Once fractures form, operators inject a granular material (proppant) into the
fractures to prop the fractures open after the injection pressure is relieved—otherwise, the
fractures would close. Acid fracturing is similar to hydraulic fracturing, except that an acid
solution is injected instead of proppant to prevent loss of the fracture openings after the
injection pressure is relieved. This is accomplished by the acid etching channels into the
fracture surfaces.

Commonly, both fracturing stimulation methods generate deeply penetrating fractures
into reservoirs with low permeability (permeability is the ability of the rocks to conduct
fluid, including oil, gas, or water), thereby providing relatively conductive flow pathways
to the well. The main exception is a smaller-scale variant of hydraulic fracturing known as
a “frac-pack,” which is commonly used to redirect flow near the well to prevent formation
sand and other particulates from entering the well and bypass damaged zones near the
well. Matrix acidizing involves the injection of an acid solution into the formation to
dissolve formation rock or fine materials that impede fluid flow in a region near the well.
Matrix acidizing treatment takes place at lower pressures and does not produce fractures.

The application of well stimulation technologies for petroleum production in California
depends on the following:

1. Reservoirs that are relatively more permeable or are relatively weak mechanically
(ductile) tend to require less intensive fracturing. Less intensive fracturing
requires smaller volumes of fracture fluids. Reservoirs that are less permeable
and are relatively strong mechanically (brittle) tend to require more intensive
fracturing, and consequently larger volumes of fracture fluids.

2. Acid fracturing can work well in carbonate reservoirs, i.e., those rich in limestone

and dolomite. California’s oil and gas resources are primarily found in silicate-rich
rock rather than carbonate rock.
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3. The principal use of matrix acidizing in silicate-rich rock is to remove near-
wellbore permeability damage, and the technique has a limited effect on larger-
scale reservoir flow characteristics. A possible exception would be reservoirs in
which acidizing may open up natural fractures by dissolving plugging material.

4. Offshore fields tend to have moderate-to-high permeability, so operators
commonly use frac-packs to bypass formation damage and control sand
production rather than fracturing to open permeable flow pathways.

2.1. Introduction

The term stimulation with respect to petroleum production refers to a range of activities
used to increase the petroleum production from reservoirs (rocks containing oil and

gas in pore spaces or in natural fractures) by increasing reservoir permeability. There
are two distinct situations that lead to the use of stimulation technologies. The first is
damage induced by well drilling and construction and through oil and gas production
operations (Economides et al., 2013). Damage may occur in the form of blocked
perforations in the well casing through which oil and gas flows, e.g., by scale formation
(mineral precipitation) or sand production from the reservoir into the well (Ghalambor
and Economides, 2002). Damage can also occur to the rock in the immediate vicinity

of the well as a result of mechanical disturbances and chemical interaction with the
fluids (drilling mud) used during drilling. For example, pores may be plugged by drilling
mud, particulates or swelling clays, or fine particles in the rock may migrate into the
well (Ghalambor and Economides, 2002). Mechanical damage in the form of crushing
and compaction of the rock may occur as a result of creating the perforations (holes)
through the casing. The perforation process is carried out by shooting a high-velocity jet
produced by a shaped charge through the steel casing and cement and penetrate a short
distance into the rock. The perforations connect the well to the reservoir (Ghalambor and
Economides, 2002). Techniques to correct these adverse impacts of well construction by
clearing blockages in the well, or restoring the permeability of the rock, are termed
well stimulation. These forms of well stimulation are considered maintenance activities
that are directed at the well or the immediate vicinity of the well affected by drilling
or well construction.

The term stimulation also refers to the use of techniques to open permeable flow paths
between the undisturbed reservoir rock and the well or increase reservoir permeability,
such that it can provide economic rates of hydrocarbon production (permeability is the
ability of the rocks to conduct fluid including oil, gas, or water). This stimulation is also on
occasion termed well stimulation, but is perhaps more precisely called reservoir stimulation
(Economides et al., 2013). The focus of this report will be on stimulation technologies
whose purpose is to open permeable flow paths in the reservoir or increase reservoir
permeability and these technologies will be referred to by the term well stimulation, or
simply stimulation. This is in accord with the definition of well stimulation in Section 3157
of Division 3, Chapter 1 of the California Public Resources Code.
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2.2. The Purpose of Stimulation Technologies

As described above, the production of oil and gas from a reservoir depends on reservoir
permeability, but it is also a function of reservoir thickness, the viscosity of the fossil fuels
produced, well radius, and other factors. Because of the complexity of the problem, an
exact permeability threshold for the use of well stimulation technologies does not exist
(Holditch, 2006). However, the likelihood that well stimulation is needed to economically
produce oil and gas increases as the reservoir permeability falls below about 10*° square
meters (m?; about 1 millidarcy, md) (e.g., King, 2012).

A hydrocarbon reservoir is typically classified as unconventional if well stimulation is
required for economical production. Guidelines concerning the classification of petroleum
resources (World Petroleum Council, 2011) categorize a reservoir as unconventional if it
is spatially extensive and yet not significantly affected by natural flow processes. The oil in
the Bakken play in North Dakota is an example of such an accumulation. A different and
quantitative definition proposed by Cander (2012) is shown in Figure 2-1, in which the
permeability of the reservoir and viscosity of the oil or gas are used to define conventional
and unconventional. This definition is an alternative guide to the conditions amenable to
well stimulation.

Unconventionals can be defined on a graph of viscosity () vs. permeability (k)
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Figure 2-1. Definition of unconventional hydrocarbon resource (Cander, 2012)
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The threshold between conventional and unconventional is defined by practical
considerations. Unconventional resources require the use of technology to increase
hydrocarbon flow rate or the fluid viscosity to produce the oil and gas at commercially
economic rates, although stimulation can increase rates even in otherwise commercial
wells. Conversely, conventional resources can be produced commercially without
altering permeability or viscosity (Cander, 2012). This report focuses on well stimulation
technologies for reservoirs that are unconventional because of small permeability.
Enhanced oil recovery methods for reservoirs that contain viscous oils are not treated

in this report.

There are three main well stimulation technologies: hydraulic fracturing either using
proppant (traditional hydraulic fracturing) or acid (also known as acid fracturing) and
matrix acidizing. (Economides and Nolte, 2000). Hydraulic fracturing is a stimulation
technique that uses high pressure fluid injection to create fractures in the rock and then
fill the fractures with a granular material called proppant to retain the fracture openings
after the fluid pressure is relieved. The large -permeability fractures then act as pathways
for hydrocarbon to flow through to the well. Acid fracturing is similar in that fluid is
injected under pressure to create fractures, but then acid is injected to etch channels into
the fracture walls to retain fracture permeability instead of injecting proppant. Matrix
acidizing is a stimulation method in which acid is injected below the pressure necessary to
create fractures. The acid dissolves plugging materials and/or the reservoir rock near the
well primarily to mitigate permeability damage caused by drilling, well construction and
operations. In carbonate reservoirs, matrix acidizing can result in limited stimulation of
reservoir permeability beyond the near-well region. Because these methods do not reduce
viscosity, they are primarily targeted at rock formations containing gas or lower-viscosity
oil, although they may be used with thermal stimulation for heavy oil.

The main technologies currently used for the production of most unconventional
reservoirs are horizontal drilling combined with some form of hydraulic fracturing
(McDaniel and Rispler, 2009). Because of this close association, horizontal wells are

also discussed in this report. Relatively simple geologic systems have nearly horizontal
deposition and layer boundaries, and typically have much longer dimensions along the
horizontal directions compared with the (usually) vertical dimension perpendicular to
bedding. Horizontal drilling allows a well to access the reservoir over a longer distance
than could be achieved with a traditional vertical well. An example of horizontal and
vertical wells is in Figure 2-2 for the Eagle Ford play in Texas, which consists of a
calcium-carbonate rich mudstone called marl. Some regions of the Eagle Ford produce
non-associated gas, which are considered unconventional shale gas resources, and some
produce oil, which are considered unconventional shale oil resources. “Shale o0il” discussed
here differs from “oil shale,” which is a rock that contains a solid organic compound
known as kerogen. When exposed to a certain range of temperatures, kerogen decomposes
into crude oil. In this case, the horizontal well intercepts about 1,500 meters (m; 4,900
feet, ft) of reservoir as compared with about 80 m (262 ft) by the vertical well.
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Figure 2-2. Example of horizontal and vertical wells in the Eagle Ford play (stratigraphy from
Cardneaux, 2012)

Hydraulic fracturing induces fractures by injecting fluid into the well until the pressure
exceeds the threshold for fracturing. The induced fractures emanate from the well into
the reservoir and provide a high-permeability pathway from the formation to the well, as
shown on Figure 2-3. One of the goals of the fracturing operation is to only fracture rock
within the target reservoir; if the hydraulic fracturing strays out of the low-permeability
target zone, there will be a “short-circuiting” effect, as more permeable units will
contribute production fluids. During portions of a hydraulic fracture treatment, “proppant”
(natural sand or man-made ceramic grains) is generally pumped in the frac fluid to prop
the fracture(s) open, to maintain fracture conductivity after the treatment is completed
and the well is put on production. The effective stress imposed on a fracture plane and
the proppant within the fracture is the total stress perpendicular to the fracture plane
minus the pore pressure within the fracture. The use of proppant becomes particularly
important for maintaining fracture permeability as formation fluids, a load-supporting
element of formation strength, are removed by production. The creation of a highly
permeable fracture network allows for the effective drainage of a much larger volume of
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low-permeability rock, and thus increases the hydrocarbon flow rates and total recovery.
Another variation of hydraulic fracturing is called acid fracturing, where acid is injected
instead of proppant. The acid etches channels into the fracture surfaces, which then
prevent the natural overburden stress from closing the fractures and allows fluid-flow
pathways to remain along the fractures even after the injection pressure is removed.
Industry comparisons of stability of propped fractures to that of acid fractures indicate
that propped fractures are usually more stable over time, especially in sandstones and soft
carbonates (Abass et al., 2006).

80m

’a
<

Figure 2-3. Hydraulic fractures initiated from a series of locations along a cased and perforated
horizontal well.

Matrix acidizing is injecting acidics at pressures less than the fracture pressure, such that
the acid dissolves acid-soluble minerals in the rock matrix or the acid soluble plugging
components in the pores. The end result is enhanced flow pathways through the rock
matrix. By comparison, however, the penetration into the formation of enhanced
permeability caused by matrix acidizing is not typically as extensive as it is after hydraulic
fracturing with proppant or acid. The two important exceptions in carbonate reservoirs are
the creation of more deeply penetrating channels, known as wormholes, and deeper acid
penetration into more permeable fractures of naturally fractured reservoirs (Economides
et al., 2013).
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Well drilling and construction, hydraulic fracturing, and matrix acidizing are discussed
in more detail below.

2.3. Well Drilling, Construction, and Completion

Well drilling, construction, and completion are necessary steps for conducting production
operations from the vast majority of hydrocarbon reservoirs. (Some shallow hydrocarbon
deposits, such as oil sands, can be mined from the surface.) Well construction is the
installation of well casing and cement that seals the annular space between the casing
and the formation as drilling proceeds. Well casing and cement provide the main barriers
against contamination of groundwater in upper formations by native (e.g., deeper and
more saline groundwater), injected, or produced fluids during well operation.

Well completion is a separate step following drilling and construction of the well. Well
completion can be done to configure and optimize the well for hydrocarbon production, or
well completion techniques such as hydraulic fracturing and acid fracturing can optimize
the formation for hydrocarbon production. Types of well stimulation described are those
required for well completion. Completion includes (as needed) sand control (gravel
packing and frac-packs), perforation of the production casing, installation of production
tubing, matrix acidizing, hydraulic fracturing, and acid fracturing. Sections 2.3.1- 2.3.3
covers onshore well drilling and construction; offshore well drilling and construction are
covered in Section 2.3.4.

2.3.1. Well Pads

Wells on land (onshore) are drilled on a prepared surface known as a well pad. The well
pad is the area of land used for the drilling rig, equipment and for the facilities for holding
and processing drilling muds. After well drilling is complete, the pad is used to hold all of
the equipment and facilities used for well stimulation treatments, such as water tanks, gel
storage unit trucks, chemical storage trucks, transfer pumps, proppant storage trucks or
bins, blender units, and pumps to inject the fracturing fluids into the well.

Once the well pad location and size has been determined, the area is cleared of vegetation
and leveled. The topsoil is excavated and stored near the pad for subsequent site
restoration (US Fish and Wildlife Service, 2014). Well pads are usually covered with
gravel that is compacted to a flat surface. The flat surface is particularly important for
multi-well pads so that the drilling rig on the pad can be moved to different locations on
the pad without having to disassemble and reassemble the rig. A geotextile is sometimes
placed under the gravel for mechanical support of the gravel and can also act as a spill-
protection barrier (Pennsylvania Department of Conservation and Natural Resources
Bureau of Forestry, 2011). (A geotextile is a synthetic permeable textile material used

to permit water movement, retard soil movement, add reinforcement, and provide
separation between overlying and underlying soils or rock.) The preparation of a well pad
also usually includes storm water and sediment (erosion) control and drilling fluid pits
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or tanks. Drill pad sizes generally range from about 4000 to 8000 m? (44,000 to 130,000
square feet, ft?) for vertical wells and 8000 to 24,000 m? (44,000 to 260,000 ft2) for
horizontal wells (Smrecak, 2012; US Department of the Interior, 2011; US Department
of the Interior and US Department of Agriculture, 2013) but may be smaller in urban
environments. High-volume hydraulic fracturing can require a larger well pad because of
the amount of water and proppant that needs to be stored on the pad and made readily
available for injection.

2.3.2. Vertical Wells Onshore

Until the 1980s, the vast majority of petroleum production wells worldwide were vertical
wells (US EIA, 1993). Although the use of horizontal-well technology has steadily
increased since that time, vertical wells are still being drilled for petroleum production.
(Horizontal wells, discussed in Section 2.3.3, are an important technological development
for production from source-rock shale reservoirs.) This fact means that older wells tend
to be vertical.

Nearly all oil or gas wells (vertical or horizontal) are drilled using the rotary drilling
method (Culver, 1998; Macini, 2005a). The first major oil discovery using rotary drilling
was made at Spindletop near Beaumont, Texas, in 1901 (Geehan and McKee, 1989).
There are a several methods used to drill wells, but most of these alternative methods
are used for wells less than 600 m (1,970 ft) deep (ASTM, 2014) and therefore are not
suitable for most oil or gas wells, which average over 1,500 m (4,920 ft) deep in the US
(US EIA, 2014). Even in California, where there are significant oil resources developed at
shallow subsurface depths (< 600 m (1,970 ft) in depth, see Chapter 3), rotary drilling is
the main method used for oil and gas wells (Jenkins, 1943).

2.3.2.1. Rotary Drilling Process and Drilling Muds for Onshore Wells

The rotary drilling process is conducted from a drilling rig at the ground surface. The
drill bit and other components, such as weights called drill collars, make up the bottom-
hole assembly that is connected to the first section of drill pipe, and then is put in place
below the drilling rig floor to begin. The drill pipe is connected to a square or hexagonal
pipe called the “kelly.” The kelly is turned by a motor via the rotary table in the floor

of the drilling rig and a kelly bushing that connects to the kelly. Alternatively, a newer
system known as “top drive” can be mounted to the rig derrick that turns the drill pipe
(Macini, 2005a). In either case, the rotational coupling with the drill string (collectively
the drill pipe and bit) permits vertical movements such that the desired downward force
can be applied to the drill bit while it is rotating. (More recent technology has led to the
development of downhole motors that drive rotation of the drill bit; therefore, rotation
of the drill pipe is not required. This technology is particularly important for directional
drilling and will be discussed further in Section 2.3.3.) When the hole has been drilled
deep enough to hold the bottom-hole assembly and drill pipe, another section of pipe is
added and the process is repeated.
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As drilling proceeds, the bit is supplied with drilling mud, which is denser and more
viscous than water, through a nonrotating hose that connects to the top of the kelly
through a connection called a swivel. Drilling mud flows down the drill string and exits
through ports on the face of the drill bit. This action flushes drill cuttings away from the
drilling face and up the annulus between the drill pipe and the borehole wall or casing
pipe, and the mud holds the boring open against formation pressures. The circulating mud
exits the annulus and is recycled back to the well after the cuttings have been separated
from the mud (Varhaug, 2011). Figure 2-4 shows the components of the drilling mud
circulation system.

Figure 2-4. Drilling mud circulation system. Arrows indicate mud flow direction (modified from
Macini (2005a) and Oil Spill Solutions (2014))

Drilling fluids have several important functions. As mentioned previously, the mud
continuously cleans the cuttings off the bit face and transports them out of the hole. The
mud also limits the rate at which cuttings settle in the borehole annulus, so that the drill
bit is not quickly buried by cuttings whenever the mud flow is temporarily stopped. The
mud also serves to lubricate and cool the drill bit. Finally, the mud provides hydraulic
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pressure to help stabilize the borehole walls and control native fluid pressures in the
rock, to prevent an uncontrolled release (blowout) of these fluids through the borehole.
When a downhole motor is used, the energy of the flowing drilling mud also drives the
bit rotation.

There are three basic types of drilling fluids: (1) aqueous-based mud; (2) hydrocarbon-
based mud; and (3) gas, aerated, or foam muds (Khodja et al., 2013), in which the
classification is based on the predominant fluid in the mud. One of the critical factors
that influences the choice of mud used is the clay content of shale encountered by the
borehole. Shales make up about 75% of drilled formations, and about 70% of borehole
problems can be associated with shale instability (Lal, 1999). (Note—there is a distinct
difference between unstable shales (e.g., gumbo) which have a large clay content, and
shale source rocks which often have modulus of elasticity numbers comparable to very
fine grain, low-clay-content sandstones.) Clay hydration caused by water-based muds
often lead to reduced rock strength and instability in the borehole. This can result in a
variety of problems, including borehole collapse, tight borehole, stuck pipe, poor borehole
cleaning, borehole washout, plastic flow, fracturing, and lost circulation and well control
(Lal, 1999). Furthermore, borehole wash-out in the shale sections can result in problems
for cementing the casing in these sections and thus impede the ability to isolate zones and
control leakage along the well outside the casing (Brufatto et al., 2003; Chemerinski and
Robinson, 1995). Because of these issues surrounding interaction of water with shale,
oil-based muds are considered more suitable for drilling through some shale formations.
However, because of environmental issues associated with the use and disposal of
drilling muds, more suitable water-based muds for drilling through shale continue to be
developed (Deville et al., 2011). Another strategy used to minimize the environmental
effects of drilling muds is to use water initially to penetrate the freshwater aquifer zone,
then progress to more complex, water-based inhibitive muds, and then to oil-based muds
at greater depth (Williamson, 2013).

2.3.2.2. Well Casing and Cementing

Wells are secured at discrete intervals as the borehole is being drilled by installing a steel
pipe with diameter slightly smaller than the borehole diameter. This pipe, termed casing,
is then fixed in place by filling the annulus between the pipe and the borehole wall with
cement. After installing the casing, the pathway for fluid movement along the borehole is
restricted to the circular interior of the casing. The casing provides mechanical support to
prevent borehole collapse and hydraulically isolates flow inside the casing from the rock
formations around the well. Furthermore, the casing, in combination with the cement,
impedes fluid movement along the borehole outside the casing between the different
formations encountered, and to the ground surface as well. This function is referred to as
“zonal isolation” (Nelson, 2012; Bellabarba et al., 2008).

Zonal isolation is accomplished by filling the annulus between the casing and the

formation with cement, which bonds the casing to the formation. Different types of
cements are used depending on conditions of depth, temperature, pressure, and chemical
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environment (Lyons and Plisga, 2005). Cement placement and curing processes have to
address numerous factors for the cement to be an effective barrier to fluid movement
behind the casing (API, 2010). After placement and curing of the cement, American
Petroleum Institute (API) guidelines recommend that each section of cemented casing

be pressure tested to ensure that the cement is capable of withstanding the pressures to
be used during well operations (API, 2009; 2010). Furthermore, wireline logging tools
are recommended after the cement job to verify that the well is correctly cemented and
there are no hydraulic leakage paths. This is accomplished using acoustic tools (sonic and
ultrasonic) that can determine the quality of the cement bond and can detect channels
(API, 2009; Griffith et al., 1992).

The first casing to be installed is called the conductor casing (essentially a pipe with
diameter larger than any of the other casings in the well), shown in Figure 2-5. This
casing prevents the typically weak surficial materials from collapsing into the drill hole.
The conductor casing is either driven into the ground by a pile driver or placed in the

hole after drilling (API, 2009). The length of the conductor casing is normally 30-50 m
(98.4-164 ft) (Macini, 2005a), but generally less than 91 m (229 ft) in length (Burdylo
and Birch, 1990). If the conductor pipe is not cemented, it is not strictly considered as part
of the well casing (Macini, 2005a).

Figure 2-5. Schematic cross section of well casing and cement configuration. Casing extends
above ground surface for connection to wellhead. (redrawn and modified from API, 2009)
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The next casing installed is called the surface casing. The purpose of the surface casing is
to protect freshwater aquifers from drilling mud and fluids produced during the life of the
well, and to isolate these zones from overlying and underlying strata. The surface casing
is necessarily smaller in diameter than the conductor casing and is typically about 91 m
(299 ft), but can extend farther up to about 305 m (1,000 ft) in depth (King, 2012). Once
the target depth for the surface casing is reached, the surface casing is inserted into the
borehole and the annulus between the casing and the borehole wall and conductor casing
are cemented. The casing extends from the bottom of the hole to the ground surface.
Cement must extend from the bottom of the surface string to the surface, and the ability
of the pipe and cement to seal pressure is typically evaluated by test.

The surface casing (or conductor casing if it is cemented) is used to anchor the wellhead,
which provides the interface between the well and equipment attached to the wellhead
above the ground surface. During drilling operations, an operational and safety valve
system called a blowout preventer is attached to the wellhead. After drilling is complete,
the blowout preventer is replaced by a different system of pipe hangers, valves, and
flow-directing outlets called a Christmas tree, which is used for production operations
(Macini, 2005a).

Drilling then proceeds until the next casing, which could be the production casing or an
intermediate casing (needed for deeper wells). In either situation, the next section of
casing is assembled and inserted into the borehole, and the annulus is cemented to a point
where all gas-charged or salt water-charged zones are covered and sealed. Production
casing extends through at least part of the surface casing (on shallow wells) or the
intermediate casing (on deeper wells) and extends to the top of the producing interval in
an open-hole completion or to the bottom of the drilled hole in a cased-hole completion.
The production casing is the last section of casing that either enters the reservoir (if the
production is to be done through an open hole) or extends throughout the production
interval of the borehole. In some instances, a production liner is used that does not extend
the full length of the hole. Instead, the liner hangs off the base of and is sealed to the
intermediate casing and is not always cemented. The production liner is suspended by use
of a liner hanger packer set within a cemented section of the intermediate casing, allowing
an overlap section between the production liner and the intermediate casing that can be
filled with cement with a bonding area of a hundred meters or more.

The casing is subject to hydraulic and mechanical stress, including axial tension caused
by its own weight as well as dynamic stresses caused by installation and operational
activities, external fluid pressures from the formation during cementing operations, and
internal fluid pressure during drilling and operations. Thermal stresses are also present,
and formation induced stresses of creep and seismic movement must be accounted for in
the design. These stresses need to be taken into account when selecting casing type and
size (Lyons and Plisga, 2005). For systems that will be used for hydraulic fracturing, the
high levels of fluid pressure imposed also need to be taken into account for casing and
cement selection (API, 2009).
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Cementing the annulus of the casing is essential for control of leakage along the well
outside the casing. After a casing segment has been put into the borehole, a set of
cementing activities that clear the mud from the path of the cement, and remove excess
dehydrated mud from the wall of the formation, are performed to increase the bonding
of the cement to the formation and the pipe, and develop a cement sheath that acts as a
barrier to flow between the non-producing formations and the wellbore. Oilfield cements
are usually calcium silicate type (Portland) cements containing additives depending on
well depth, temperature, and pressure conditions, borehole rock characteristics, and
chemical environment (Economides et al., 1998).

Additives are used for a variety of reasons. Many of these same additives are used in
hydraulic fracturing, with the same objective. Cement additives perform several actions,
including altering the curing time, controlling water loss and solids/water separation,
preventing damage from heat or CO,, and preventing gas migration—among other things.
Water loss and curing reactions that result in shrinkage cracking have been identified

as significant factors leading to leakage behind the casing (Dusseault et al., 2000).
Various polymers are typically used to prevent water loss (Economides et al., 1998), and
magnesium oxide is used to cause an expansion of the cement upon curing (Joy, 2011).
The ability of the cement to withstand stresses and borehole flexure without fracturing is
increased by the addition of elastomeric fibers such as polypropylene (Sounthararajan et
al., 2013; Shahriar, 2011).

After the required volume of mud pre-flushes, dispersants and spacers are pumped down
the casing and, once the fluids reach the bottom of the well, the materials turn and are
displaced up the annulus to prepare the formation and pipe for cement bonding, A volume
of cement is pumped that will displace the other materials up the annulus and allow a
strong bond to be formed that will complete the seal and effectively isolate the well. When
the cement reaches the bottom of the hole, the cement continues to displace the resident
fluids ahead of it upward along the outside annulus of the casing. The injection ends when
the cement fills the annulus to the designed top of cement point. Deep intermediate or
production casings may not be cemented to the top of the casing. This is because the high
fluid pressure associated with the dense cement slurry over these longer intervals can
fracture the formation (King, 2012). Once the cement sets, the residual cement and any
remaining items from the cement operation that are at the bottom of the hole are drilled
out to continue deepening the borehole. A simple schematic of the casing and cement
configuration is shown in Figure 2-5.

A number of problems can occur that lead to incomplete cementing around the casing.
These include mixing of the cement and the drilling mud, poor displacement of the
drilling mud by the cement, off-center casing that contacts the borehole wall, excessive
water loss from the cement, and gas migration through the cement prior to setting (API,
2010; King, 2012). Any of these could lead to incomplete cement behind the casing and
the potential for leakage along the casing. Because these issues are well known, several
methods are available to optimize cementing and make these issues unusual. For example,
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to avoid mixing between the cement and the drilling mud, a chemical washer is injected
ahead of the cement to help clean out the drilling mud and provide a fluid gap between
the cement and the drilling mud. Wiper plugs that are placed just in front of and behind
the cement slug that is injected into the casing also prevent cement contamination by the
drilling mud (Nelson, 2012). Casing centralizers are used to position the casing in the
middle of the borehole to avoid trapping mud between the casing and the borehole wall
(leading to mud channels in the cement). Additives are used to reduce cement shrinkage
and permeability during setting, and to accelerate setting times, to avoid gas migration
problems in the cement (Bonett and Pafitis, 1996).

Although unlikely, leakage along wells is considered the most likely route for injected
fracturing fluids or reservoir fluids to migrate into overlying strata (King, 2012). Both
casing and cement design need to account for any operational pressures and chemical
environments that may occur during well stimulation. If the design is not adequate,
leakage can result.

2.3.3. Directional Drilling and Horizontal Wells Onshore

Directional drilling was initially developed in the late 1920s and 1930s (Gleason, 1934;
Kashikar, 2005). Directional drilling refers to well construction with at least one section
that has a curved axis. A horizontal well is a special case of a directional well in which the
well axis is curved along an arc to approximately 90 degrees from the vertical, followed by
a straight horizontal section, also referred to as a lateral. The technology required several
improvements before it started to be used the 1970s; its application became widespread
by the 1990s (Williams, 2004). By the end of 2012, 63% of wells drilled in the US were
horizontal, 11% were directional, and only 26% were vertical (Amer et al., 2013). The
preponderance of new horizontal wells results from the growth of shale gas and shale

oil development.

2.3.3.1. Drilling Process and Drilling Muds

The operations discussed for vertical wells generally apply to the initial phases of drilling a
well that will include intentionally curved deeper sections. Directional drilling begins at a
kick-off point after the initial vertical section is drilled. One of the first methods developed
for establishing a deviation in direction used a mechanical device known as a whipstock,
which is a wedge-shaped tool placed in the bottom of the hole that forces the drill to
deviate from the vertical direction (Giacca, 2005). A major improvement in directional
drilling was the development of steerable systems that use a downhole motor, in which
the energy of the drilling fluid can be used to drive bit rotation. The steerable system
eliminates the need for a whipstock for directional or horizontal wells. In this system,

the direction of the drill bit is bent slightly relative to the drill string axis. Drilling by
rotating the drill string causes the bit to drill in a straight line aligned with the drill string.
By setting the drill string at a fixed angle and turning the bit through the energy of the
drilling mud flow, the angle between the bit and the drill pipe can be maintained. The bit
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is rotated using the positive-displacement motor and drills ahead at the angle set by the
position of the drill string, which does not rotate, and slides behind the bit. This method
creates a somewhat tortuous borehole when drilling curved sections, making drilling
more difficult, as well as greater difficulty in formation evaluation and running casing
(Williams, 2004).

The latest technology, called rotary steerable drilling, allows for continuous drill-string
rotation in curving and straight sections. Changes in direction are imposed by either a
point-the-bit system similar to the bent steerable system just discussed, or a push-the-bit
system in which pressure is applied by pushing against the borehole wall (Downton et al.,
2000). The key difference is that the rotary steerable system mechanics allow continuous
rotation of the drill string and produces much smoother and less tortuous curved
boreholes. The greatest advantage of a rotary steerable system is that continuous rotation
reduces the friction between the drill string and the formation, allowing better transfer
of weight to the bit and enhanced cleaning of the cutting from the hole. Sliding (i.e., no
rotation) results in less weight on bit and much slower drilling. Control of the drilling
direction is done from the surface by sending signals to steering actuators at the drill bit
through a series of pressure pulses in the drilling mud (Giacca, 2005), a process referred
to as mud pulse telemetry (MPT) (Downton et al., 2000).

In addition to development of improved directional control (inclination and azimuth)

and borehole quality, there has been the development of methods to measure the local
temperature and pressure conditions, as well as the orientation and motion of the drill
bit. This measurement technique is referred to as “measurement while drilling” (MWD),
and the information is transmitted to the surface using MPT (Downton et al., 2000; Amer
et al., 2013). Thus, the conditions and path of the drill bit is known in real time to help
control the drilling process. More recently, sophisticated technology to perform formation
evaluation measurements, such as resistivity, gamma ray, sonic, and magnetic resonance
measurements, have been integrated into the drilling process and may also be received in
real time through MPT (Amer et al., 2013). For drilling in shales, the inclination, azimuth,
and gamma ray activity are the most critical data. The information on borehole trajectory
and changes in the formation allow for “geosteering,” in which directional drilling is
actively controlled using real-time data to properly position the borehole relative to the
target formation.

The various drilling muds discussed for drilling of vertical wells are also used for
directional drilling. Oil-based muds have an advantage for drilling systems in which
the drill string does not rotate because the oil-based mud provides better lubrication

of the long horizontal well lateral - i.e., sliding pipe along the lateral. The demands of
high-angle and horizontal drilling, and extensive drilling path lengths through shales
for unconventional reservoirs, result in greater use of oil-based drilling muds. However,
alternative water-based muds for these conditions are being developed because of the
greater environmental risks and costs associated with oil-based muds. Success using
water-based muds requires development of custom formulations based on the specific
reservoir rock and conditions to be encountered (Deville et al., 2011).
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Directional wells can be drilled with long, medium, or short radius curves. The longer-
radius wells are typically used when the objective is extended horizontal reach (thousands
of meters), while medium and short radius wells are used when a shorter horizontal leg
(~1,000 m (3,280 ft) for medium radius and up to 300 m (984 ft) for short radius) is
needed, and/or when highly accurate placement is necessary (Giacca, 2005). Directional
drilling also allows for the construction of multilateral wells where a single vertical bore is
used to kick off one or more lateral legs from a cased hole (Fraija et al., 2002; Bosworth
et al., 1998). The lateral leg is initiated using a whipstock and a milling assembly to cut

a well lateral from a cased hole (Fraija et al., 2002; Bosworth et al., 1998). The advances
in directional drilling technology discussed here have also led to greater capabilities in
terms of well depth and lateral drilling distances. Horizontal wells have been drilled to
lateral distances in excess of 10,000 m (32,800 ft) (Sonowal et al., 2009). True vertical
well depths up to about 7,010 m (23,000 ft) have been achieved for horizontal wells with
lateral reach up to about 3,000 m (9,840 ft) (Agbaji, 2009; Bakke, 2012).

2.3.3.2. Well Casing and Cement

The casing and cementing of the vertical section of a directional well are the same as
described in Section 2.3.1.2. There is, however, greater variation in the casing and
cementing configurations used for horizontal wells. This variation is in part driven by the
hydraulic fracturing approach utilized, so the description of horizontal well completions is
given in the next section.

2.3.4. Drilling and Well Construction Offshore

Offshore drilling and well construction are similar in many respects to onshore well
drilling and construction. The same rotary drilling process is used along with well casing
and cementing. One of the major differences is the offshore platform itself that serves as
the well pad in the offshore environment. For offshore production activities, directional
drilling is critical for accessing conventional reservoirs because of the difficulty and
expense of locating additional platforms. Directional and horizontal drilling is used so that
the reservoir can be accessed from limited well spud locations (Inglis, 1987). Furthermore,
the operational area on the platform is typically much more limited than on well pads for
onshore operations.

There are two basic types of offshore platforms from the perspective of drilling
operations: those with surface wellheads and those with subsurface wellheads (Macini,
2005b). Standing platforms have surface wellheads and come in two varieties, fixed and
mobile. Fixed platforms are permanent offshore structures used for the production of
hydrocarbons. These are typically used for water depths less than 200 m (656 ft) but have
been used in water depths up to 500 m (1,640 ft) (US EIA, 1999).

All of California’s offshore platforms are fixed (Schroeder and Love, 2004), with water
depths up to 365 m (1,200 ft) (Bureau of Ocean Energy Management (BOEM), 2014).
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Another type of standing structure is the jack-up platform, which is a mobile and
temporary structure used for drilling and stimulation operations in water depths of 100 m
(328 ft) or less. The jack-up has a floating vessel hull fitted with long legs at the corners
of the hull. Once it arrives at the location where it is to be used, legs are lowered onto

the seafloor that lift the hull out of the water to the appropriate height for performing
drilling or other operations (Macini, 2005b; Pallavicini, 2005). The methods for drilling
and well construction from standing platforms are nearly the same as for onshore (Macini,
2005b). The conductor pipe and other casing pipes extend from their intended position
in the borehole, through the ocean water column, all the way above the water surface to
the platform. The wellhead and blowout preventer are attached at the top of the casing

at or near the platform deck. Each platform is generally used for drilling multiple wells.
For example, the California offshore platforms in federal waters have a range of 15 to 96
“slots” per platform for drilling multiple wells (BOEM, 2014).

Deeper water leads to the use of a variety of floating platforms (US EIA, 1999). Depending
on the type of floating platform, the wellhead and blow-out preventer may be located at
the seabed rather than at the platform. The submarine blowout preventer is controlled
remotely from the surface and is connected to a pipe called a marine riser for circulation
of the drilling fluid. However, control lines for the blowout preventer are separate lines
that are situated external to the marine riser. The marine riser utilizes special connections
at the base and at the floating platform to accommodate motion of the platform. The riser
itself is similar to casing and serves to contain and direct tools and casing through the
water column into the subseabed borehole, and is a conduit for fluids moving into and
out of the well (Macini, 2005b). The long vertical section through the water column and
cold deep-sea temperatures reduces the temperature of fluids moving through the riser
and needs to be considered in the selection of the drilling mud composition (Bennetzen et
al., 2010). The borehole for the first casing is usually drilled without the riser, resulting in
fluid and cuttings being discharged directly to the seafloor. The first casing string needs
to be deep enough so that the mechanical strength of the formation is adequate to hold
up against pressures in the next section to be drilled (National Petroleum Council, 2011).
After installing the conductor casing, wellhead, and blowout preventer, the construction
of the well as it is drilled is similar to onshore well construction as described in Sections
2.3.2 and 2.3.3.

2.4. Hydraulic Fracturing

Hydraulic fracturing is a relatively old technology for improving gas and oil field
production rates. However, there has been a significant evolution of this technology in
recent years.

Hydraulic fracturing is a well completion technique used after drilling and before
production. It is designed to open permeable fracture pathways in the producing
formation that connect to the well. It was first implemented in 1949; since this time,
use of this stimulation method has grown substantially (Montgomery and Smith, 2010).
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Originally, hydraulic fracturing was used exclusively as a well stimulation method, applied
in cases where the natural reservoir permeability was too low for economic petroleum
recovery. But in the 1990s, hydraulic fracturing started to be used for higher-permeability
reservoirs as a method to remediate formation damage around wells (Ghalambor and
Economides, 2002). The general permeability levels used to distinguish high and low
permeability reservoirs, which is also influenced by the viscosity of the oil, is shown

in Figure 2-1.

Unlike California (Chapter 3), the main classes of reservoirs where hydraulic fracturing
has been used intensively in other areas of the United States include very-low-permeability
unconventional shale reservoirs and tight-gas sand reservoirs, accounting for over 73%

of the hydraulic fracturing activity (Beckwith, 2010). Most of the unconventional shale
reservoirs contain natural gas, with the exceptions of the Eagle Ford, which produces oil
in the shallower portion of the formation, and the Bakken and Niobrara plays, which
mainly contain oil.

The typical hydraulic fracture operation involves four process steps to produce the
fractures (Arthur et al., 2008). The long production intervals present in most horizontal
wells lead to a staged approach to hydraulic fracturing. For the staged approach, a portion
of the well is hydraulically isolated in order to concentrate the injected fracture fluid
pressure on an isolated interval, which is called a “stage.” After isolating the stage, the
first phase of the fracturing process is the “pad,” in which fracture fluid is injected without
proppant to initiate and propagate the fracture from the well. The second phase adds
proppant to the injection fluid; the proppant is needed to keep the fractures open after the
fluid pressure dissipates. This phase is also used to further open the hydraulic fractures.
The third phase, termed the “flush,” entails injection of fluid without proppant to push

the remaining proppant in the well into the fractures. The fourth phase is the “flowback,”
in which the hydraulic fracture fluids are removed from the formation, and fluid pressure
dissipates. Examples of the stages of hydraulic fracturing, including the time spent for
each phase, is given in Section 2.4.7.

An acid preflush is sometimes used prior to injection of the pad. For instance,
Halliburton’s (2014a) fracture-fluid-composition disclosure indicates it is used in about
half of their specific formulations (US DOE, 2009). The acid preflush may be needed to
remove pipe mill scale, help clean drilling mud and casing cement from perforations, and
to weaken the rock to help initiate a fracture (King, 2010; Halliburton, 2014a; US DOE,
2009). Prior to injecting the acid, corrosion inhibitor, at a level of 0.2 to 0.5% by mass, is
added to the fluid to prevent acid corrosion of steel components, such as the casing (US
DOE, 2009; King, 2010). The pre-flush acid concentrations range from 7.5 to 15% HCI,
and volumes range from 0.946 to 26.5 cubic meters (m?; 250 to 7,000 gallons, gal) per
stage (Halliburton, 2014a) injected at a relatively low rate below the fracture pressure.
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Box 2.1. Other Uses of Hydraulic Fracturing

Senate Bill 4 and this scientific study focus on hydraulic fracturing used to enhance oil and gas
production or recovery. The definition of a well stimulation treatment in the legislation is:

“For purposes of this article, “well stimulation treatment” means any treatment of a well designed to
enhance oil and gas production or recovery by increasing the permeability of the formation.”

However, in addition to petroleum production, hydraulic fracturing is used in other areas engaged in
subsurface operations (Bierman et al., 2011). These include environmental remediation, geothermal
energy, storage of natural gas, waste disposal, and geologic CO, sequestration.

It is not surprising that hydraulic fracturing has been used for environmental remediation of subsurface
contamination. This is because both environmental remediation and petroleum production have

a common goal—to extract fluids from the subsurface environment. For example, hydraulic and
pneumatic fracturing have been used for remediation of volatile hydrocarbons (Frank and Barkley,
1995; Marcus and Bonds, 1999). Hydraulic fracturing has been combined with thermal extraction
methods for removal of less volatile contaminants (Nilsson et al., 2011).

Geothermal energy involves the extraction of heat instead of fluids from the subsurface. However, it still
requires fluid flow as an efficient means to transport heat. Hydraulic fracturing is used to enable fluid
flow in some geothermal reservoirs that have low permeability (Craig et al., 2014; Fomin et al., 2003).
Geothermal fracturing has the goal of stimulating the entire reservoir volume through the opening of
existing natural fractures by shear (Fu et al., 2011). Geothermal systems are typically fractured using
water without additives or proppant.

Underground storage of natural gas in depleted oil reservoirs has been used worldwide as a practical
method to store the large volumes involved (Hoagie et al., 2013; Wang and Economides, 2012). This
type of application is unique in that natural gas is both injected and withdrawn. The use of fracturing in
this case is to enable high injection and withdrawal rates.

Hydraulic fracturing for subsurface waste disposal is not standard, but is being tested. The city of Los
Angeles has been injecting various municipal wastewater residual streams (brine, digested sludge,
and wetcake) into the deep subsurface (depth of 2300 m (7500 ft)) (City of Los Angeles, Bureau of
Sanitation and GeoMechanics Technologies, USA, 2014). In this process, waste fluids and solids are
injected above the fracture pressure for permanent disposal and methane generation.

Finally, research into geologic CO, sequestration has considered the use of hydraulic fracturing to
facilitate injection of large quantities of supercritical CO, into lower-permeability storage formations.
Lucier and Zoback (2008) found that injectivity enhancement techniques such as hydraulic fracturing
will be required for practical CO, sequestration in saline aquifers.
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In the following sections, aspects of hydraulic fracture geomechanics and the attributes

of hydraulic fracture fluids and proppants are presented. In addition, the alternative

to proppant use for carbonate reservoirs, called “acid fracturing,” is discussed further.
Following these discussions of the physical mechanisms and materials involved, various
engineering alternatives for completion and isolation of the stages and information on the
phases of the fracturing process are presented. Another application of hydraulic fracturing,
discussed in Chapter 3 but not in this chapter, is fracturing of injection wells using

water (without any additives) as the fracturing fluid and no proppant. This technique
(called a breakdown step and often used in gas wells) does not appear to have as much
documentation in the literature. It was identified as being used in California through
inspection of hydraulic fracturing records from the California Department of Conservation,
Division of Oil, Gas, and Geothermal Energy.

2.4.1. Hydraulic Fracture Geomechanics, Fracture Geometry, and the Role of Natural
Fractures and Faults

Fluid pumped into deep underground rocks at sufficient pressure will cause the rock
to break or “fracture.” Fractures are formed when fluid pressure exceeds the existing
minimum rock compressive stress by an amount that exceeds the tensile strength of
the rock (Thiercelin and Roegiers, 2000). The operator cannot control the orientation
of the hydraulic fractures. Rather, stress conditions in the rock determine the fracture
orientation. Rocks at depth experience different amounts of compression in different
directions. The hydraulic fracture will preferentially push open against the least
compressive stress for a rock with the same strength in all directions (Economides et
al., 2013). Therefore, the fracture plane develops in the direction perpendicular to the
minimum compressive stress, as shown on Figure 2-6. Stress field orientation, however,
can and does vary with time in producing oilfields as a result of fluid injections and
withdrawals (Minner et al., 2002).

If the compressive stress in the rock were the same in all directions (or nearly so), then
the orientation of the fracture would tend to be spherical. In addition to stress orientation,
rock strength varies, and fracture geometry also depends on the variation in rock strength
in different directions.
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FRACTURE DEVELOPMENT AS FUNCTION OF WELLBORE ORIENTATION 55 ¢
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Figure 2-6. Fracture patterns for different orientations of the borehole relative to principal
compressive stresses: (A) fractures open in the direction of the minimum principal stress, (B)
effects of horizontal well alignment with maximum and minimum horizontal principal stresses
(Rahim et al., 2012)

Natural fractures are generally present to some degree in natural rock and affect the
formation of hydraulic fractures. In fact, natural fractures and other geologic complexities
such as stratigraphic limitations on fracture height growth can often result in fracture
lengths that are greater than fracture heights (Fisher and Warpinski, 2012; Weijers et al.,
2005), unlike those shown in Figure 2-6. Natural fracture features of the rock are often
the flow pathways from the reservoir to the hydraulic fractures (Weijermars, 2011). The
contact area developed by opening natural fractures is considerably larger than can be
achieved by planar fractures. Gale and Holder (2010) found that fractures filled with
secondary calcite in siliceous mudrocks are generally weaker than the surrounding rock
and may be susceptible to reopening during hydraulic fracturing. However, fractures
filled with secondary quartz may be stronger than the surrounding rock and hinder the
development of hydraulic fractures. Williams-Stroud, Barker, and Smith (2012) found
that shearing of existing fractures played a significant role in hydraulic fracturing, based
on discrete fracture network modeling and microseismic measurements from a hydraulic
fracturing field test.

Typically, conditions underground favor hydraulic fractures that are vertical. (Vertical
fractures result because most rocks at depth experience greater vertical stress than
horizontal stress.) Consequently, the question of the vertical fracture height growth is
important when considering the potential migration of fracture fluid or other reservoir
fluids out of the typically very low-permeability target oil reservoir. Thousands of
microseismic measurements have been conducted in the Barnett, Woodford, Marcelllus,
and Eagle Ford shales to characterize hydraulic fractures. Fracture heights have been
investigated over a range of reservoir depths from 1,220 to 4,270 m (4,000 to 14,000
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ft) deep, and found that the tallest fractures formed in deeper sections. However, typical
fracture heights are in the range of tens to hundreds of feet (Fisher and Warpinski,

2012). The maximum recorded fracture height from these reservoirs and the Niobrara
shale was found to be 588 m (1,930 ft) (Davies et al., 2012). The statistics of fracture
height from these measurements show that the probability of exceeding 350 m (1,150

ft) is about 1%, and that of exceeding 130 m (427 ft) is about 50% (Davies et al., 2012).
Fracture height is limited by a number of mechanisms, including variability of in situ
stress, material property contrasts across layered interfaces, weak interfaces between
layers, leakoff of fracturing fluid into formations, and the volume of fracture fluid required
to generate extremely large fracture heights (Fisher and Warpinski, 2012). Finally, the
minimum stress at shallow depths (305-610 m or 1,000-2,000 ft) is typically in the
vertical direction, which contrasts with the typical minimum stress being horizontal at
greater depth. This stress condition favors a horizontal fracture orientation, which tends to
prevent vertical fracture growth from deeper into shallower depths (Fisher and Warpinski,
2012). However, this general trend in stress directions does not always hold true (Wright
et al., 1997).

Interaction of hydraulic fracture fluids with faults may also affect fracture height growth.
Simulations of hydraulic-fracturing-induced fault reactivation were conducted by Rutqvist
et al. (2013), who found fault rupture lengths to be less than 100 m (328 ft). Consequently,
in general fault reactivation does not create permeable pathways far beyond the target
reservoir (Flewelling et al., 2013). A fracture design that incorporates these factors into
the selection of operational variables (pressure, injection rate, fluid type, etc.) for the
hydraulic fracture means that fracture height is controllable to a reasonable degree.

Hydraulic fracture development is also affected by neighboring wells, which may undergo
hydraulic fracture treatment at the same or at different times. This typically involves
multiple parallel horizontal wells that are separated by 457 m (1,500 ft) or less (King,
2010). The fracturing can be carried out simultaneously or in sequence. The idea is to use
the change in stress created by neighboring wells and stimulation treatments to alter fracturing
directions and increase complexity in the fractures created. Differences in the resulting
fractures created using simultaneous or sequential fracturing are not large (King, 2010).

Fracture geometry also depends on other factors not related to rock mechanics per se, in
particular on the magnitude of the stimulation pressure and the fracturing fluid viscosity.
These are discussed in Section 2.4.2, where fracture fluids and operations are presented.

2.4.2. Hydraulic Fracture Fluids

The design of a hydraulic fracture requires specification of the type of hydraulic fracture
fluid. While there are many additives used in hydraulic fracture fluids, most of these
are used to mitigate adverse chemical and biological processes, and are the same as
those used in drilling. The main property of hydraulic fracturing fluids that influence the
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mechanics of fracture generation is the viscosity.! Both laboratory and field data indicate
that low viscosity fracture fluids tend to create complex fractures with large fracture-
matrix area and narrow fracture apertures—as compared with higher viscosity fracture
fluids, which tend to create simpler planar-style fractures with low fracture-matrix area
and wide fracture apertures (Cipolla et al., 2010).

The lowest viscosity fracturing fluid is slickwater, which contains a friction-reducing
additive (commonly polyacrylamide) and has a viscosity on the order of 4 centipoise (cP)
(about 4 times that of pure water) (Kostenuk and Browne, 2010). Gelled fracture fluids
generally use guar gum or cellulose polymers to increase viscosity (King, 2012). Further
increases in viscosity in a guar gelled fluid can be achieved by adding a cross-linking agent
to the gel that is typically a metal ion, such as in boric acid or zirconium chelates (Lei and
Clark, 2004). The cross-linking binds the gel’s polymer molecules into larger molecules,
causing an increase in the solution viscosity. Linear gels have viscosities about 10 times
that of slickwater, and cross-linked gels have viscosities that are on the order of 100 to
1000 times larger (Montgomery, 2013). Fracture fluids energized using nitrogen and
surfactant with linear gels (to create foams) lead to increased viscosity of the energized
fluid over the linear gel, and the viscosity of energized cross-linked gels increase by factors
of 3 to 10 over those not using a cross-linking agent (Ribeiro and Sharma, 2012; Harris
and Heath, 1996). The type of fracture fluid also affects the ability to emplace proppant
(see Section 2.4.3). In particular, cross-linked gels are better for transporting proppant
than slickwater (Lebas et al., 2013). The effective viscosity is also influenced by the
proppant concentration (Montgomery, 2013).

2.4.2.1. Hydraulic Fracture Fluids: Effects on Fracture Geometry

In general, fracture length and fracture-network complexity decrease as the viscosity of
the fracturing fluid increases, as illustrated in Figure 2-7 (Cipolla, et al., 2010; Rickman,
et al., 2008). Fracture lengths also increase with the volume of injected fracture fluid.
Flewelling et al. (2013) found that fracture length could be represented as approximately
proportional to fracture height with a proportionality factor that ranged from 0.5 to 1.
However, stratigraphic limitations on fracture height growth can often result in fracture
lengths that are greater than fracture heights (Fisher and Warpinski, 2012; Weijers et al.,
2005). Fracture apertures (or widths) are on the order of a few tenths of an inch (Barree
et al., 2005; Shapiro et al., 2006; Bazan, et al., 2012) and tend to increase with viscosity,
rate, and volume of the fluid injected (Economides et al., 2013).

1. Viscosity is a fluid property that quantifies resistance to fluid flow. It takes little effort to stir a cup of water (viscosity
~ 1 centipoise (cP)), noticeably more effort to stir a cup of olive oil (viscosity ~ 100 cP), and significantly more effort to

stir a cup of honey (viscosity ~ 10,000 cP).
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Figure 2-7. Effects of fracture fluid viscosity on fracture complexity. (modified from Warpinski
et al., (2009))

The type of fluid used depends on the properties of the reservoir rock, specifically the rock
permeability and brittleness (Cipolla et al., 2010; Rickman et al., 2008). Formations with
higher intrinsic permeability (but still low enough to warrant hydraulic fracturing) are
generally stimulated using a higher-viscosity fracture fluid to create a simpler and wider
fracture (Cipolla et al., 2010). The rationale for this selection is that the fracture is needed
both to increase contact area with the formation and to provide a high conductivity flow
path towards the wellbore. As reservoir permeability decreases, the resistance to fluid
movement through the unfractured portion of the formation increases. Therefore, a
denser fracture pattern (narrower spacing between the fractures) is needed to minimize
the distance that reservoir fluids must flow in the rock matrix to enter the hydraulically
induced fractures (Economides et al., 2013). This leads to the use of lower-viscosity
fracturing fluids to create more dense (and complex) fracture networks.

The choice of fracture fluid also depends on rock brittleness (Rickman et al., 2008). Wider
fracture apertures are needed as rock brittleness decreases (or as ductility increases)
because of the greater difficulty maintaining fracture permeability after pressure is
withdrawn (Rickman et al., 2008). Therefore, rock permeability and brittleness both
influence the choice of fracturing fluid. Stimulation of natural fractures is also thought

to be critical for effective hydraulic fracture treatment in very low permeability shales
(Warpinski, et al., 2009; Cramer, 2008; Fisher et al., 2005). Although these characteristics
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may lead to conflicting requirements for the fracturing fluid, permeability is often found to
be lower in brittle rocks and higher in ductile rocks (Economides et al., 2013), and natural
fractures are usually more prevalent in brittle rock as compared to ductile rock. Natural
fractures in shales can be sealed by secondary minerals. Such fractures do not have much
influence on the natural permeability, although in some cases they can preferentially
reactivate during hydraulic fracturing (Gale and Holder, 2010).

The general trends in fracture fluid types, fluid volumes used, and fracture complexity as
a function of rock properties are shown in Figure 2-8. This figure shows that hydraulic
fracturing in ductile, relatively higher permeability reservoir rock having low natural
fracture density tends to receive a hydraulic fracture treatment using a viscous cross-
linked gel, with a relatively low volume of fluid injected but a large concentration and
total mass of proppant. The fracture response in this case tends to produce a simple
single fracture from the well into the rock that has a relatively large aperture filled

with proppant. As rock brittleness and degree of natural fracturing increase, and as
permeability decreases, hydraulic fracturing treatments tend to use a higher volume,
lower viscosity fracture fluid that carries less proppant. The response of the rock to this
fracture treatment is to create more complex fracture networks, in which the fractures
have relatively narrower apertures and a more asymmetric cross-section in the vertical
direction as a result of limited proppant penetration. In short, ductile and more permeable
rocks usually receive gel fracture treatments, while more brittle, lower permeability rocks
with existing fractures are more amenable to slickwater fracturing.

Figure 2-8. General trends in rock characteristics, hydraulic fracture treatment applied, and
hydraulic fracture response (modified from Rickman et al. (2008)).
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2.4.2.2. Hydraulic Fracture Fluids: Differences for Gas and Oil Wells

Different hydrocarbon reservoirs can produce a variety of hydrocarbon molecules, ranging
from the smallest and lightest (methane) that exist at normal temperatures and pressures
in the gas phase, to quite large and heavy molecules associated with heavy oils that are
liquids. McCain (1994) identified five classifications of petroleum reservoir fluid types as
shown in Table 2-1.

Table 2-1. Classification of reservoir types (McCain, 1994).

Upper Limits for Gas/Oil Ratios for Reservoir Fluid Types
Units Black Oil Volatile Oil Retrograde Gas Wet Gas Dry Gas
Std. m?® gas/std. 312 570 2,672 17,811 infinite
m? ol
scfgas/STB oil 1,750 3,200 15,000 100,000 infinite

scf = standard cubic feet; STB = stock tank barrel

Although there is a (nearly) continuous spectrum of hydrocarbon resource types that
lead to these differences in hydrocarbon production, a well is classified as a gas well by
the US EIA (2010) if the hydrocarbon production (at standard conditions) is greater than
or equal to 1069 m® gas per m?® of liquid hydrocarbon (oil) (6,000 standard cubic feet of
gas per stock tank barrel oil, scf/STB oil) and is classified as an oil well otherwise. This

is seen to fall within the retrograde gas category by McCain’s (1994) reservoir fluid type
classification scheme.

The significant physical differences between gas and oil are that gas is less dense and less
viscous than oil. These differences do not affect appreciably the initiation or propagation
of hydraulic fractures or the placement of proppant, processes dominated by rock
mechanical properties and properties of the hydraulic fracturing fluid and proppant.
However, during the flowback stage, fluid pressures in the well are reduced. This initiates
flow towards the well in which the resident fluids in the reservoir and injected fracturing
fluids flow toward the well. Fracturing fluids, in or near the induced hydraulic fractures,
are displaced by the resident gas, oil, and reservoir brine, with the proppant ideally held
in place by the fracture closure stress. Displacement of the fracturing fluid and removal
of the gelling agents are important, because the effective permeability to gas and/or oil
in the fracture is reduced, perhaps significantly, if the fracturing fluid is not efficiently
displaced. This tends to defeat the purpose of hydraulic fracturing, namely, to open
permeable fracture pathways to gas and/or oil. On the other hand, if fracturing fluid is
imbibed from the fracture into the matrix, it is not likely to be recovered. This imbibitions
process displaces oil or gas from the matrix into the fracture, which is beneficial to
hydrocarbon production. Therefore, the effect of reduced recovery of fracturing fluids on
hydrocarbon recovery is complex.
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Fluid displacement efficiency is affected by the viscosity and density ratios of the fluids
(Muggerridge et al., 2013). High density ratios tend to reduce displacement efficiency
unless the higher density fluid is displacing the lower density fluid in a direction upwards
(against gravity). Also, the displacement efficiency in a porous media is poorer if the
fluid being displaced is being “pushed” with an immiscible fluid of lower viscosity—

for example, using natural gas to displace fracturing fluid out of the matrix or a low
conductivity natural fracture system. The reason for using a chemical breaker additive

in fracturing fluid is to reduce the viscosity of cross-linked gel fracturing fluids for more
efficient displacement out of the fracture. Poor displacement of cross-linked gel fracturing
fluids often used in tight gas sands can be caused by ineffective breaking of the polymer
(Holditch and Tschirhart, 2005).

Furthermore, if the fluid pressure loss during flow from the reservoir to the well is
dominated by losses in flowing through the fractures, the higher viscosity of oil will lead
to the need for higher conductivity fractures in the case of shale oil as compared with
shale gas.

These factors result in a tendency to use lower viscosity fracturing fluids for gas as
compared with oil. This is not a clear distinction, however, because other factors play into
the choice of fracturing fluid, in particular, the rock characteristics as discussed in Section
2.4.2.1. Nevertheless, analyses of US shale oil and gas production have shown distinct
trends in the types of hydraulic fracturing fluids being used. Land rig counts show that

the number of gas wells being developed has dropped from 54% of the total in the first
quarter of 2011 to 24% in the third quarter of 2012 (Robart et al., 2013). Over the same
time period, the number of slickwater fracture treatments has gone from 46% to 24% of
the total hydraulic fracture treatments performed, while conventional (gelled) fracs and
hybrid fracs have increased from 52% to 74% of the total (Robart et al., 2013). Data also
indicates that in the Bakken and the Denver-Julesburg (DJ) Basin, both shale oil resources,
hydraulic fracturing has been predominantly done with cross-link gels or cross-link/
slickwater hybrid fluid systems (Patel et al., 2014). In contrast, in the Marcellus, a shale
gas resource, fracturing fluids are predominantly slickwater and linear gel/slickwater
hybrids (Patel et al., 2014). These results are consistent with the trend that lower viscosity
fracturing fluids are used for shale gas as compared with shale oil.

2.4.2.3. Hydraulic Fracture Fluids: Other Additives and Alternative Fluids

Fracture fluids may contain several additives in addition to those discussed above. These
include biocides, corrosion inhibitors (both used in drilling), clay stabilizers, polymer
breakers, and stabilizing formation fines (Kaufman et al., 2008; El Shaari et al., 2008).
Example concentrations for slickwater and gelled fracture fluids are given in Figure 2-9.

A summary of the various types of additives is given in Table 2-2. In some cases, acids
are injected as a separate pre-flush before injection of the hydraulic fracture pad in order
to clean out the casing perforations, help clean out the pores near the well, and dissolve
minerals, to aid in initiating fractures in the rock (US DOE, 2009).
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Recycling of fracture fluid is one way to reduce the amount of water required for
hydraulic fracturing. The principal issue involved is that recycled fracturing fluid develops
high concentrations of dissolved salts that become highly saline brines. One approach has
been the development of more salt-tolerant additives, such as polymers used for slickwater
friction reducers (Paktinat et al., 2011). Other processes are also being developed to aid in
the reuse of fracturing fluids (Ely et al., 2011).

A)  Water prowided by Operator Inibiltor

Fluid System
(0.61%)

C) Water Provided bv Ooerator

Figure 2-9. Example compositions of fracture fluids A) Colorado DJ Basin WaterFrac
Formulation - a slickwater fracturing fluid; B) Utah Vertical Gel Frac Formulation — a cross-
linked gel fracturing fluid; C) Pennsylvania FoamFrac Formulation - a gelled nitrogen foam
fracturing fluid (source: Halliburton, 2014a). Note: although not stated on the website,
comparisons of these compositions with information on fracture fluid compositions given on
the FracFocus (2014) website indicate these values are percent by mass.
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Table 2-2. Additives to aqueous fracture fluids (NYSDEC, 2011)

Additive Type Description of Purpose Examples of Chemicals

Proppant “Props” open fractures and allows gas / uids to ow more freely to Sand [Sintered bauxite; zirconium
the well bore. oxide; ceramic beads]

Acid Removes cement and drilling mud from casing perforations prior to Hydrochloric acid (HCI, 3% to
fracturing uid injection 28%) or muriatic acid

Breaker Reduces the viscosity of the uid in order to release proppant into Peroxydisulfates

fractures and enhance the recovery of the fracturing uid.

Bactericide / Biocide
/ Antibacterial Agent

Inhibits growth of organisms that could produce gases (particularly
hydrogen sulfide) that could contaminate methane gas. Also prevents
the growth of bacteria which can reduce the ability of the uid to carry
proppant into the fractures.

Gluteraldehyde; 2,2-dibromo-3-ni-
trilopropionamide

Buffer / pH Adjust- | Adjusts and controls the pH of the uid in order to maximize the ef- Sodium or potassium carbonate;
ing Agent fectiveness of other additives such as crosslinkers acetic acid

Clay Stabilizer / Prevents swelling and migration of formation clays which could block | Salts (e.g., tetramethyl ammonium
Control /KCI pore spaces thereby reducing permeability. chloride Potassium chloride (KCI)
Corrosion Inhibitor | Reduces rust formation on steel tubing, well casings, tools, and tanks | Methanol; ammonium bisulfate
(including Oxygen (used only in fracturing uids that contain acid). for Oxygen Scavengers
Scavengers)

Crosslinker Increases uid viscosity using phosphate esters combined with met- Potassium hydroxide; borate

als. The metals are referred to as crosslinking agents. The increased
fracturing uid viscosity allows the uid to carry more proppant into
the fractures.

Salts

Friction Reducer

Allows fracture uids to be injected at optimum rates
and pressures by minimizing friction.

Sodium acrylate-acrylamide
copolymer; polyacrylamide
(PAM); petroleum distillates

Gelling Agent Increases fracturing uid viscosity, allowing the uid to Guar gum; petroleum distillates
carry more proppant into the fractures.
Iron Control Prevents the precipitation of metal oxides which could plug off the Citric acid

formation.

Scale Inhibitor

Prevents the precipitation of carbonates and sulfates (calcium carbon-
ate, calcium sulfate, barium sulfate) which could plug off the forma-
tion.

Ammonium chloride; ethylene
Glycol

Solvent Additive which is soluble in oil, water and acid-based treatment uids | Various aromatic hydrocarbons
which is used to control the wettability of contact surfaces or to pre-
vent or break emulsions

Surfactant Reduces fracturing uid surface tension thereby aiding uid recovery. | Methanol; isopropanol; ethoxylated

alcohol

Alternative fracture fluids are also under investigation. Some of the purposes of alternative
fluids are to reduce water use and to reduce formation-damage effects sometimes caused

by aqueous fracture fluids and by additives such as gels. These alternatives include
supercritical*> CO, and supercritical CO,-nitrogen mixtures, CO, foam, nitrogen, explosive

2. Supercritical CO, exists when the temperature and pressure are above the critical temperature (31° C, 88° F) and

critical pressure (7.4 megapascals (MPa; 1070 pounds per square inch, psi)). Supercritical CO, is a fluid that has proper-

ties between those of a gas and a liquid.
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propellant systems (EPS) liquid propane (LPG) (Rogala et al., 2013), and other oil-
based fluids including crude oil (Montgomery, 2013). These systems generally eliminate
or greatly reduce the amount of water involved in fracturing, with attendant benefits
according to Rogala et al. (2013) of elimination or reduction of:

* Formation-damage effects associated with water sensitivity,

* Formation damage associated with water and chemical (particularly gels)
remaining in the reservoir,

¢ Chemical additives and their environmental effects, and
* Flowback waste water disposal.

Despite the advantages from a water perspective, there are several disadvantages
according to Rogala et al. (2013), including,

* Transport and handling of pressurized CO, with potential for leakage into the
atmosphere,

* Relative difficulty to transport proppant in the fracture, particularly for nitrogen,

* Added problems working with surface pressures/increased injection pressures for
CO,, nitrogen, foams, and LPG,

* Risk of explosion with LPG,
* Greater cost except for EPS, and

e Lower fracture lengths for EPS (10-50 m (33-164 ft)).

2.4.3. Proppants

After injecting the hydraulic fracture pad, proppant is injected with the hydraulic fracture
fluid. As described earlier, proppants are a solid granular material such as sand that acts
to keep fractures from closing after hydraulic fracture fluid pressure is released. Proppant
size and size distribution are key factors affecting the permeability of proppant-filled
fractures. Larger, more uniformly sized proppants result in the greatest permeability.
Proppant grain sizes generally lie in the range of 10%-2 X 10° m (3.28 X 10%-6.56 x 10%
ft) in diameter (Horiba Scientific, 2014).

In addition to these characteristics, the transportability and strength of the proppant also

affect the ultimate fracture permeability. The ability of the proppant to be transported
by a given fracture fluid depends in part on the proppant size and density. Greater
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transportability is desirable because it allows for delivery of proppant deep into the
formation fractures. Proppants that are smaller and have a lower density are more easily
transported (Economides et al., 2013).

Proppant strength is also important. As the effective stress imposed on a proppant pack
increases (with effective stress = closure stress minus pore pressure within the fracture),
the proppant permeability and propped fracture conductivity will decrease. As a key end
product of a fracturing treatment is fracture conductivity, it is important to consider the
effective stress that will be imposed on the proppant under well production conditions
during the fracture treatment design process.

The most common proppant is natural sand that has been sieved to a uniform size class
(Beckwith, 2011). A number of alternative synthetic proppants have been used as well,
including sintered ceramics, with densities ranging from 2.7 (close to sand) to 3.5-3.6
grams per cubic centimeter (g/cm?®) (bauxite). Ceramic and bauxite proppants can be
manufactured to have different mass densities and compressive strengths, and the size
and shape can be tightly controlled to produce highly uniform grains (Lyle, 2011). Various
types of resin coatings have also been used with all types of proppants, including sand
(Beckwith, 2011). Resin coatings can be pre-cured or curable on the fly. Pre-cured resin
coatings are used to improve proppant strength and to prevent movement of broken
proppant fines. Curable resin coatings are intended to bond proppant together after
placement to help prevent proppant flowback during the flowback phase of the fracturing
process and during hydrocarbon production (Beckwith, 2011).

The transport of proppant also affects the choice of hydraulic fracture fluids. Lower-
viscosity fluids are not as capable of delivering proppants and generally are used with
lower proppant concentrations during the proppant-injection phase of the operations.
Higher proppant settling in lower viscosity fluids will tend to deposit proppant in the
lower parts of the fracture as compared with higher viscosity fluids (Cipolla et al.,

2010). This is indicated schematically on the right-hand side of Figure 2-8. Furthermore,
proppant delivery is more problematic in the more complex fracture networks created by
lower-viscosity fracture fluids. Therefore, lower-viscosity fracture fluids are sometimes
replaced after injection of the pad with high-viscosity fluids to more effectively deliver
proppant. The use of two or more different fracture fluids during the same fracturing
event is called a hybrid treatment. Slickwater fracture treatments may only deliver a
sparse amount of proppant, resulting in conductivity dominated by the unpropped fracture
conductivity (Cipolla et al., 2010). The success of such a treatment may hinge on other
factors such as the rock compressive stress varying with direction, and the presence of
natural fractures being “self-propped” as a result of shearing of the fracture surfaces
(Cipolla et al., 2010).
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2.4.4. Acid Fracturing

An alternative to the use of proppant to maintain fracture conductivity is to inject
hydrochloric acid under fracture pressures. The only known successful applications of
acid fracturing stimulation have been in strongly reactive carbonate reservoirs, although
experimental laboratory work concerning acid fracturing in siliceous rock has been
reported (Kalfayan, 2007). Acid fracturing typically uses HCI, formic acid, acetic acid,

or blends thereof, which etches the faces of the fracture surfaces (Kalfayan, 2008). The
presence of the etched channels allows fractures to remain permeable even after the
fracture-fluid pressure is removed and compressive rock stress causes the fractures to close
(Economides et al., 2013). Acid fracturing is sometimes preferred in carbonate reservoirs
because of the relatively high degree of natural fractures generally present and the
difficulties of placing proppant because of fluid leak-off into the natural fracture system.
Acid fractures generally result in relatively short fractures as compared with fractures
secured with proppant; therefore, it is generally more successful in higher-permeability
formations (Economides et al., 2013).

2.4.5. Other Uses of Hydraulic Fracturing—Frac-Packs

The hydraulic fracturing described to this point is intended to open permeable fracture
pathways in unconventional reservoirs to enable oil or gas production. However, hydraulic
fracturing technology has been expanded to deal with other oil production issues that
occur in moderate-to higher-permeability conventional reservoirs. These other issues

are formation damage around the well and sand production into the well. The hydraulic
fracturing technology used for these purposes is called “frac and pack” or just “frac-pack”
(Sanchez and Tibbles, 2007) and may also be referred to as a “high-rate gravel pack”
(Cardno ENTRIX, 2012). The API notes that frac-packs are a common well stimulation
method used for offshore oil and gas production that often have moderate to high
permeability and sand control problems (API, 2013).

Traditional hydraulic fracturing for reservoir stimulation is not needed when reservoir
permeability is sufficient for economic rates of oil and gas production. However, the
formation close to the well can be damaged (i.e., permeability is severely reduced)

by many factors relating to the drilling and construction of the well and production
operations. These factors include fines migration, swelling clays, plugging by drilling

mud solids, and iron precipitation, among other things (Economides and Nolte, 2000).
Often, formation damage is addressed using a matrix acidizing treatment. However, some
situations are not amenable to treatment by matrix acidizing—for example, if formation
damage has occurred deep in the reservoir, the reservoir rock has some mineral sensitivity
(e.g., high clay content) that reacts adversely to acid treatments, or particularly severe
permeability loss in the damage zone (Guo et al., 2001). In such cases, frac-packs are an
alternative treatment, which place a propped fracture across the damage zone to bypass
the damage. The other main reason for performing a frac-pack is to control the movement
of formation sand into the well, also called sand production, which is a problem that
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commonly occurs in unconsolidated reservoirs. Sand production refers to any particulate
material that is mobile and capable of moving into the well.

A frac-pack combines a hydraulic fracture with another completion technology called a
gravel pack, which is a method for controlling sand production. A gravel pack usually
consists of a cylindrical metal screen installed in the production zone of the well in which
the annulus between the screen and the casing (or formation if not cased) is filled with
gravel (Economides et al., 2013). The gravel is installed as a fluid slurry in which the
fluid pressure during gravel placement is kept below fracture pressure. The gravel acts as
a filter bed to allow fluid flow but stop the movement of particulates. The gravel is sized
to be as large as possible, to minimize flow restrictions for fluid movement through the
gravel and yet be small enough to filter out the mobile particulates and also fill the casing
perforations.

In contrast, a frac-pack treatment is pumped at pressures above the fracture pressure to
induce a hydraulic fracture using a similar hydraulic fracturing process as described in
Sections 2.4.1 through 2.4.3. The frac-pack may be considered a fracturing treatment at
the high-permeability end of the range shown in Figure 2-8. As expected for a higher-
permeability formation, the fracturing fluid is viscosified using a linear or more likely a
cross-linked gel (Mathis and Saucier, 1997). Typically, a hydraulic fracture for a frac-
pack is relatively short, often 3-30 m (10-98 ft) in length, which is much shorter than
fractures in unconventional reservoirs that often extend 150 m (492 ft) or more from the
well (Sanchez and Tibbles, 2007; Guo et al., 2001). The fracture length is sized to ensure
that the fracture extends beyond any formation damage that may exist near the well. In
addition to creating a fracture that propagates out into the formation, proppant is often
packed between the well cement and the formation, creating a proppant “halo” around the
well (Economides et al., 2013). This occurs because of the much wider fractures produced
for a frac- pack treatment compared with other forms of hydraulic fracturing. The gravel
pack may be installed in one, continuous treatment following placement of fracture
proppant (Hannah et al., 1994) or as a separate gravel pack installation (Monus et al.,
1992). A screenless frac-pack is also possible by using a resin-coated proppant or proppant
with carbon or nanocomposite fibers to control proppant back-production into the well
(Acock et al., 2003; Guo et al., 2012).

The generation of short, wide fractures for a frac-pack relies on a fracturing technique
known as a “tip screenout” or TSO. The TSO is generated by injecting a sufficiently
small pad such that the pad depletes (i.e., is lost to the surrounding formation) at the
desired fracture length (Economides and Nolte, 2000). At this point the proppant is at
the fracture tip and tends to bridge across the narrow fracture tip opening, which blocks
proppant movement (screen out) and stops fracture propagation. Also, fluid loss from
the slurry carrying the proppant to the formation contributes to proppant screen out,
terminating fracture propagation. Even though the fracture stops propagating, continued
pumping of the proppant slurry causes the fracture to widen. Fracture widths can
increase to more than 0.05 m (0.16 ft) (Wong et al., 1993). A wide fracture is needed
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for higher-permeability formations that are capable of being produced at higher flow
rates. Furthermore, a wide fracture is needed when the formation is particularly soft,
and embedment of the proppant under fracture closure pressure can lead to a serious
reduction in the fracture width unless a wider fracture is packed with proppant.
Similar but smaller-scale treatments than frac-packs are called “high-rate water packs,”
in which water instead of a gelled fracturing fluid is used above the fracture pressure.
High-rate water packs create shorter and thinner fractures than frac-packs (Sanchez and
Tibbles, 2007).

An example of a frac-pack treatment is given in Moodie et al. (2004) for the Inglewood
field in the Los Angeles Basin. This is a relatively high permeability reservoir in the

4.94 x 10'* to 9.87 x 10 m? (50 to 100 md) range, which required frac-pack treatment
to mitigate formation damage and control sand production, among other issues. The
treatment involved injecting about 115 m? (30,000 gallons) of frac fluid with a sand
proppant for each 61 m (200 ft) interval, which is about 1.9 m®/m (150 gal/ft).This is
about five times less fluid per unit length than slickwater treatments in the Bakken and
Eagle Ford (see Section 2.4.7). The reservoir crude oil was used as the fracturing fluid
instead of the more commonly used polymer-based fluid (Ali et al., 2002) because of cost
considerations and the need to minimize formation damage caused by the fracturing fluid.
The treatment was estimated to create a fracture about 15 m (50 ft) in length.

2.4.6. Hydraulic Fracture Staging in Unconventional Resource Horizontal
Well Completions

As mentioned, multistage hydraulic fracturing refers to the application of the hydraulic
fracturing process to multiple, hydraulically isolated intervals along the production
interval of the well. Fracturing of a well’s entire production interval at once can result

in an uneven distribution of fractures. Slight variations in rock strength result in the
fracturing fluid flow focused on the weakest rock along the well. The multistage fracturing
process allows for greater control over where fractures are generated and produces a more
uniform distribution of fractures along the production interval.

The conduct of multistage hydraulic fracturing requires that the completion used in the
production interval is capable of stage isolation. The two most common completions used
for multistage hydraulic fracturing are cemented liner and uncemented liner (Snyder
and Seale, 2011). The cemented liner involves installation of the liner and cementing
the annulus following the process discussed in Section 2.3.1.2. For the cemented liner,
the cement isolates the annulus between the liner and the rock for multistage hydraulic
fracturing. An uncemented liner is called an open-hole completion because of the

open annulus outside the liner. However, isolation along the annulus for multi-stage
fracturing can still be obtained through the use of a series of packers attached to the
outside of the tubing or liner. The packers may be hydraulically set mechanical packers,
packers that automatically swell in oil or water, or inflatable packers (Snyder and Seale,
2011). McDaniel and Rispler (2009) present a discussion of a wider array of completion
configurations for horizontal wells stimulated by hydraulic fracturing.
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Multistage stimulation starts at the far end of the production interval first (normally
called the toe of the well). For blank (unperforated) liners, openings in the liner for
communication with the rock are generated using a perforating gun. This device sets off

a set of shaped charges. Each shaped charge shoots a fast-moving jet of metal particles
that makes a hole (perforation) that penetrates the casing, casing cement, and a short
distance (~0.4-0.9 m (1.31 — 2.95 ft)) into the rock formation (Bell and Cuthill, 2008;
Brady and Grace, 2013; Renpu, 2008). The process of multistage hydraulic fracturing
using a perforating gun, called “plug and perf,” provides the greatest control on placement
of fractures. Beginning at the far end of the production interval where a set of perforations
are opened, the fracture fluid (pad and fracturing fluid/proppant mixture) is injected and
fractures the rock. Then, a bridge plug is set that seals off the perforated and fractured
segment from the remainder of the production interval. The next set of perforations is
then opened and fractured. This is repeated along the entire production interval (Snyder
and Seale, 2011). After all stages have been fractured, the bridge plugs are drilled out to
conduct flowback and oil production.

Perforation patterns are typically shot in clusters separated by 10.7-22.9 m (35-75 ft)

or more (King, 2010). Each cluster is 0.305-0.71 m (1-2 ft) in length with about 20
perforations per meter (6 perforations per foot). The idea of a cluster is to initiate one
main fracture from each cluster, while the multiple perforations within a cluster help to
find the easiest fracture initiation point. Hydraulic diversion is often used by limiting the
number of perforations so that at the design rate, sufficient friction is established such that
all the perforated clusters may be opened. With the narrow spacing between perforations
in a cluster, only one fracture will grow, because of the effects of the fracture on the local
stress field tend to suppress any other fractures trying to emerge from the cluster (King,
2010). For a typical stage interval of 61 or 91.4 m (200 or 300 ft), this results in about 4
to 7 clusters per stage. The plug and perf and sliding sleeve completions for a horizontal
lateral are shown in Figure 2-10.

Open-hole completions can also be accomplished using a sliding-sleeve liner which

has pre-set ports that can be opened by size-specific actuator balls (Snyder and Seale,
2011). Multistage fracturing is conducted by dropping a series of actuator balls for each
fracturing stage that simultaneously opens the pre-set ports in the uncemented liner
and also seals off the far end of the production interval. After performing the fracturing
operation, the next actuator ball is dropped and the next section is fractured. This is
repeated along the entire production interval (Snyder and Seale, 2011). The actuator
balls, which act like check valves, are recovered during the flowback phase after all stages
have been fractured. Even more complex sliding sleeve liners can be used in which each
sliding sleeve can be individually opened or closed from the surface through remote
hydraulic actuators.
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Figure 2-10. Horizontal well completion. (A) plug and perf; (B) sliding sleeve (source: Allison (2012))
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2.4.7. Fracturing Fluid Flowback

As mentioned, flowback is the fourth phase of a hydraulic fracturing operation. The liquid
flowback rates are typically high, ranging from 0.00795 to 0.0159 m? per second (m?/s),
equivalent to 3 to 6 oil barrels per minute (barrels/min) initially because of the high-
pressure charge just delivered to the reservoir. However, these rates typically decrease
quickly to less than 0.00265 m®/s (1 barrel/min) after 24 hours, and to 0.0002 to 0.002
m3/s (0.07 to 0.70 barrels/min) after 2 or 3 weeks (King, 2012). Alternate methods of
backflow control include limiting the flow by a choke on the flowline.

Natural formation brines get mixed with the recovered fracturing fluid and affect the
composition of the flowback fluid. The natural formation waters of petroleum reservoirs
can contain high levels of dissolved solids, organic components from contact with in situ
hydrocarbons, and naturally occurring radioactive materials (NORM) that are consistent
with the activity of the formation connate fluids. The concentrations of these materials
can be high, because of mixing of the fracture water with connate waters and (to a limited
extent) because of dissolution of these constituents into the formation water during prolonged
contact with rock and hydrocarbons (Guerra, et al, 2011; Zielinski and Otton, 1999).

Very few well-documented cases of detailed flowback rates and composition have

been found. One of the more detailed analyses of flowback rates and composition that
has been identified is for the Marcellus Shale in Pennsylvania, an unconventional gas
resource (Hayes, 2009). The flowback rate and total dissolved solids concentration for a
particular case are shown in Figure 2-11. The input fracturing-fluid total-dissolved-solids
composition ranges from 221 to 27,800 parts per million (ppm), where higher levels may
be because of recycling of fracturing fluid. The rapid increase in total dissolved solids
during flowback indicates that a substantial amount of formation brine is mixing with
fracturing fluid in the flowback stream after a few days of flowback (Haluszczak et al.,
2013). Another mechanism that can increase the salinity of the flowback is the dissolution
of salt or other minerals from the formation into the fracturing fluid (Blauch, et al., 2009).

The recovery of guar polymer in flowback was measured for the Point of Rocks formation
at the McKittrick Field in the San Joaquin Valley, California (El Shaari et al., 2005). This
is a moderately low permeability (4.9 X 107 to 2 X 10 m? (0.05 to 20 md)) turbiditic
sandstone reservoir that has been hydraulically fractured using a cross-linked guar
polymer fracturing fluid. The recovery of guar in the flowback was measured for five
separate hydraulic fracture treatments in three wells. The volume of flowback monitored
ranged from 170% to 270% of the fracturing fluid injected, and the fraction of guar
recovered ranged from 48% to 67% of the mass injected.
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Figure 2-11. Example of flowback rates and totals dissolved solids composition from the
Marcellus shale (source: Hayes, 2009).

2.4.8. Hydraulic Fracturing Process: Examples from the Bakken and Eagle Ford Plays

This discussion of the different phases of the hydraulic fracturing process will

include examples of fracturing conducted in the Bakken and Eagle Ford plays. These
unconventional reservoirs are considered analogous to shale reservoirs in California’s
Monterey Formation (described in detail in Chapter 4), because they compare favorably
in terms of total organic content, depth, porosity, and permeability. However, there are
significant differences in terms of depositional age, extent of natural fracturing, tendency
towards great thickness, multiple lithofacies, tectonic activity, and folding (Beckwith,
2013). Chapter 3 discusses differences between hydraulic fracturing operations as
currently implemented in California with hydraulic fracturing for unconventional shale
reservoirs such as the Bakken and Eagle Ford.

The Bakken play is located in the Williston Basin in North Dakota, Montana, and Canada
(Pearson et al., 2013). The upper and lower members of the Bakken are shales that are
source rocks for oil. The middle member is the most frequent production target: It is a
silty sandstone to silty dolomite, with permeability in the range of 9.87 X 107 m? (0.1
md), and in North Dakota is found at depths of about 3,050 m (10,000 ft) (Pearson et al.,
2013; Wiley, Barree, Eberhard, and Lantz, 2004). Production wells in the Bakken shale
are typically horizontal wells with long laterals ranging from 2,290 to 2,900 m (7,500 to
9,500 ft) and use open-hole (uncemented) blank or sliding sleeve liners in the production
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interval (Pearson et al., 2013). A comparison of fracture fluid volumes used within the
middle Bakken member, shown in Table 2-3, found that slickwater fracture operations
used about three times more fluid per length of lateral than wells using a hybrid method,
and about four times more than wells employing a cross-linked gel (Pearson et al., 2013).
This is in accord with the relationship between fracturing fluid type and volume shown
on Figure 2-8.

Table 2-3. Variations in fluid volume and proppant use with treatment type (Pearson et al., 2013)

Average Average stage Average fluid Average proppant
Treatment type number of spacing volume per lateral weight per lateral
stages (m (ft)) foot (m*/m (gal/ft)) | length (kg/m (Ibs/ft))
Slickwater 35 84.4 (277) 13.2 (1060) 613 (412)
Hybrid 26 112.2 (368) 3.91 (310) 420 (282)
Cross-linked gel 29 103.3 (339) 3.44 (280) 570 (383)

The Eagle Ford play is composed of interbedded calcareous shale and calcisiltite (a rock
consisting of fine-grained calcareous detritus), and massive calcareous shale or mudstone
(Smith, 1981). The Eagle Ford play ranges in depth from 762,500 to 4,270 m (2,500 to
14,000 ft). Different parts of the play produce either oil and liquid-rich hydrocarbons or
mainly gas (Stegent et al., 2010). The permeability of the Eagle Ford ranges from 0.001 to
0.8 md (or 9.87 x 10 m? to 7.90 X 10! m?). Production wells in the Eagle Ford more
commonly used cemented blank liners with plug and perf completions (Greenberg, 2012).
In the example discussed below, the horizontal well has a true vertical depth of 4,040 m
(13,250 ft) with a lateral length of 1,160 m (3,800 ft), and produces at a high liquid/gas
ratio (Stegent et al., 2010).

While acid preflush treatments have not been identified in examples from the Bakken
play, Stegent et al. (2010) reported the use of 19.1 m® (5,040 gal) of 15% HCI for several
Eagle Ford play horizontal wells prior to injecting fracture fluids for each stage. Examples
from the Bakken and Eagle Ford use pad volumes that are about 20% to 30% of the

total fluid injected (Wiley et al., 2004; Stegent et al., 2010). In the case of the Eagle

Ford example, a hybrid fracture fluid scheme is used in which a linear gel alternating
with a cross-linked gel is used as the pad and a cross-linked gel is used to carry proppant
(Stegent et al., 2010). Furthermore, alternating injections of proppant-laden fluid with the
pad fluids are used to transition to a final period of extended proppant injection. Pearson
et al. (2013) report on the use of slickwater, cross-linked gel, and hybrid fracturing fluids
for the Bakken shale. Hlidek and Rieb (2011) indicate an increase in the use of linear gel
pad and a cross-linked gel for proppant injection.
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Figure 2-12. Slickwater fluid and ceramic proppant injection profile for the Bakken Shale
example (A) Cumulative fluid injection and injection rate; (B) Cumulative proppant injected
and proppant concentration (taken from Pearson et al., 2013, Figure 14)
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Figure 2-13. Hybrid fluid and sand proppant injection profile for the Eagle Ford Shale example

(A) Cumulative fluid injection and injection rate (fluid type initially a linear gel followed by
15% HCI and then by alternating pulses of x-link gel and linear gel, x-link used exclusively
from 95 minutes to the end); (B) Cumulative proppant injected and proppant concentration,
(proppant mesh size 30/50 initially until 124 minutes and then 20/40 until the end) (Stegent
et al., 2010). Note: about 60% of the 20/40 sand was a resin-coated proppant (Stegent et al.,
2010).

The proppant injection stage constitutes the bulk of the remaining fluid injected for
hydraulic fracturing. The final stage ends with a 37.9 m® (10,000 gal) or less overflush
of fracture fluid without proppant to clear proppant from the well and perforations. The
entire injection profiles for the example cases from the Bakken and Eagle Ford plays are
shown in Figures 2-12 and 2-13, respectively.
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In the case of the Bakken example, there were up to 30 stages per well for a 2,900 m
(9,500 ft) lateral. For the Eagle Ford example, a 1,160 m (3,800 ft) lateral was treated
with 11 stages. Therefore, the total fluid usage per well for the Bakken in this example is
about 29,900 m?® (7.9 million gal), as compared to about 12,500 m?® (3.3 million gal) for
the Eagle Ford case.

Based on the number of stages and lateral lengths, the average stage lengths in the two
examples were about the same, with a length of 97 m (318 ft) for the Bakken and 105 m
(344 ft) for the Eagle Ford. So the volume of fracturing fluid per well length is a bit higher
in the Eagle Ford example (10.9 m®/m (881 gal/ft)) than the Bakken example (10.2
m?/m or 824 gal/ft). Treatment, well and formation parameters for the Bakken and Eagle
Ford stimulation examples are summarized in Table 2-4. The higher fluid volume for the
Eagle Ford as compared with the Bakken is consistent with the trend in Figure 2-8, given
the lower permeability in the Eagle Ford. However, the much higher permeability in the
Bakken than the Eagle Ford suggests there should be a larger difference in fracturing fluid
volume. The small difference in fluid volume may result from the choice of fracture fluid
not following the trend for permeability in Figure 2-8. The lower permeability of the Eagle
Ford suggests that slickwater would be more likely to be used in that play and a gelled
fracture fluid in the Bakken instead of the reverse, as was actually done. It may be that the
difference in brittleness between the Bakken and Eagle Ford is a more important control
on fluid selection than is permeability. These examples suggest the trends in Figure 2-8
may only be true on average, and that individual cases may deviate substantially.

Table 2-4. Treatment, well, and formation parameters for the Bakken and Eagle Ford
stimulation examples.

Parameters Bakken Eagle Ford
Depth, m (ft) 3050 (10,000) 4040 (13,250)
Lateral length, m (ft) 2900 (9500) 1160 (3800)
Number of stages 30 11
Permeability, md (m?) 0.001 to 0.8 (9.87 x 107'° to 7.90 x 107'%) 0.1 (9.87 x 107"7)
Fracture uid volume, m* (gal) 29,900 (7,900,000) 12,500 (3,300,000)
Fracturing uid volume/lateral

length, m3/m (gal/ft) 10.9 (881) 10.2 (824)

After fracture fluid injection, the well is produced to remove the fracture fluids (but not
the proppant). The flowback fluids are initially similar to the injected fracture fluids but
gradually are displaced until aqueous-phase fluid compositions are controlled by the
aqueous phase present in the reservoir, typically a higher-salinity fluid. The amount of
fracture-fluid recovery varies considerably for different reservoirs and generally ranges
between 5% and 50% of the injected volume (King, 2012). However, many of the
fracture-fluid additives are not recovered because of sorption, or are perhaps recovered as
products of chemical reactions that occur in the reservoir. Polymers, biocides, and acids react
and degrade under in situ reservoir conditions, and surfactants are adsorbed on rock surfaces.
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2.4.9. Refracturing

Refracturing is the application of more than one hydraulic fracturing treatment to a

well. Repeated hydraulic fracturing is done to boost the performance of a well after the
production from an initial fracturing treatment has declined. In general, the low ultimate
recovery estimated for most unconventional reservoirs and the rapid production decline
found for these types of reservoirs may lead to additional well stimulations. Refracturing
is often considered as an alternative to drilling infill wells that also require hydraulic
fracturing. Therefore, refracturing may not actually represent additional hydraulic fracture
treatments for a given reservoir if the alternative is the addition of infill wells that are

also stimulated. Vincent (2010; 2011) has documented numerous cases of refracturing in
which successful candidates appear to be related to the following factors:

* Inadequate initial fracture design

* Flawed execution of initial treatment

e Improved fracturing technology and materials
e Improved reservoir knowledge

* Increase in hydrocarbon price

* Changes in reservoir stress

Refracturing may be effective where the original treatment failed to contact regions
containing hydrocarbon resources that can be improved through additional perforations,
improved treatment diversion, or fracture reorientation. Refracturing may also be
successful for cases in which proppant strength or injection were inadequate and
resulted in poor fracture conductivity, or where fracturing fluids were used that were
not compatible with the reservoir. Vincent (2010) reports that refracturing surveys show
about one-third of the refracturing treatments are not successful; however, the current
methodology for evaluating and designing effective refracturing treatments for many of
these cases were found to be lacking.

Refracturing appears to be used sparingly. The EPA estimates about 10% of
unconventional gas wells are refractured (Advanced Resources International, 2012)

and an industry survey (Shires and Lev-On, 2012) indicates that the refracturing rate is
even more limited, with about 2 percent of the current unconventional wells undergoing
refracturing treatments. In the survey, most of the regions showed very low rates of
refracturing, with a much higher rate (15%) within the DJ Basin. The difference for the
DJ Basin was attributed to the specific geologic factors that did not seem to be present or
likely to be present for other unconventional reservoirs. Nevertheless, given the relatively
recent use of hydraulic fracturing to produce unconventional oil and gas reservoirs and
the currently low ultimate recovery (about 1 to 10%) from such reservoirs (Sandrea,
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2012), it can be expected that changes in treatment technologies and strategies will likely
lead to an evolving approach to refracturing and/or infill drilling to recover a greater
fraction of the hydrocarbon resources present.

2.4.10. Surface Operations Associated with Hydraulic Fracturing

The previous sections have described what occurs during hydraulic fracturing in terms
of fluids and materials injected and withdrawn, and their effects on the underground
environment. In this section, the surface operations required to conduct hydraulic
fracturing are described.

After planning and designing a hydraulic fracture stimulation, the identified materials
and equipment need to be brought to the well pad. In terms of bulk, the main materials
are the base fracture fluid (usually water) and proppant. As shown in the examples in
Section 2.4.7, the amount of water used to hydraulically fracture one well can be as high
as tens of thousands of cubic meters (millions of gallons), but can also be significantly
less depending on the length of the interval to be stimulated and the characteristics of
the rock. The water is transported to the well by truck or pipeline and then stored onsite
in tanks or ponds. In addition to water, a large volume of proppant is typically needed,
which is transported to the well by truck and contained at the well pad in sand storage
units, which may need to hold in excess of a million kilograms (about one thousand

tons) of proppant. Water storage tanks are also required for the flowback, which can vary
widely in amount from 5 to 50% of the injected volume, with the remainder remaining in
the reservoir (King, 2012).

As discussed in Section 2.4.2.4, other chemical additives are commonly used, but the
quantities of these additives are always much less (approximately 1 percent) than the base
fracture fluid and proppant. Some chemicals are brought to the well pad by special trucks,
such as for acid or a gel slurry. Other chemicals are usually delivered on flatbed trucks
(Arthur et al., 2008).

In addition to storage equipment, the operation requires other equipment, including frac
pumps, blending units, and piping to connect to the source materials and to the well, as

shown in Figure 2-14. The piping that connects the blenders on the low pressure side of

the frac pumps to the wellhead on the high pressure side is called the manifold.
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Figure 2-14. Diagram of hydraulic fracture surface equipment (http://fracfocus.ca/hydraulic-

fracturing-how-it-works/hydraulic-fracturing-process).

For offshore operations, hydraulic fracturing materials and equipment are transported

to the well by boat instead of truck, and the water is typically seawater. The types

of equipment for a hydraulic fracture treatment is similar for an offshore fracturing
treatment, but usually involves smaller volumes of base fluid, proppant, and chemical
additives and also less equipment, e.g., fewer injection pumps. The largest material
component of a hydraulic fracture treatment is the water to be injected. Freshwater is
commonly used onshore, but becomes more of a logistical problem offshore. One option
that has been implemented for offshore hydraulic fracturing is to use seawater instead of
freshwater (Harris and van Batenburg, 1998; Bukovac et al., 2009; API, 2013; Xiao et al.,
2014). Offshore operations are limited by space in comparison with well pads that are
sized to accommodate the well stimulation equipment and materials. The equipment for

a hydraulic fracture treatment can be either based on the platform itself or in conjunction
with a jack-up rig and/or a support vessel (Robertson et al., 2010; Abdelaziz et al., 2014;
Edwards and Pongratz, 1995). However, there are several physical limitations for offshore
hydraulic fracturing that impact the surface configuration of the treatment system (Casero
et al., 2008):

* Space limitations
* Weight/area restrictions

¢ Sea conditions
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* Availability of marine and stimulation equipment resources
* Mobilization expense for all rig and stimulation equipment

Because of these limitations, offshore hydraulic fracture treatments often are conducted
using a dedicated stimulation vessel or other types of support vessels that hold the
stimulation equipment alongside the platform.

2.5. Matrix Acidizing

Matrix acidizing has been used for more than 100 years; the first treatment was performed
on carbonate formations near Lima, Ohio in 1895 (Kalfayan, 2008). Matrix acidizing

is different from acid fracturing discussed in Section 2.4.4, in that the acid solution is
injected below the parting pressure of the formation; therefore, hydraulic fractures are not
created by matrix acidizing (Kalfayan, 2008).

The modern application of matrix acidizing is split into two broad categories: carbonate
acidizing and sandstone acidizing. Hydrochloric acid (HCI) is very effective at dissolving
carbonate minerals. The high reaction rates between HCl and carbonate minerals means
that mass transfer of HCl limits the overall rock dissolution rate. The result is that HCI
treatments in carbonate rock generate highly nonuniform dissolution patterns called
wormholes (Economides et al., 2013). For that reason, carbonate acidizing utilizes HCI
injected into the formation to create wormholes that bypass formation damage around the
well. However, because wormholes can penetrate up to 6.1 m (20 ft) from the wellbore,
carbonate acidizing may also be used to stimulate carbonate formations that do not have
significant formation damage around the well (Economides et al., 2013).

Sandstone acidizing uses alternating treatments of concentrated HCI and concentrated
mixtures of HCI and hydrofluoric acid (HF), which are effective at dissolving silicate
minerals. Sandstone acidizing differs from carbonate acidizing in that the reaction rates
are four orders of magnitude (or more) lower, such that the rock dissolution rate is
controlled by the chemical kinetics of the process, not the mass transfer of acid into the
system (Economides et al., 2013). The result is relatively uniform rock dissolution as
compared with carbonates. This type of acidizing treatment dissolves materials (such as
drilling mud) that clog the casing perforations and pore networks of the near-wellbore
formation. Sandstone acidizing is nearly always limited to treatment of formation
damage within 0.3-0.6 m (1-2 ft) of the well. The main exception to the limited range of
treatment for sandstone acidizing is for naturally fractured siliceous formations, including
shales and cherts (Kalfayan, 2008).

Matrix acidizing is not commonly used for stimulation of unconventional reservoirs. This
is because these low-permeability reservoirs require the more deeply penetrating and
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intensive stimulation available from hydraulic fracturing to effectively produce oil or gas.
Most shales also lack sufficient acid solubility. A unique exception that has been identified
is the use of sandstone acidizing stimulation to enhance oil production from a producing
field in the Monterey Formation in California (Rowe et al., 2004; Trehan et al., 2012a; El
Shaari et al., 2011).

As discussed in Chapters 3 and 4, California’s oil and gas resources are primarily found in
silicate-rich rock rather than carbonate rock. Therefore, the remainder of this section will
focus on sandstone acidizing.

2.5.1. Sandstone Acidizing

Sandstone acidizing typically consists of three injection phases, (1) an initial injection of
HCI preflush; (2) injection of an HCI/HF mixture; and (3) a post-flush of diesel, brine,
or HCI. After the injection phases, the well is flowed back (Economides et al., 2013).
The injection phases are conducted below the fracture pressure. Acid concentrations are
dependent on formation mineralogy and permeability. The preflush HCI concentrations
typically vary from 5% to 15%, while the HCI/HF mixture may have HCI concentrations
from about 13.5% down to 3% and HF from 3% down to 0.5% in various combinations
(Kalfayan, 2008). In general, higher permeability formations with lower clay and silt
content are treated with higher acid concentrations (Economides et al., 2013).

The purpose of the HCI preflush is to dissolve carbonate minerals and displace formation
water. Carbonate minerals react with HF to form insoluble precipitates that can cause
formation damage. Organic acids, such as formic-acetic acid blends, are sometimes used
alone or in combination with HCI for the preflush (Kalfayan, 2008). The preflush volumes
are generally equal to 50 to 100% of the subsequent HCI/HF treatment volume.

The HCI/HF acid treatment is the main acid stage for sandstone acidizing. This acid
targets siliceous minerals that are blocking flow paths to the well. These minerals may be
siliceous particles from drilling mud, such as bentonite, that have invaded and blocked
pores and fractures, or naturally occurring fine-grained sediments in the reservoir. The
contact time should be limited to 2 to 4 hours per stage to avoid mineral precipitation
damage caused by precipitation of HF reaction products.

Volumes injected generally range from 0.124 to 3.1 m3/m (10 to 250 gal/ft) of treated
interval (Kalfayan, 2008). Injection rates are also important because of the reaction-rate
kinetics, both for mineral dissolution and precipitation, the transport times for the acid
to penetrate the formation, and because the injection pressure needs to remain below
the fracture pressure (Economides et al., 2013). High-volume, high-rate treatments are
typically limited to high-permeability, high-quartz content sands and fractured rock,
including shales.
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Sandstone acidizing is normally used only when formation damage near the well

is impeding flow into the well. This is because penetration of a sandstone acidizing
treatment into the formation is generally only about 0.3 m (1 ft). The maximum benefit
of enhancing permeability in this limited region around the well for an undamaged
formation is only about 20% (Economides at al., 2013). However, there is much

less known about sandstone acidizing in siliceous reservoirs with permeable natural
fractures, such as in some parts of the Monterey Formation (Kalfayan, 2008). In these
circumstances, sandstone acidizing may be able to penetrate and remove natural or
drilling-induced blockage in fractures deeper into the formation (Rowe et al., 2004;
Patton, Pits, Goeres, and Hertfelder, 2003; Kalfayan, 2008). Kalfayan (2008) indicates
that HCI/HF acidizing in naturally fractured siliceous rock uses high volumes > 1.24
m®/m (> 100 gal/ft). However, both low volume 0.248 m3/m (20 gal/ft) and higher
volume 3.1 m®/m (250 gal/ft) HCI/HF treatments in fractured Monterey reservoirs have
been reported (Patton, et al., 2003; Rowe et al., 2004).

The post-treatment flush displaces any live acid from the well. Flushing may be done with
diesel, ammonium chloride solutions, and HCl (Economides et al., 2013). The volume of
the post-flush should at least be sufficient to displace acid from the wellbore. After the
injection phases are completed, the well is typically flowed back to recover spent-acid-
reaction products after most of the acid has been consumed to minimize damage caused
by precipitation. Sandstone acidizing for oil wells and gas wells is substantially the same;
however, for oil wells, the post-treatment flush is typically larger than the main acid
treatment volume, whereas for gas wells, the post-treatment flush volume is typically
smaller (Kalfayan, 2008).

2.5.1.1. Sandstone Acidizing Fluid Composition

Similar to hydraulic fracturing fluids, several additives are generally included in the acid
treatment fluids. In particular, corrosion inhibitors and iron control agents are always
used. Corrosion inhibitors are needed to protect steel components in the well, such as
the casing and tubing. Iron control agents react with dissolved iron and other dissolved
metals to limit solids precipitation. Surfactants and mutual solvents are also often used.
Surfactants increase the removal of spent acid during the backflow and to leave the
formation in a water-wet condition (meaning water adheres to the rock more strongly
than oil). Mutual solvents have been found to be useful in helping remove corrosion
inhibitors that tend to adsorb onto rock and leave it in an oil-wet condition (meaning oil
adheres to the rock more strongly than oil, which reduces oil production). Table 2-5 gives
further information on these and other additives that are used in some cases.
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Table 2-5. Sandstone acidizing additives (Kalfayan, 2008)

Additive type Description of purpose Examples of chemicals Injection Typical concentration
phase used | range
corrosion inhibitor prevent corrosion of metal- | cationic polymers all injection | 0.1 — 2%
lic well components phases
iron control agent inhibit precipitation of ethylenediaminetetraacetic acid all acid EDTA: 30-60*
iron, prevention of sludge (EDTA), erythorbic acid, nitrilotriac- | phases erythorbic acid:
formation etic acid (NTA), citric acid 10-100*
NTA: 25-350*
citric acid: 25-200*
surfactant aid in recovery of spent nonionic, such as polyethylene all acid 0.1-0.4%
acid products oxide and polypropylene oxide phases
mutual solvent help remove corrosion ethylene glycol monobutyl ether post- ush 3-5%
inhibitors (EGMBE)
nonemulsifiers prevent acid-oil emulsions | nonionic or cationic surfactant all acid 0.1-0.5%
phases
antisludging agent prevents formation of surfactant and iron control agents | all acid 0.1-1%
sludge from acid and high phases
asphaltenic oils
clay stabilizer prevent migration/ swelling | Polyquaternary amines, poly- post- ush 0.1-0.4%
of clays amines
fines-stabilizing agent | prevent migration of non- | Organosilanes all phases 0.5-1%
clay fines
calcium carbonate / prevent formation of cal- phosphonates, sulfonates, polyac- | all acid NA
calcium sulfate scale | cium scale rylates phases
inhibitor
friction reducer reduce pipe friction Polyacrylamide all injection | 0.1-0.3%
phases
acetic acid reduce precipitation of acetic acid HCI/HF 3%
aluminosilicates phase

* pounds per thousand gallons of acid = 0.12 grams per liter (g/1)

2.5.1.2. Diversion

Placement of acid is an important element for effective sandstone acidizing. This is

because the acid tends to flow into formation pathways that are most permeable. This is
problematic, because acidizing treatments are generally intended to contact and improve
the permeability of zones that are plugged and have a low permeability. In addition to

permeability variations between zones, diversion also helps improve the acid injection
profile because of zonal differences in formation pressure, compressibility, resident fluid
viscosity, and fracturing (Trehan et al., 2012b). Therefore, methods to divert acidizing

treatments away from permeable zones and into the low-permeability zones are needed
(Economides et al., 2013).
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The main diversion methods are mechanical—including packer systems, ball sealants,

and coiled tubing—and chemical—including particulate diverters, foams, and gels. Direct
mechanical diversion is provided by packers which isolate the zones where the acid
contacts the formation. Packers are an effective but somewhat resource-intensive diversion
method. Ball sealers are also a mechanical diversion method that injects 0.0159-0.0318 m
(0.0512-0.104 ft) diameter balls made of nylon, hard rubber, or bio-degradable materials
such as collagen, into the well (Kalfayan, 2008). The balls seat on and seal perforations,
preferentially closing perforations that are taking most of the flow, thereby diverting flow
to other perforations (Samuel and Sengul, 2003). The method requires high pumping
rates and perforations that are in good condition to be effective. Coiled tubing is another
mechanical diversion method. Coiled tubing is any continuously milled tubular product
manufactured in lengths that require spooling onto a take-up reel and have diameters
ranging from 0.0191-0.102 m (0.0625-0.333 ft) (ICoTA, 2014). The tubing is sent down
the well to the location where treatment is desired, and the treatment fluids are pumped
through the tubing. The method is effective at delivering fluids at locations needed, but
can result in pump-rate limitations because of the small tubing diameter, and the tubing
can be damaged by acid corrosion, causing leaks and tubing failure (Kalfayan, 2008).

Particulate diverters are a chemical diversion technique that uses benzoic acid, which
precipitates into flakes or fines when the acid solution mixes with formation waters at
reservoir conditions. The particulates then plug off the more actively flowing zones, and
the acid treatment is diverted to locations where less of the diverting agent has been
deposited. Gels and foams are viscous diversion treatments that reduce flow into higher
permeability zones by the establishment of a bank of higher viscosity fluid in the region.
Gels are more reliable, but can lead to problems if they cannot be subsequently broken
and/or removed after the acidizing treatment (Kalfayan, 2008).

A final method that is applicable for high-rate injection schemes is known as maximum
pressure differential and injection rate (MAPDIR) (Paccaloni, 1995). A similar approach is
also used for carbonate acidizing (Economides et al., 2013). This method pumps the acid
treatments at the highest rate possible without exceeding the formation fracture pressure.
One of the advantages of this method is that diverting agents may not be needed. The
method is useful for treating long, damaged, naturally fractured intervals.

2.5.2. Surface Operations for Matrix Acidizing

Surface operations for matrix acidizing involve many of the same types of equipment and
materials as for hydraulic fracturing. The main difference is that no fractures are formed
during the treatment, meaning that injection pressures and rates are typically lower.
Also, there is no need for proppant. Nevertheless, there are situations in which acid is
injected at the highest possible rate subject to the constraint that the fracture pressure is
not exceeded (see Section 2.5.1). This requires chemical storage trucks or tanks, pumps,
blending units, and piping.
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A surface setup for a large-scale matrix acidizing treatment is described by Trehan et al.
(2012a). In this particular operation, the acid is injected at a high rate as an N,-acid foam,
in which both the foam and the high rate act to divert acid from zones that have already
been depleted into zones that have not been effectively contacted or produced. The
surface operations require storage for acid, nitrogen, and other chemical additives such as
corrosion inhibitor, iron control agent, and surfactant. The acid and additives are mixed in
a blender unit that is then pumped into the well along with nitrogen. The treatment fluid
is delivered in a variety of ways, including through production tubing, coiled tubing, drill
pipe or the tubing/casing annulus (Kalfayan and Martin, 2009).

The objectives and execution of matrix acidizing for the offshore environment is similar
to onshore acidizing treatments. However, as for hydraulic fracturing, offshore operations
are limited by space in comparison with well pads onshore that are sized to accommodate
the well stimulation equipment and materials (see Section 2.4.8). This can result in some
differences in application details, such as the use of coiled tubing offshore may be limited
because of space restrictions (Mishra, 2007). Also, similar to hydraulic fracturing, space
limitations on the platform can lead to the use of a temporary support vessel or jack-

up platform to conduct matrix acidizing treatments (Ritter et al., 2002; Edwards and
Pongratz, 1995).

Transportation of materials is basically the same as for hydraulic fracturing, both onshore
and offshore. Hydrochloric acid is typically delivered as a liquid in a specialized truck
onshore (Arthur et al., 2008) and in tanks on a supply vessel offshore. But hydrofluoric
acid is sometimes produced onsite by mixing ammonium bifluoride (as a dry chemical)
with hydrochloric acid rather than being delivered as a live acid (Trican, 2014;
Halliburton, 2014b).

2.6. Data Quality and Data Gaps

As discussed in Chapter 1, sources of information cited in this chapter are based to the
extent possible on peer-reviewed scientific literature. However, because of the limited
information available through peer-reviewed literature other relevant, non-peer-reviewed
information was considered. These include government data and reports as well as
non-peer reviewed reports and documents if they were topically relevant and determined
to be scientifically credible by the authors and reviewers of this volume.

Despite the large quantity of information on well stimulation technology cited in this
chapter, some subjects associated with well stimulation appear to be either not as well
understood or perhaps just not as well covered by the existing publications.

One aspect of the technical implementation that does not seem to be as clearly discussed
or explained in the literature is the different ways hydraulic fracturing treatments are
delivered through the well. This concerns the details on the exact injection configuration
(through well tubulars, coiled tubing, drill pipe, directly through casing pipe), which
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is mainly of concern for hydraulic fracturing. Injection of the high-pressure fracture
treatment directly through the well casing poses the potential problem of excess fluid
pressure leading to damage to the well-cement-formation interfaces that are critical for
zonal isolation. Injection of fracturing fluids and materials through production tubing or
through coiled tubing provide a barrier against exposing these components of the well to
stresses that may affect their ability to function as designed. This needs to be considered
and addressed because wells, including the well under treatment as well as other wells
within the zone of influence of the treatment, are potentially an important leakage
pathway for fluids to migrate from subsurface locations to potable water supplies or the
ground surface.

Another facet of hydraulic fracturing that does not seem to have received much attention
is the quantity and composition of flowback for hydraulic fracturing and matrix
acidizing. Flowback is known to be important in terms of well stimulation: if the injected
treatment fluids for fracturing or acidizing are not adequately recovered, the treatment
can be diminished or even fail because of the damage to the effective permeability

in the treatment zones that results. Nevertheless, understanding of the factors that
influence recovery of treatment fluids and their composition, as well as measurements to
characterize these factors, appears to be lacking.

The process of acid fracturing was not emphasized in this chapter because of the

evidence that oil and gas production in California, onshore and offshore, is produced
from reservoirs that are siliceous and have insufficient carbonate mineral content to be
treated by this stimulation technique. Nearly every technical description of acid fracturing
has stated that acid fracturing is not applicable for siliceous reservoirs, and no known
publications have described this technique as being successfully applied to a siliceous
reservoir. Nevertheless, a small number of attempts to use acid fracturing in California
appear to have been reported, but no information on the reasons for these specific
applications or the results of these attempts have been published.

As discussed in this section, matrix acidizing is mainly used to treat formation damage
near the well. This is particularly true for siliceous reservoirs which receive sandstone
matrix acidizing treatments that generally do not penetrate more than 1 m (3 ft) away
from the well. However some reports of acidizing in the naturally fractured Monterey
Formation and in more general descriptions of the technique have indicated that the
treatment radius in naturally fractured (or even in hydraulically fractured) formations
may see permeability enhancement deeper into the formation. Exactly how matrix
acidizing alters reservoir properties for naturally fractured siliceous shales such as the
Monterey appears to be poorly documented.

75



Chapter 2: Advanced Well Stimulation Technologies

2.7. Findings

The main findings of this chapter are as follows:

1. The design of a hydraulic fracture is a function of the reservoir’s flow and
mechanical characteristics. Reservoirs that are more permeable (within the
permeability range where well stimulation is needed) and ductile tend to require
less fracturing. This leads to the use of a more viscous gelled fracturing fluid and
a relatively smaller fracture fluid volume. Gelled fluids typically have more types
and a higher total mass of chemical additives than slickwater. Reservoirs that
have relatively small permeability and are brittle tend to require more intensive
fracturing. This leads to the use of a less viscous slickwater fluid and a relatively
larger fluid volume injected compared to gelled fracture fluid treatments.

2. Application of acid fracturing is commonly limited to carbonate reservoirs. This
is significant because California’s hydrocarbon resources are primarily found in
siliceous rock rather than carbonate rock, as shown in Chapters 3 and 4.

3. Matrix acidizing for siliceous reservoirs typically has a very limited penetration
distance from the well into the formation. Therefore, this type of matrix acidizing
tends to have a small effect on larger-scale reservoir permeability, with the
possible exception of reservoirs in which acidizing may open up natural fractures
by dissolving plugging material.

4. While surface logistics for well stimulation differ for offshore as compared with
onshore, the same principles for well stimulation apply for the underground
environment, and the kinds of stimulation treatments applied are mainly a
function of the reservoir geology. However, offshore fields tend to have moderate-
to-high permeability, such that fracture stimulation, when used, is often
performed as a frac-pack, with the objectives of bypassing formation damage and
controlling sand production.
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Chapter Three

Historical and Current
Application of Well Stimulation
Technology in California

Abstract

Eight data sets regarding well stimulation in California were identified from four
independent sources. None of the sets provides comprehensive information covering a
period of time that can be described as having stimulation activity as usual. However,

the overlap between the sets and consistency with previous estimates using more limited
data provides confidence that assessments of frequency of use, geographic distribution,
and stimulation fluid volume and type are accurate, if not precise. The records indicate
California operators use three types of well stimulation: hydraulic fracturing, acid
fracturing, and matrix acidizing. About 150 wells per month undergo hydraulic fracturing,
less than one well a month undergoes acid fracturing, and about 20 wells a month
undergo matrix acidizing (although there is uncertainty regarding discriminating matrix
acidizing for increased permeability and production from acidizing to remediate damage
due to drilling). The number of production wells hydraulically fractured per year has
remained relatively constant over the last 12 years studied, while the number of injection
wells hydraulically fractured has increased. Hydraulic fracturing facilitates one fifth of the
oil and gas production in the state, with most of this gas co-produced with oil. Hydraulic
fracturing practice in California differs from that in other states. It primarily occurs in a
few established oil fields containing shallow migrated oil in the southwestern portion of
the San Joaquin Basin, as shown in Figure 3-1, rather than over more widespread areas in
deep source rocks as in some other parts of the country. The average fracturing operation
uses 530 cubic meters (m?; 140,000 gallons, gal) of water, a much smaller amount than
used per operation in many other parts of the country. California operations require
smaller volumes of water because operators in this state fracture in relatively shallow
vertical wells (less than 600 meters (m; 2,000 feet, ft) deep), with shorter treatment
intervals than the horizontal wells common elsewhere. In about half the operations, the
top of the fracturing interval is less than 300 m (1,000 ft) deep. The nearly exclusive use
of predominantly crosslinked gel-based hydraulic fracturing fluids in California compared
to less viscous gels and slickwater in other parts of the country also accounts for smaller
fluid volumes. Fracturing a well with less viscous fluids typically requires up to several
times the volumes used of crosslinked gel fluids.
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Figure 3-1. Oil and gas fields with more than 5% of the hydraulic fracturing or matrix acidizing
reported in California. In total, 85% of the hydraulic fracturing and over 95% of the matrix
acidizing reported occurs in these fields. So few acid fracturing operations are reported that the
fields where they occur are not indicated.

3.1. Introduction

This chapter reviews the application in California of the three well stimulation
technologies described in Chapter 2 (hydraulic fracturing, acid fracturing and matrix
acidizing), and includes a review of the history of each technology’s application,

estimates of current deployment rates for each, and the stimulation-fluid volumes and
types typically utilized in California. The organization of the chapter is parallel to the
organization of Chapter 2, giving the historical and present day practice for each well
stimulation technology, first for onshore oil production, then offshore oil production, and
finally gas production. No acid fracturing has been reported offshore. No matrix acidizing
has been reported offshore since 2010.
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As discussed in Chapter 2, horizontal drilling technology is integral to hydraulic fracturing
practice in many of the shale oil and gas reservoirs outside California, such as the Eagle
Ford and Bakken (primarily in Texas and North Dakota, respectively). Horizontal drilling
is much less common in California fields, and is often used without hydraulic fracturing or
other well stimulation. The various uses of horizontal drilling in California are discussed
in Appendix H.

3.2. Hydraulic Fracturing

3.2.1. Historical Use of Hydraulic Fracturing from Literature

The earliest fracturing reported in California dates back to 1953 in the Cymric field of the
San Joaquin Basin (California Division of Qil, Gas and Geothermal Resources (DOGGR),
1998), and in the Brea-Olinda and Esperanza fields in the Los Angeles Basin (Ghauri,
1960). The technique was applied in other fields in the following decades, including the
Buena Vista field in the San Joaquin Basin, and the Sespe and Holser fields in Ventura
County (Erickson and Kumataka, 1977; Norton and Hoffman, 1982). This early fracturing
was accomplished with water- and oil-based fluids, both gelled and ungelled (Ghauri,
1960; Erickson and Kumataka, 1977). Ungelled, oil-based fluids provided the best results
(Erickson and Kumataka, 1977; Norton and Hoffman, 1982). These applications were
typically in shale or low-permeability sandstone (Ghauri, 1960; Erickson and Kumataka,
1977; Norton and Hoffman, 1982). Hydraulic fracturing of diatomite!, which requires well
stimulation for successful production, is reported as early as the late 1960s in California.

Hydraulic fracturing became common in the production of oil from diatomite, opal CT
and siliceous shale, and quartz-phase shale starting in the late 1960s. Gulf Oil successfully
treated a 230 m (750 ft) vertical interval of diatomite from a vertical well in the Lost Hills
field using multistage fracturing. Oil production increased relative to untreated wells,

but only for two months. The increase was insufficient for the treatments to be economic
(Yarbrough et al., 1969). Further development of the technique led to its economically
viable and widespread application to vertical wells in diatomite by the late 1970s
(Emanuele et al., 1998). Hydraulic fracturing of the diatomite in the San Joaquin Basin
became relatively standardized within companies in the following decades, but practice
varied from company to company (Allan et al., 2010).

Besides diatomite and rock derived from diatomite, hydraulic fracturing has also been
used in low-permeability sandstones. For instance, such rocks have been successfully
targeted in the Elk Hills, North Coles Levee, and Mount Poso fields (Underdown et al.,
1993; Agiddi, 2004; Evans, 2012). Small volume hydraulic fracturing has also been

1. Diatomite is a high-porosity, low-permeability rock consisting primarily of siliceous matter (material containing silica
(Si02)) from diatoms, a type of marine algae. It is a reservoir rock containing oil in some fields (for more information,

see Chapter 4). It occurs in thick sequences (up to 600 m (2,000 ft) thick).
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successfully applied in unconsolidated sands in the Kern River field (Jones, 1999). Frac-
pack have been applied to sands in the Wilmington and Inglewood fields (Turnage et
al., 2006; Moodie et al. 2004). The application of frac-packs to some reservoirs in the
Wilmington field allowed production that had previously been prevented by the entry
of reservoir sand into wells during production. The central and southern California
sandstones discussed above all produce oil. Limited hydraulic fracturing of gas-bearing
sands in northern California has also been reported (El Shaari and Minner, 2006).

The first successful production resulting from hydraulic fracturing in diatomite at the
South Belridge field in the San Joaquin Basin occurred in 1977 (Allan et al., 2010). By
the early 1980s, one operator had hydraulically fractured hundreds of vertical wells in
the diatomite at South Belridge, as well as at several other fields (Strubhar et al., 1984).
Water flooding of the diatomite in the South Belridge field started in the late 1980s and
hydraulic fracturing of both injection and production wells was standard practice (Yang,
2012). Water flooding involves injection of water into an oil reservoir to drive more oil to
the producing wells.

In the early 1990s, the first horizontal wells were installed in the South Belridge field

in the thinner oil zones consisting of diatomite recrystallized to opal CT (see Section
4.2.2) along some margins of the field. These were subsequently hydraulically fractured
in stages. Orienting the wells for longitudinal fractures was found to result in greater
production (Allan et al., 2010). Vertical wells were found to be a better approach in zones
with oil thicker than 137 m (450 ft) toward the center of the field.

The diatomite in the Lost Hills field in the San Joaquin Basin has a similar development
history as that in the South Belridge field in the San Joaquin Basin. Multistage fracturing
from vertical wells stimulated a 230 m (750 ft) vertical interval of diatomite in the Lost
Hills field in the 1960s, but the increased production was insufficient for the treatments
to be economic (Yarbrough et al., 1969). Further development of the technique in the
diatomite led to its economically viable application in vertical wells by the late 1970s
(Emanuele et al., 1998; Fast et al., 1993; Strubhar et al., 1984; Hansen and Purcell, 1989).

The early 1990s saw the implementation of water flooding of the diatomite in the field
to improve production and reduce ground subsidence. This required hydraulic fracturing
of both the vertical injectors and producers (Wilt et al., 2001). Between the late 1980s
and the mid-1990s, operators completed over 2,700 hydraulic fracture stimulations in
diatomite in the Lost Hills field (Nelson et al., 1996). Subsequently, tens to hundreds of
hydraulically fractured vertical wells were installed per year through at least 2005 (Hejl
et al., 2007). Horizontal wells in the thinner oil zones along the margins of the field were
first installed in the mid-1990s. The first test wells were oriented for transverse fractures
(perpendicular to well direction). Based on the results, horizontal wells subsequently
installed for production along the margins of the field are oriented for longitudinal
fractures (Emanuele et al., 1998).
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The literature records hydraulic fracturing of the siliceous shales in the Lost Hills

field as early as the 1960s as well (Al-Khatib et al., 1984). These are diatomaceous
mudstones recrystallized due to the large depth of burial. Hydraulic fracturing during

the 1960s through most of the 1970s in an area with naturally occurring fractures did

not significantly improve production. In 1979, hydraulic fracturing did enable successful
oil production from rocks without natural fractures present nearby. Consequently, in the
early 1980s, hundreds of vertical wells were installed and fractured over 30 to 120 m (100
to 400 ft) vertical intervals.

As in the South Belridge and Lost Hills fields described above, a progression from vertical
to horizontal wells occurred in the North Shafter field. Production was established from
hydraulically fractured vertical wells starting in 1982, and installation of hydraulically
fractured horizontal wells commenced in 1997 and subsequently became predominant
(Ganong et al., 2003). Horizontal wells in the similar Rose field nearby were oriented for
longitudinal fractures, but fracturing resulted in complex fractures with both transverse
and longitudinal components. This was attributed to almost equal stress in all directions
(Minner et al., 2003). Production from these fields is from a quartz-phase shale (Ganong
et al., 2003). This is a more recrystallized form of diatomite, due to greater burial depth,
as explained in Section 4.2.2.

The reported hydraulic fracturing fluid types used since the 1970s are primarily water-
based and predominantly gels. For instance, Hejl et al. (2007) reports the various gels
used to fracture the diatomite at Lost Hills starting in the 1980s. Fracturing with gels is
noted in the McKittrick field in the mid-1990s (Minner et al., 1997; El Shaari et al., 2005)
and in the Belridge field at the same time (Allan et al., 2010). One of the Stevens Sand
reservoirs in the Elk Hills field was fractured with gels starting in the late 1990s (Agiddi,
2004, 2005). An exception is the use of ungelled oils for conducting frac-packs in the
Inglewood field (Moodie et al. 2004).

The type of fluid used has changed through time in some locations to better match
conditions. For example, successful fracturing in the Edison field used ungelled water, and
ungelled water subsequently replaced the gels used for hydraulic fracturing previously in
the Tejon field. The ungelled fractures provided economically viable results as opposed to
the gelled fractures (Mathis et al., 2000). Research starting in 2002 led to switching from
crosslinked gels to low-polymer-concentration gels to minimize plugging of the natural
pores in a low-permeability sandstone reservoir in the Elk Hills field (Agiddi, 2005).
Foamed linear gels and foamed and unfoamed cross-linked gels have been used in gas
sands in northern California (El Shaari and Minner, 2006).
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3.2.2. Historical Use of Hydraulic Fracturing from Well Records

3.2.2.1. Historical Use of Hydraulic Fracturing Onshore and in State Waters Combined

DOGGR regulates all oil and gas wells onshore and within three nautical miles of the
coast, termed “state waters.” The percent of wells regulated by DOGGR that have been
hydraulically fractured was estimated by searching well records for wells with first
production or injection from 2002 through September 2013. September 2013 was the
most recent first production and injection data available at the start of this study in
early 2014. The search also identified wells that had been frac-packed.? Further details
regarding the search procedure are available in Appendix I.

Figure 3-2 shows the sedimentary basins with oil and gas production, and indicates

basins with a new oil or gas well since 2001. Appendix J lists the total number of wells,
and the number and proportion of well records searched and found to indicate hydraulic
fracturing for each geographic area. Tables of the estimated number of well records
confirmed as indicating hydraulic fracturing per year per basin and county are available in
Appendix K. Appendix L lists the API numbers for wells with a first production date from
2002 through near the end of 2013, or a first injection date if no first production date,
along with the date. It also lists whether the record for each well was searched, and which
records searched reported hydraulic fracturing.

2. Frac-packs are described in Section 2.4.5. They are a type of fracturing operation intended to extend granular mate-
rial from the well into the formation beyond the zone with reduced permeability due to drilling and to filter out forma-

tion solids that would otherwise enter the well along with the fluids produced.
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Figure 3-2. Basins with oil and gas production-related wells first producing or injecting in 2002
to 2013 in (A) northern California, and (B) central and southern California.
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Avarage annual number of well records

Figure 3-3 plots the average annual number of well records confirmed as indicating
hydraulic fracturing in each basin, along with the 95% confidence interval for the annual
average number of such records in the entire state. The analysis and interpretation was
done for three time periods, from 2002 to 2006, from 2007 to 2011, and from 2012 to
2013. These multi-year periods were chosen to provide a perspective on trends in the
utilization of hydraulic fracturing from a manageable well record sample size to attain a
desired level of uncertainty. The 2012 to 2013 period was selected to have the greatest
overlap with other data sources for assessing levels of underreporting.

The well record search results indicates about 75 wells per month were fractured in
California in the decade prior to 2012, rising to closer to 100 wells per month in 2012 to
2013. It also shows that 95% of this activity occurs in the San Joaquin Basin, with most
of the rest in the Los Angeles and Santa Barbara/Ventura basins. The well record search
results indicate almost all of the activity in the San Joaquin Basin occurs in Kern County.
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Figure 3-3. Average annual number of well records confirmed as indicating hydraulic fracturing
in each basin for wells first producing or injecting from 2002 to September 2013. The amount
of activity in the Santa Maria and Salinas basins is too small to be visible. The confidence
interval shown is for activity in the entire State.
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Figure 3-4 shows the annual average total number of well records, and records confirmed
as indicating hydraulic fracturing of production and injection wells. About three quarters
of the hydraulically fractured injection wells were for water flooding and one quarter for
steam flooding.
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Figure 3-4. Annual average number of well records confirmed as indicating and likely not
indicating hydraulic fracturing for well first producing from 2002 to September 2013.

Figure 3-5 shows the percentage of all well records confirmed as indicating hydraulic
fracturing. The percentage does not vary significantly over time. This indicates the
increase in average annual records indicating hydraulic fracturing in 2012 to 2013 scaled
with the increase in the total average annual records shown in Figure 3-4. The ratio of
injection to production well records indicating hydraulic fracturing increases from 1:5 in
2002-2006 to 1:2 in 2007-2013, though, suggesting a shift toward greater use of hydraulic
fracturing for enhanced oil recovery (see Box 3.1). This contrasts with the expansion of
hydraulic fracturing for primary oil production in many other parts of the country.
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Figure 3-5. Average annual number of well records confirmed as indicating hydraulic fracturing
for wells first producing or injecting from 2002 to September 2013.

Figure 3-6 plots the estimated annual average number of well records confirmed as
indicating hydraulic fracturing in three basins, distinguishing between production and
injection wells. These are the only basins that had more than one such record per year on
average in each of the three periods assessed.

Figure 3-6(A) suggests the rate of recent hydraulic fracturing operations in production
wells in the San Joaquin Basin has returned to, but not exceeded that experienced before
the recession in 2008. This contrasts with the increasing number of hydraulically fractured
production wells in many other parts of the country. Figure 3-6(A) also indicates an
increase in fracturing of injection wells. In contrast the rate of injection well fracturing
operations shown in the Los Angeles Basin, shown in Figure 3-6(B), and for the Ventura
Basin, shown in Figure 3-6(C), remained more constant, while the rate of production well
fracturing operations decreased significantly in the former and increased significantly in
the latter.
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To the extent the well records indicate the type of hydraulic fracturing fluid utilized,

they typically indicate gels carrying proppant. The most prominent exception regards
injection wells in Kern County. Most of these operations from 2002 to 2006 and over half
from 2007 to 2011 are described as “water fracs.” While other records typically indicate
the use of proppant, and even the amount, records with the term “water frac” do not.
The term and absence of notations regarding proppant suggest no proppant was used in
these operations. It is less clear whether they utilized ungelled or gelled water. Records
indicating the use of proppant are not consistent in noting the use of gel, even though gel
is generally required to carry the proppant loads indicated. Almost none of the hydraulic
fracturing operations in injection wells outside Kern County or within the County from
2012 to 2013 are described in the records as water fracs.

Box 3.1. Hydraulic Fracturing of Injection
Wells Used for Enhanced Oil Recovery

Enhanced oil recovery (EOR) techniques typically involve modifying fluids in the reservoir to promote
additional flow of oil to a well. In California, the most common EOR technique involves injection of
steam and hot water to increase the temperature and pressure in the reservoir. The first lowers the
viscosity of the oil and the second increases the force driving it to production wells. Hydraulic fracturing
is not generally classed as an EOR technique because it alters the solids (rocks), rather than the fluids
(oil, gas and water) in the reservoir, in order to increase the reservoir permeability. Hydraulic fracturing
of injection wells can contribute to an EOR campaign by allowing more water or steam to be injected.
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Figure 3-6. Average annual number of well records confirmed as indicating hydraulic fracturing
in the (A) San Joaquin, (B) Los Angeles, and (C) Santa Barbara-Ventura basins. The vertical
bars indicate the 95% confidence interval. Note each graph has a different vertical scale.

3.2.2.2. Historical Use of Hydraulic Fracturing Offshore in State and Federal Waters

As previously mentioned, California has jurisdiction over offshore activities in state
waters (within three nautical miles of the coast). The federal government has jurisdiction
beyond state waters, termed “federal waters.” The Los Angeles, Santa Barbara-Ventura,
Santa Maria, and Eel River basins extend offshore. There is no oil or gas production from
wells in the offshore portion of the Eel River Basin. Between 2002 to September, 2013,
hundreds of wells located in state waters of the Los Angeles Basin came into use. In this
time period, fewer than twenty came into use in the state waters portion of the Santa
Barbara/Ventura basin, and no wells with first production or injection were located in
state waters in the Santa Maria Basin.

The only wells located in California waters with records confirmed as indicating hydraulic
are in the Los Angeles Basin. Figure 3-7 shows the annual average number of such records
for wells located onshore versus offshore. Figure 3-8 shows the location of all offshore
facilities and those where hydraulic fracturing has occurred according to the well record
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search. About 89% of the wells located offshore identified with hydraulic fracturing are in
the Wilmington field, about 8% in the Belmont Offshore field, and 3% in the Huntington
Beach field.

Approximately 12 hydraulic fracturing operations occur per year in wells located in the
state waters portion of the Los Angeles Basin based on a search of well records. The State
Lands Commission reviewed its files from 1994 to 2013 and provided an estimation

of hydraulic fracturing operations to the California Coastal Commission also of about

12 hydraulic fracturing operations per year (November 22, 2013, email from Jennifer
Luchesi, State Lands Commission, to Alison Dettmer, California Coastal Commission).

An analysis by the California Coastal Commission of records released by the Bureau of
Safety and Environmental Enforcement (BSEE) in response to requests under the Freedom
of Information Act identified 22 hydraulic fracturing operations and likely operations

in federal waters, of which about a third were frac-packs. These occurred in 20 wells

in federal waters. All but six of these occurred prior to 2004, most in the 1990s. One of
the operations in federal waters was from Platform Hidalgo in the Point Arguello field
in the Santa Maria Basin, two from platform Gail in the Sockeye field in the in the Santa
Barbara-Ventura Basin, and the rest from platform Gilda in the Santa Clara field in the
same basin. Half of all the hydraulic fracturing operations consisted of frac-packs. There
was one hydraulic fracturing operation in each of 2010 and 2011 and another four
planned for 2013, all in the Santa Barbara-Ventura Basin (Street, 2014).

From 1992 to 2009 (the most recent data available), over 250 new wells were installed in
federal waters according to DOGGR’s annual reports, which is an average of over ten per
year. This suggests less than 10% of wells are hydraulically fractured in federal waters,
including frac-packs, as compared to a third onshore. However, it is not known if the

data upon which the activity estimate in federal waters is based is complete or if it under
reports the frequency of hydraulic fracturing operations.
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Figure 3-7. Average annual number of well records confirmed as indicating hydraulic fracturing

onshore and in California waters in the Los Angeles Basin. There is a 95% chance that if all

the well records had been searched rather than a sample, the average annual number of well

records confirmed as indicating hydraulic fracturing would be within the range indicated by the

vertical bars.
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Figure 3-8. Offshore production facilities with and without hydraulic fracturing according to
the well record search for facilities within three nautical miles of the coast (“state water”) and
Street (2014) for facilities further from the coast (“federal waters”): (A) Santa Maria and Santa
Barbara-Ventura Basin; (B) Los Angeles Basin (modified from DOGGR, 2010).

3.2.2.3. Historical Use of Frac-Packs

About one quarter and 1- 2% of recorded hydraulic fractures in the Los Angeles and San
Joaquin basins are actually frac-packs, respectively. Of the frac-packs recorded, three
quarters occurred in the Los Angeles Basin, and the other quarter in the San Joaquin
Basin. All the frac-packs identified in state waters were in the offshore portion of the
Wilmington field. Frac-packs comprised about 40% of all hydraulic fracturing operations
in the offshore portion of this field from 2002 through 2011, and about 10% in 2012 and
2013. These were over half of the frac-packs identified in the Los Angeles Basin. Almost
all the remaining frac-packs in the Los Angeles Basin were in the Inglewood field, which
is onshore. About 5% of the operations in this field from 2002 to 2006 were described as
frac-packs, but almost all of the operations since 2006 are described as frac-packs.
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The values in Figures 3-2 through 3-6 do not represent an estimate of the total amount
of hydraulic fracturing activity, however, because not all hydraulic fracturing jobs were
recorded in the well records. The completeness of the results from the well record search
is discussed further in the next section.

3.2.3. Recent Use of Hydraulic Fracturing Onshore and in State Waters

In March 2012, DOGGR sent a request to operators to voluntarily disclose hydraulic
fracturing operations (Kustic, 2012). The number of operations subsequently disclosed per
month increased significantly after April 2012. Starting in January 2014, operators were
required by Senate Bill 4 (SB 4) of 2013 to provide notice ahead of hydraulic fracturing
operations and disclosure afterwards starting in January 2014. The period after April 2012
is taken as recent.

There are eight sources of data regarding recent and pending hydraulic fracturing in
California covering the period since May 2012 in whole or in part. In aggregate, these
sources provide more complete coverage regarding hydraulic fracturing since early 2012
than do the well records alone. This section evaluates hydraulic fracturing operations
during this period using a data set integrated from these sources, and considers the
number of mandatory hydraulic fracturing notices submitted through August 2014. The
data sources are listed below in the order of the accuracy of the date they provide for
when a hydraulic fracturing operation occurred. The sources are described in more detail
in Section 3.5:

1. Well stimulation completion reports (disclosures) (DOGGR, 2014a),

2. South Coast Air Quality Management District well work data (SCAQMD undated),

3. FracFocus,

4. FracFocus data compiled by SkyTruth (SkyTruth, 2013),

5. Well record search results combined with first production or injection date
(described above),

6. Central Valley Regional Water Quality Control Board (CVRWQCB) well work data,
7. Geographic information system (GIS) well layer (DOGGR, 2014b),
8. Well stimulation notices (DOGGR undated a).

These data only regard hydraulic fracturing onshore and in state waters. The integrated
data set from these sources is available as Appendix M.
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Number of hydraulic fracturing notices submitted per month

An average of 300 wells per month started producing or injecting during 2012 to

2013. Analysis of the data sources listed above leads to an estimate of 125 to 175 wells
hydraulically fractured per month. This indicates two- to three-fifths of all new wells are
hydraulically fractured. These use approximately 530 m® (140,000 gal) per operation on
average. Most hydraulic fracturing occurs in wells that are less than 600 m deep.

3.2.3.1. Frequency

After approving 190 hydraulic fracturing notices submitted in December 2013, the number
of notices approved by DOGGR decreased to zero from mid-January to mid-February 2014
and has since been increasing, as shown on Figure 3-9. The decrease occurred because
DOGGR increased its groundwater monitoring plan requirements as of January 1, 2014
(Vincent Agusiegbe, DOGGR, personal communication). The number of notices submitted
decreased while operators took time to comply with the new requirements.
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Figure 3-9. Number of approved hydraulic fracturing notices by month received.
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The monthly average number of operations from the notices shown on Figure 3-10 is 93.
Assuming this is representative of the long-term average implies the higher number of
notices recently was the result of pent-up demand from the prior period. Alternatively,

it could be that the 190 permit applications received in December 2013 is more
representative of activity over the longer term as compliance with the new regulations
becomes routine. Or it may be that operators submitted a larger than usual number of
notices in December 2013, in anticipation of further requirements being implemented, and
the higher values from June through August 2014 represent the likely long-term average
of about 140 operations per month. Taking into account all these possible interpretations,
the notices provide activity estimates ranging from 90 to 190 operations per month. It
could be that many of those operations were displaced from months with low activity
due to a decrease in activity while operators determined how to comply with the new
requirements. In this case, the long-term average would be 90 operations per month.

Box 3.2. Recent hydraulic fracturing activity

in gas production and offshore

No gas wells were identified as fractured in the integrated data set between May 2012 and September
2014. The integrated data imply a rate of 16 hydraulic fracturing operations per year offshore in
California waters, all in the offshore portion of the Wilmington field. This suggests an estimate of one to
two hydraulic fracturing operations per month in California waters. About one sixth of new production
or injection wells in state waters were fractured. As mentioned, most of the frac-packs in the state have
occurred in the Inglewood field and the offshore portion of the Wilmington field. About five per year
occurred from 2012 through 2013 in the former, and one per year in the latter.

As described above, there are two known and four planned hydraulic fracturing operations from 2011
through 2013 in federal waters, all located in the Santa Barbara-Ventura Basin. This suggests an
average annual rate of one to two wells hydraulically fractured per year. However, the completeness of
the record set made available for searching by BSEE and the thoroughness of the search of those records
by the California Coastal Commission are not known, so the actual level of activity could be higher.
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Each of the eight available data sources uniquely identifies at least one hydraulic
fracturing operation. Consequently, data from these sources were integrated toward
developing an estimate of recent hydraulic fracturing activity in the state. The well-record
data set discussed above provides this in part, but the goal of its development was to gain
perspective on the relative change in hydraulic fracturing activity through time, rather
than an absolute estimate of activity.

Integration of the data from the sources prior to 2014 provides a means for checking,
and possibly constraining, the range of activity estimates from the notices required for
hydraulic fracturing in 2014. The period chosen for analysis is from May 2012 through
September 2013. This is the period of greatest overlap between and most comprehensive
data among the seven other sources. The CVRWQCB data set covers 2012 and 2013. The
number of hydraulically fractured wells reported to FracFocus increased sharply from
April to May 2012, following DOGGR’s notice to operators in March 2013 requesting
voluntary disclosure. So May 2012 was selected as the beginning of the analysis period.

The wells whose records were chosen for searching were based on first production and
injection dates that were complete through September 2013, so this was chosen as the
end of the period. The SCAQMD data set coverage does not start until June 2013, but
there are two-orders-of-magnitude fewer hydraulic fracturing operations in this data set
compared to the others in aggregate. So the lack of coverage from May 2012 to May 2013
by this data source does not appreciably degrade the estimate of statewide hydraulic
fracturing activity.

In order to determine the full set of operations represented by all the data sources in the
time period, operations that occur in more than one source must only be counted once.
There is no unique data field that can definitively relate records between the sets. For
example, two records in the SCAQMD data set appear to refer to the same operation as
one record in FracFocus.

The only data field available to relate records from the various sources is the API number.
Using the API number to correlate data sources requires that there is only one instance of
each API number in each data source, i.e., refracturing has not been recorded. Refractures
are a small proportion of the total data, as discussed below, so this assumption introduces
only a small error.

Figure 3-10 shows the average number of wells hydraulically fractured per month in

total and according to different data sources, discounting possible refracture events. The
overlaps as determined by API number are reflected in the overlap of the bars. The well-
record search results contained 19% of the API numbers, which is 84% accounting for the
sample proportion. This is the highest proportion of any of the data sources. DOGGR’s GIS
well layer contained 61% of the numbers, FracFocus 57%, and the CVRWQCB data 55%.
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Figure 3-10. Average number of wells hydraulically fractured per month between May 2012 and
September 2013 in total and according to different data sources, discounting possible refracture
events. Some values do not sum to the total shown due to rounding. “Other data sources”
includes data from DOGGR’s well attribute table, the SCAQMD, and the CVRWQCB. The range
shown in parentheses for the total and well records is the 95% confidence interval resulting
from the well record sampling.

The analysis of the integrated data indicates fracturing of 109 wells per month, of which
about 1.5 per month were offshore in state waters and the rest onshore. All of the offshore
operations were in the Wilmington field on four engineered islands built for oil production
a short distance offshore: Islands Chafee, Freeman, Grissom, and White, referred to
collectively as the THUMS islands based on the partnership of companies that constructed
them (Texaco, Humble, Union, Mobile and Shell).

The record of 109 wells fractured per month is based in part on voluntary and incomplete
reports, the count of hydraulic fracturing notices received by DOGGR provides a check.
The values in Figure 3-9 suggests the average number of notices submitted per month has
been fewer than the likely long-term average. However, an average of 130 notices per
month was submitted from June through August 2014, suggesting the longer term average
may be equal to this amount. It may also be that the number of notices per month is still
a bit below the long term average, due to continued compliance efforts with the new
regulations by some operators. Given these considerations, for the purposes of this study,
the estimated number of hydraulic fracturing operations per month in California is taken
as 125 to 175. For comparison, FracFocus contains disclosures for an average of 2,000
operations per month for 2012 to 2013. This indicates less than a tenth of the operations
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in the country occur in California. If the fraction of all operations disclosed to FracFocus
nationally is similar to that in California during this time period, then less than a twentieth
of the operations in the country occur in California.

3.2.3.2. Location

All of the data sources include information about the location of hydraulic fracturing.
The well record search indicated 96% of hydraulic fracturing operations were in the

San Joaquin Basin in 2012 through 2013. The integrated data set indicated the same
percentage. The integrated data also indicated 93% of the operations in California were
in fields on the west side of the Basin, with 85% in just the four fields of South and North
Belridge, Lost Hills, and Elk Hills.

The oil or gas field where each well is located was taken, in order as available, from
DOGGR’s GIS well layer, FracFocus, or the well-completion reports. Table 3-1 shows
fields with more than 1% of the estimated hydraulic fracturing operations in the state
from the integrated data. (Note these estimates applied the county well-record sampling
proportions to adjust the number of operations identified only in well records.) More
than half of the operations occurred in South Buena Vista field. More than 85% of the
operations occurred in the top four fields.

Table 3-1. Oil and gas fields with more than 1% of the hydraulic fracturing operations in
California based on the integrated data set.

cumulative %

County Field % of CA of CA
Kern Belridge, South 58.6% 58.6%
Kern Lost Hills 12.7% 71.3%
Kern Belridge, North 7.7% 78.9%
Kern Elk Hills 6.4% 85.3%
Kern Midway-Sunset 2.4% 87.7%
Fresno Coalinga 1.8% 89.5%
Kern Round Mountain 1.6% 91.1%
Kern Buena Vista 1.3% 92.4%

The data sources along with the literature identify 96 fields with a record of hydraulic
fracturing out of the 502 oil and gas fields with administrative boundaries mapped by
DOGGR (2014c). Hydraulic fracturing was not identified in state waters in any fields in
addition to those identified through the well records search, which were the Wilmington,
Belmont Offshore and Huntington Beach. Figure 3-11 shows the location of these fields.
Forty-four fields have a record of hydraulic fracturing occurring after 2011. This includes
no gas fields, and only the Wilmington field for wells in state waters. None of the
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data sources described above provides thorough identification of fields that have been
hydraulically fractured, and it is unlikely that they provide such thorough identification
in combination, so more fields have likely been hydraulically fractured than are shown in
Figure 3-11.
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Figure 3-11. Oil and gas fields with an administrative boundary defined by DOGGR (DOGGR,
2014b) and a record of hydraulic fracturing in (A) northern California, and (B) central and
southern California.

Figure 3-11 also shows the date of the last hydraulic fracturing operation in each field
according to the available data sources.

3.2.3.3. Production

Sixty-eight reservoirs (pools) in which more than half of the wells commencing production

or injection since 2001 are estimated to have been hydraulically fractured (including frac-
packing) were identified from the well-record search results (listed in Appendix N). This
analysis was based on the well-record search results because it was the most complete
data set identifying hydraulically fractured wells, covered the longest time period, and
was the only data set for which sampling statistics were available.
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The 68 pools identified produced about a fifth of the oil and gas in California during

the period. Figure 3-12 shows the distribution of this production by basin. Most of this
was from the diatomite reservoirs in the North and South Belridge and Lost Hills fields
and various reservoirs in the Elk Hills, Ventura, Inglewood, and North Shafter fields.
About an eighth of the produced water generated in the state was from the 68 pools. The
distribution of this water production by basin is shown on Figure 3-13.
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Figure 3-12. Production of oil and gas with and without hydraulic fracturing in each basin with
a new well since 2001 in (A) northern and (B) southern California from 2002 through May
2014. The area of each circle is proportional to the production volume in each basin.
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Figure 3-13. Water produced with oil and gas with and without hydraulic fracturing in

each basin with a new well since 2001 in southern California from 2002 through May 2014.
Total water production in the northern California basins is smaller than the smallest water
production in a single southern California basin. The area of each circle is proportional to the
production volume in each basin.

About 2% of all gas production in California was facilitated by hydraulic fracturing

in pools identified as non-associated gas (dry gas)® by DOGGR. About 3% of all gas
production in the state was facilitated by hydraulic fracturing in pools whose production
meets the United States Energy Information Administration’s (EIA) definition of a gas
well.* The remaining gas production facilitated by hydraulic fracturing was from oil pools.

3. Non-associated (dry) gas is produced from pools that do not also contain oil.
4. The EIA classifies wells producing more than 6,000 standard cubic feet of natural gas per barrel of oil produced

as gas wells.
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Hydraulic fracturing also facilitated seasonal storage of gas underground in some
locations. Gas was stored in 11 pools near the major urban areas in California during all
or some of the period since 2001. Gas is stored in the period of low gas demand, typically
late spring through early fall, and produced during the period of high gas demand,
typically late fall through early spring. This storage allows the construction of smaller
long distance pipelines with a constant flow of gas toward the urban areas. Four pools
(reservoirs) in which more than half of the wells commencing gas storage since 2001 are
estimated to have been hydraulically fractured (including frac-packing) were identified
from the well-record search results (listed in Appendix N). This analysis was based on the
well-record search results because it was the only data set for which sampling statistics
were available. The volume of gas pumped from all the storage in California since 2001
was about three quarters of the volume of new gas produced from natural reservoirs in the
state. The four gas storage reservoirs where most new wells were hydraulically fractured
provided about a third of the total gas storage in the state. Most of this storage is in
southern California, as shown on Figure 3-14.
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Figure 3-14. Production of stored gas with and without hydraulic fracturing in each basin with
a new well since 2001 in (A) northern and (B) southern California from 2002 through May
2014. Note that many of the basins do not have any gas storage facilities. The area of each circle

is proportional to the production volume in each basin.
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3.2.3.3. Depth

Depths related to hydraulic fracturing operations are available from many of the data
sources. The disclosures and notices provided to DOGGR list the true vertical depth of the
top of the stimulated interval in the well. FracFocus and the data from the CVRWQCB do
not include the depth to the top of the interval, but rather the true vertical depth of the
well. DOGGR’s GIS well layer provides the measured depth of the well. The histogram

in Figure 3-15(A) shows the distribution of each of these types of depths for operations
since 2011.

For operations with both a true vertical depth for the well and the top of the fractured
interval, the interval top is 250 m (820 ft) shallower than the well depth on average,

and 340 m (1,120 ft) shallower for 90% of the wells. For fractured wells with both true
vertical depth and measured depth, the true depth is 220 m (720 ft) shallower on average
and 600 m (1,970 ft) shallower for 90% of wells. These differences generally match the
greater depth distribution for measured as compared to true well depth, and true well
depth versus true depth of the top of the fractured interval on Figure 3-15(A).

Figure 3-15(B) shows that the small amount of hydraulic fracturing that has occurred in
the Sacramento Basin has all been deep relative to operations in California in general.
Figure 3-15(C) shows that shallow operations have occurred in many fields on both the
west and east side of the San Joaquin Basin.
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Figure 3-15. Hydraulic fracturing depths: (A) histogram of various types of depths for

operations since 2011, (B) minimum depth for operations in northern California, and (C)

central and southern California. For most fields, only the depth of the well rather than the top

of the treatment interval in the well is available, so stimulation may be shallower than implied.

3.2.3.4. Refracturing

As discussed above, some of the data sources list more than one record per well,
indicating hydraulic refracturing. It is not possible to definitively count such events
across the data sources due to different data values, such as treatment date, and because

of the potential for duplication among the different data sources used for this analysis.
Consequently, a superset of records from all sources would overcount the number of
refracturing operations. Educated guesses can be made regarding whether records from

two data sources for the same well indicate one or two hydraulic fracturing operations.
For instance, as discussed above, if the water volume for an operation in a well in two
different data sources matches exactly, but the dates do not match, it is likely both records
refer to the same operation. This type of judgment was also applied to construct the fluid

volume per operations set discussed below.

1
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Inspection of the individual data sources provides perspective on the upper limit for
refracturing events. The CVRWQCB and SCAQMD data have more than one record

for about 1% of the API numbers, and the FracFocus data for about 2%. The rate of
refracturing is similar to the rate observed in other regions of the country, as discussed
in the Chapter 2.

3.2.4. Fluid Type

Chemical constituents were available in the FracFocus data set for 1,623 onshore oil
hydraulic fracturing operations as of June 2014. Guar gum, a gelling agent, was included
in over 96% of the operations; borate compounds, which serve as crosslinkers, are
included in 90% of the operations. In addition, 210 of the 213 hydraulic fracturing notices
received by DOGGR before January 16, 2014, indicate the use of a gelled fluid based

on the components listed. These data indicate that hydraulic fracturing in California is
primarily performed with gels, and the gels are predominantly crosslinked.

Of the operations with chemical data, less than 4% included a friction reducer, indicating
an operation involving slickwater fracturing. This includes all operations using acrylamide
compounds, as well as those involving compounds with “friction reducer” listed as the
purpose. Compounds with this purpose listed included petroleum distillates (which

are likely a carrier fluid in an additive with another friction-reducing compound) and
undisclosed constituents.

Operations using slickwater use more water than those which use gel. The average water
volume for operations involving slickwater is 2,200 m® (590,000 gal), almost four times
the average volume for all operations. The three largest volume events for which there is
chemistry data from FracFocus (12,900, 13,600 and 16,700 m® [3.4, 3.6 and 4.4 million
gal]) involved slickwater. There are three larger volume events, 16,700, 17,000, and
18,600 m?® (4.4, 4.5, and 4.9 million gal), in the CVRWQCB data set, but no information
about the type of fluid used.

3.2.5. Fluid Volume

Four of the data sources include information on the water volume used in hydraulic
fracturing: FracFocus, CVRWQCB well work, SCAQMD well work, and the well
stimulation disclosures. These were combined into a single data set. This resulted in a list
of 1,760 events from 2011 through June 2014, included as Appendix O.

Table 3-2 provides statistics regarding the water volume used per operation. Average
water use per hydraulic fracturing operation in California was 530 m?® (140,000 gal). This
is similar to the average annual water use of 580 m® (153,000 gal) in each household in
California over the last decade. This is based on residential water use of 0.54 m® (143 gal)
per person per day (Department of Water Resources, 2013) and an average household size
of 2.93 people (US Census Bureau, 2014). However, water used for hydraulic fracturing
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has a larger impact on water supply than water used domestically, because water used
domestically may recharge to groundwater through a variety of pathways, while water
used for hydraulic fracturing is often disposed of by deep injection.

Table 3-2. Statistics on water use per operation for hydraulic fracturing treatments on oil wells
in California.

m3 gal
Minimum 16 4,200
Median 280 75,000
Geometric Mean 310 82,000
Mean (average) 530 140,000
Maximum 18,400 4,860,000
Standard Deviation 1,000 280,000
Coefficient of Variation 2.0
Coefficient of Skewness 10.4
Number of Observations 1,760

There is considerable variation in the water use per operation, as shown on Table 3-2 and
Figure 3-16. The minimum water use was 16 m® (4,200 gal) per well, and the maximum
was 18,400 m® (4.9 million gal) per operation, which is an over three-orders-of-magnitude
difference. As a result, the coefficient of variation for these data is high (2.0), meaning
that the standard deviation is larger than the mean, or that there is a large spread in the
amount of water used.

Water use per operation (gallons)
0 100,000 200,000 300,000 400,000 500,000

T

Observations

0 R N S—

—Kernel Density

Frequency

0 500 1,000 1,500
Water use per operation (m?)

Figure 3-16. Water use per hydraulic fracturing operation in California.
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In Figure 3-16, each dot represents a single fracturing operation. The overlay line
represents the smoothed data density. Note that the bulk of the reported water use from
2011 to 2013 is below 275 m?® (100,000 gal) per operation. Among the observations of
water use, 50% are between 280 and 560 m3 (48,000 to 150,000 gal) and 90% are from
80-1,100 m3 (22,000-280,000 gal).

Several high outliers are not shown on this graph. For example, 59 fracturing events had
water use greater than 14,000 m® (500,000 gal), of which about half are shown in Figure
3-16. In addition, there were 17 events over 3,800 m® (1 million gal), and 3 events greater
than 15,100 m?® (4 million) gal.

The data were examined to determine if relationships existed between water use and time,
well depth, perforation length, region, or operator®.

It does not appear there is a significant trend in water use over time as shown in Figures
3-16(A), suggesting volume of water used per operation has not changed significantly
during the time period covered by the data. There are a few larger operations in late
2013, suggesting the possibility of an emerging change in practice. The results of these
operations are discussed below toward understanding if they were sufficiently successful
to suggest they are the leading edge of a change.

While previous work found that the volume of water used for hydraulic fracturing was not
correlated with well depth or location (California Council on Science and Technology et
al., 2014), re-analysis with updated records and a larger dataset indicates there is a weak
but statistically significant relationship between water use and the total vertical depth of
the well, as shown in Figure 3-17(B)°®. There is no evidence for a relationship between

the perforated length of the well casing (treatment interval) and water use, as shown

in Figure 3-17(C). This is based on substantially less data than the other correlations
considered, and so should be revisited in the future when more data are available.

5. The water volume data were log-transformed to normalize them prior to analyzing these relationships, a standard
procedure prior to regression analysis.
6. The correlation between water volume and depth explains about 36% of variance in water use; this relationship is

statistically significant (P < 0.001).
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Figure 3-17. Relationship between water volume used for hydraulic fracturing of oil wells in

California and (A) time, (B) vertical well depth, and (C) perforation length.
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Average water volume (m?3)

It was found that in California, as elsewhere, hydraulic fracturing operations in horizontal
wells use more water on average than in directional and non-directional wells’. Average
water use per operation for each well configuration is shown in Figure 3-18. Water use for
operations in directional wells was insignificantly higher on average than for wells that
were non-directional. Operations in horizontal wells use nearly three times more water
than operations in other wells. Larger volumes of hydraulic fracturing water may correlate
to larger production volumes. For instance, in 2013, fracturing of wells in the Rose field,
which are all in the McClure Shale and generally horizontal, used about four times as
much water per well as stimulation of vertical and near-vertical wells in diatomite in the
North Belridge field. The Rose field produced about five times as much oil per well per
day in 2013 as was produced from diatomite in the North Belridge field.
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Figure 3-18. Average volume of water for hydraulic fracturing operations in wells with different
orientations. The averages for direction and non direction (vertical) wells are close to the
overall average because there are few horizontal wells.

7. The DOGGR well database contained data on well configuration for a total of 1,136 wells that are also listed in
FracFocus. It classifies wells as non-directional (DOGGR’s term for vertical wells), directional or horizontal. Horizontal
wells are nearly horizontal in the production interval. Directional wells deviate from vertical between the well pad and

the reservoir but are typically near vertical in the production interval
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The average volumes from both FracFocus and the notices for California hydraulic
fracturing operations contrast with the average volume per operation of 16,000 m?

(4.25 million gal) reported by Nicot and Scanlon (2012) for fracturing horizontal wells
in the Eagle Ford in Texas. Figure 3-18 indicates part of this difference is caused by the
predominance of hydraulic fracturing of vertical and directional wells in California, while
horizontal wells are predominant in the Eagle Ford. Also, review of a small sample of
directionally-drilled-well records indicates these wells are typically vertical or close to
vertical through the producing zone. The well path usually deviates from vertical above
the production zone in order to offset the location at which the well enters the producing
zone relative to the well pad. The well records available from DOGGR for wells indicated
as horizontal in DOGGR’s GIS well layer and reported as hydraulic fractured were also
examined. Only half of these wells are actually horizontal according to their well records.
The average hydraulic fracturing water volume per operation in just these wells is 1,700
m?® (410,000 gal). This volume is about one-tenth the average volume per well in the
Eagle Ford.

Water-use intensity was calculated for the horizontal wells. The hydraulic fracturing
treatment length is not available for these wells, so the intensity calculation used the
distance between the shallowest and deepest production casing perforations listed in well
records. This small data set contained a high outlier where the water-use intensity (water
volume per well length stimulated) was 13 m%/m (1,000 gal/ft). The average water-use
intensity for these horizontal wells, excluding this high observation, is also given on Table
3-3. The perforated length explains about 40% of the variability in water use among

the remaining operations. The comparison to average water use intensity in the Eagle
Ford and Bakken on Table 3-3 indicates intensities in California are similar to gels in the
Bakken, but considerably less than the average intensity in the Eagle Ford and slickwater
in the Bakken.

Table 3-3. Average water use intensity from hydraulic fracturing notices and FracFocus
horizontal well disclosures compared to average intensity in the Eagle Ford (Nicot and Scanlon,
2012) and for different fluid types in the Bakken (described in section 2.4.8)

. Bakken
CA horizontal Eagle Ford - - -
Crosslinked Hybrid Slickwater
m3/m (gal/ft)
Average
intensity 2.3 (180) 9.5 (770) 3.4 (277) 3.9(315)  13.2 (1063)

The water volume per hydraulic fracture operation was mapped to determine whether
there are geographic patterns to water use. There are several apparent clusters of similar
water use, as shown in the example in Figure 3-19. This figure shows XTO Energy/Exxon
Mobil and Brietburn use more water per operation than does Area Energy LLC in its
immediately adjacent operations.
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The data indicate that the water volume used in each fracturing operation varies by
company, and that the operator of a well is a more important predictor of water use

than any other factor, as shown in Table 3-4. A statistical test (single factor or one-way
ANOVA) among the ten companies with volumes for more than 10 hydraulically fractured
wells was performed to evaluate the difference between the operators. There is evidence
that Aera Energy, MacPherson, and LEC have a lower average water use than the other
operators (P<0.001). This is consistent with the statement by Allan et al. (2010) that
fracturing of diatomite has become relatively standardized within companies, but varies
from company to company. Among the other large operators, the 95% confidence interval
for the sample mean shows some overlap, indicating that we do not have sufficient
evidence of a significant difference in water use among the top seven operators.

Map Extent: """
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Fracking Water Usage (gallons) .
[—1oil Fields
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Figure 3-19. Hydraulically fractured oil wells in the Belridge North and Belridge South fields in
Kern County, California. The diameter of the point is proportional to the volume of water used
in hydraulic fracturing.
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Table 3-4. Water volume used per hydraulic fracturing operation per operator according to

data for January, 2011, to May, 2014. Only operators with more than ten operations with

water volume are included.

Num- Average 95% Confidence Interval

ber of
Operator for the Sample Mean

Reported h

Fractures (m?) (gal) (gal)
Seneca Resources Corporation 18 182,000 600,000 230,000 - 970,000
ExxonMobil Production Company 10 85,000 280,000 270,000 - 280,000
XTO Energy/ExxonMobil 100 82,000 270,000 265,000 - 275,000
Chevron 60 82,000 270,000 210,000 - 320,000
Occidental Oil and Gas 322 76,000 250,000 210,000 - 290,000
BreitBurn 24 70,000 230,000 210,000 - 260,000
Occidental of Elk Hills Inc. 12 43,000 140,000 4,500 - 280,000
Aera Energy LLC 1,160 23,000 75,000 69,000 - 80,000
Macpherson Operating Company 26 10,300 34,000 30,000 - 39,000
LEC 13 7,000 23,000 17000 - 30,000

There are only 19 records with well stimulation fluid volume in offshore waters. All 19 of

these are hydraulic fractures listed in Frac Focus, while 6 are also listed in the SCAQMD
data set. Occidental Oil and Gas conducted these 19 hydraulic fracturing operations on oil
wells from February 2011 to December 2013, located in state waters in the Wilmington

field in the Los Angeles Basin. The average water use for these 19 operations ranged

from 110 to 800 m3 (30,000 to 210,000 gal), with a mean of 530 m? (140,000 gal) and
a standard deviation of 180 m3 (49,000 gal). This is the same mean as for all hydraulic

fracturing operations in California.

3.2.6. Large-volume Fracturing Results

Data regarding oil production subsequent to the 13 of the 15 hydraulic fracturing events
using more than 4,000 m® (1,050,000 gal) of water were available from DOGGR’s online

production and injection database. Average daily production statistics by months on

production is shown on Figure 3-20.
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Figure 3-20. Average daily production by months on production following hydraulic fracturing
operations using more than 4,000 m® (1,050,000 gal) of water.

The maximum average daily production shown is the maximum among all the operations
for that month. The maximum and the mean average daily production decline by about
two-thirds in the first year. The three largest operations used over 16,000 m® (4.25 million
gal) of water. The two largest operations took place in the Kettleman Middle Dome field
at depths of 3,650 m (12,000 ft) and greater in the Temblor and Kreyenhagen formations.
The third largest occurred in the Elk Hills field in the Monterey Formation at a depth of
2,685 m (8835 ft). The first two operations using more than 4,000 m® (1,050,000 gal) of
water resulted in one of the largest daily average production rates recorded in California,
but production declined over time. The Elk Hills operation resulted in near-mean oil
production for all the operations using more than 4,000 m?® (1,050,000 gal) of water.

Average daily production per well in the Rose field provides a comparison. This field
produces from horizontal wells hydraulically fractured with average fluid volumes
containing about one quarter of the water of the average large volume operations. about
half of the Rose field wells had been in production for more than five years as of 2013 and
about a third for more than ten years. Yet, the average daily production per well in this
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field in 2013 equals the mean initial daily production from the large volume hydraulically
fractured wells shown on Figure 3-20, and is more than twice the mean daily production
from those wells one year after their start of production. This indicates the high volume
hydraulic fracturing conducted in the state has not been very efficient.

3.3. Acid Fracturing

No reports of the use of acid fracturing in California were found in the literature, but

the well stimulation notices and the CVRWQCB data indicate a small amount of acid
fracturing has occurred in the state. According to these data sources, operators used acid
fracturing in fewer than 1% of reported well stimulations currently identified and noticed
through May 2014 in California, all located in two fields in the southwestern San Joaquin
Basin. This low level of activity is consistent with the fact that acid fracturing is generally
used in carbonate (including dolomite) reservoirs, which are rare in California. A few
carbonate reservoirs in California have been identified in some of the fields in the Santa
Maria Basin and possibly the Los Angeles Basin (Ehrenberg and Nadeau, 2005). The fields
consist of naturally fractured dolomite (Roehl and Weinbrandt, 1985). The dolomite
reservoir in one of the fields in the Santa Maria Basin (West Cat Canyon) was characterized
as producing oil from the natural fractures in dolomite, a type of carbonate, (Roehl and
Weinbrandt, 1985) which means hydraulic fracturing is not likely to increase production.

DOGGR’s notice forms only have one check box each for hydraulic fracturing and matrix
acidizing. However, three hydraulic fracturing notices received from Occidental Petroleum
by DOGGR on 31 December, 2013, indicate acid fracturing by specifying a sandstone
matrix acidizing fluid without gel or friction reducers. The fluid components, including
hydrochloric acid and ammonium biflouride, are the same as those listed on about half of
the matrix acidizing notices submitted by Occidental and received by DOGGR on or before
January 15, 2014. The planned stimulations are in the Elk Hills field at vertical depths
ranging from 2,100 to 3,224 m (6,888 to 10,575 ft).

The estimated water volume for these three planned acid-fracturing stimulations ranges
from 493 to 760 m® (130,000 to 200,000 gal). This is less than or almost equal to the
average volume for hydraulic fracturing from the notices. Based on the top and bottom
depth of the treatment interval listed, the water use per well length ranges from 0.60 to
0.74 m®/m (48 to 72 gal/ft). This volume per treatment length is less than that from the
matrix acidizing notices given in Section 3.4.3. This raises the question of whether the
notices that indicate acid fracturing are actually matrix acidizing, with the wrong box
checked on the notice. If these notices really do represent acid fracturing, the treatment
volumes per treatment length suggest limited penetration into the reservoir. Another
possibility is that the treatment is applied to only a portion of the well length implied
by the top and bottom depth of the treatment interval listed on the notices, such as if
multiple short intervals were treated within that depth range.
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The CVRWQCB data set contained records of four acid fracturing operations, three in

the Monument Junction field and one in the Mount Poso field from June 2012 to August
2012. The Mount Poso field operation has the same operator, date drilled and treated,
treatment and discharge volume, and zone treated as one of the operations in the
Monument Junction field. Further, the treatment horizon listed for the Mount Poso field
operation does not exist. For all these reasons, it is likely the Mount Poso operation data
are in error. The volume of fluid used for the Monument Junction field treatments ranged
from 150 to 220 m3 (39,000 to 58,000 gal), with an average of 180 m3 (47,000 gal). This
is considerably less than indicated on the three notices for the other operations, which
could be consistent with operators overestimating water use on the notices, or could
reflect a different treatment design.

No acid fracturing operations in California appear to be recorded in FracFocus. The
highest concentration of hydrochloric acid in hydraulic fracturing fluid disclosed in this
data set is less than 3.5%, and the highest concentration of hydrofluoric acid is less
than 0.5%. These concentrations are too low to indicate an acid fracturing operation
(Economides et al., 2013). In addition, most of the operations with greater than 1%
hydrochloric acid in the hydraulic fracturing fluid also include guar gum and borate
crosslinkers, indicating that the fluid was intended to carry proppant to hold the fracture
open rather than use acid to etch the fracture walls. Four of these, along with the one
operation without guar gum or borate crosslinkers, also included polyacrylamide or
another component identified as a friction reducer, indicating a slickwater rather than
acid fluid.

3.4. Matrix Acidizing

3.4.1. Historical Use of Matrix Acidizing

The use of sandstone matrix acidizing for well stimulation in the Monterey Formation
is relatively recent. The first and most detailed report of production enhancement with
sandstone acidizing is reported by McNabe et al. (1996) in the C/D shale in the Elk
Hills field. These stimulations were to remediate plugging of small fractures by drilling
mud invasion and subsequent scaling and oil emulsion blocks. High-volume sandstone
acidizing of the “NA shale” in the same field was subsequently reported by Rowe et al.
(2004). A series of 21 horizontal wells were drilled and stimulated between 1999 and
2001. The treatment process started from low-volume sandstone acidizing treatments,
first using 0.0248 m®/m (2 gal/ft) of production interval with a 17% HCI acid. Diversion
was accomplished by a mechanical method employing coiled tubing. Subsequent wells
were treated with an increased volume of 0.35 m®/m (28 gal/ft). Apparent damage
due to the water-based drilling mud led to drilling with an oil-based mud. Despite the
use of a nondamaging mud, HCl acid treatments were effective for roughly doubling oil
production. Subsequent wells were then treated with 17% HCI followed by a 12% HCI,
3% HF acid, with 0.256 m®/m (20.6 gal/ft) and 0.373 m®/m (30 gal/ft), respectively.
Treatment volumes were increased to 1.86 m%/m (150 gal/ft) of the 12% HCI, 3% HF
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acid, resulting in nine-fold oil production increases. Treatments were eventually tested
with 3.1 m3®/m (250 gal/ft) of 17% HCIl and 3.1 m3/m (250 gal/ft) 12% HCI, 3% HF,
which was found to be optimum. The reported recovery of spent acid from the formation
was 50%, either by natural flowback or using nitrogen gas lift. Although fracture
characterization was not presented, Rowe et al. (2004) concluded that the acidizing
treatment must have resulted in the mitigation of drilling damage from natural fractures.
While this is possible, the use of nondamaging drilling muds in some of the wells and the
positive response to acidizing suggests that the treatment may also be opening up natural
fractures plugged with some type of natural fracture-filling material.

The use of successful sandstone acidizing at Elk Hills is also reported by Trehan et al.
(2012), who employed a high-rate injection (MAPDIR)/foam diversion approach to the
acid treatment. The treatment was applied to intervals of 457 to 610 m (1,500 to 2,000
ft) in length. A foamed HCI/HF acid was successfully applied to producing wells in
shallow sands with steam injection in the South Belridge field in the early 1990s as an
improvement over previous sandstone acidizing with lower concentrations and volumes
per treatment length in the same reservoir (Dominquez and Lawson, 1992). The more
successful treatment used 1.9 m3/m (150 gal/ft) of 15% HCI and 5% HF.

The possibility of successful high-volume sandstone acidizing treatment in naturally
fractured siliceous shales is supported by Kalfayan (2008), who states, “There are few
cases requiring greater volumes of HF than 1.86 to 2.48 m®/m (150 to 200 gal/ft). These
are limited to high-permeability, high-quartz sands and fractured formations, such as
shales, where high volumes of acid can open fracture networks deeper in the formation.”
Similar conclusions were reached by Patton et al. (2003), who utilized sandstone
acidizing for offshore production from the Monterey. The hypothesis for the improvement
in production is that the HCI/HF treatment is effective at removing clay and chert from
natural fractures and improving permeability of the fracture system. However, note that
the injection volumes cited by Patton et al. (2003) are not large, only 0.248 m®/m (20
gal/ft) for the 12%/3% HCI/HF acid.

A review of stimulation methods in the Monterey Formation by El Shaari et al. (2011)
provides an alternative view that sandstone acidizing in the Monterey is effective at
removing formation damage in fractures, but that good fracture-network permeability
must exist naturally beyond the near-wellbore region if the treatment were to result in
high oil production rates. For poorly fractured zones, such as at Elk Hills, El Shaari et

al. (2011) postulate that either the treatment provides improved connection between
the well and fractured calcareous intervals, or that the treatment in long production
intervals characteristic of the Monterey, such as reported by Trehan et al. (2012), can
significantly boost the overall magnitude of production, if not provide a large increase in
the stimulation ratio.
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A different acid system has been applied to the Stevens Sandstone in the North Coles
Levee field in the early 1980s and continuing at least through the early 1990s (Hall et

al., 1981; McClatchie et al., 2004). Termed “sequential hydrofluoric acid,” the system
involves alternating injection of HCl and ammonium fluoride. These react on clay surfaces
producing HF, thus targeting the fine-grained material in the sandstone for dissolution.
The HCI concentration used in these treatments was 5%. Typical treatment volumes were
36 m® (9,750 gal). The typical treatment volume per well length was 0.44 m®/m (49 gal/
ft). This treatment resulted in an approximately four times larger increase in production
compared to stimulation with an HCI and HF mix (Marino and Underwood, 1990).

Another acid system for stimulation of a sandstone reservoir was applied in the
Wilmington field, where almost all wells are acidized. Conventional acidizing with HCI
and HF was found to increase production for only a few months. Phosphonic acid was
applied experimentally in combination with HF. The purpose of the phosphonic acid was
to preferentially combine with minerals containing aluminum in order to allow the HF to
penetrate further into the formation and react preferentially with pure silicates minerals.
The treatment was found to result in a similar production increase as treatment with HCl
and HF, but with a much slower decline in production post-treatment.

3.4.2. Recent Use of Matrix Acidizing

The CVRWQCB data indicates 295 matrix acid treatments in the San Joaquin Basin in
2012 to 2013, for an average of 12 per month. Three out of four were in the Elk Hills
field. The other fields were, in descending number of treatments, Buena Vista (17% of
operations), Railroad Gap (5%), Asphalto (2%), and Midway-Sunset (1%), which are all
located in the southwestern portion of the San Joaquin Basin. The location of the Elk Hills,
Buena Vista, and Railroad Gap fields is shown on Figure 3-1.

A total of 25 notices were received by DOGGR and approved in the month from December
11, 2013, through January 12, 2014. No further notices were submitted as of June 2014.
All notices were for operations in the Elk Hills field.

The SCAQMD data only reports one matrix acid treatment. No notice regarding this
treatment was filed with DOGGR, though it took place in 2014. The total stimulation
fluid volume was about 30 m?® (6,000 gal). This volume is generally too small for matrix
acidizing and smaller than the fluid volume of most other treatments in the data set
involving acid.

Matrix acidizing is reported to occur in California waters only occasionally, with the last
event in 2011 (February 6, 2014, email from Chris Garner, Director, Long Beach Oil and
Gas, to Joseph Street, California Energy Commission). There are five reports of matrix
acidizing in US waters, with the earliest in 1988 and the most recent again in 2011
(Street, 2014).
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Matrix acidizing is distinguished from maintenance acidizing by purpose. In contrast to
matrix acidizing, the goal of maintenance acidizing is to restore reservoir permeability
near the well that has been reduced due to invasion of drilling mud and other types of
damage or remove scale (precipitates) that have formed in the well or in the reservoir
near the well. In practice, these two treatments appear to exist in a continuum. This
makes distinguishing them based on data difficult, as discussed further in Section 3.4.5.
Consequently, there may be more matrix acidizing in practical effect than reported in the
data sets considered above.

3.4.3. Fluid Volume

Based on CVRQCB data, observed water use for matrix acidizing of oil wells ranged from
5 to 1,900 m?® (1,300 to 490,000 gal), with a median of 200 m® (54,000 gal) as shown on
Table 3-5. The data are approximately log-normally distributed. Planned water use, as
reported by operators in well stimulation notices, ranged from a low of 29 m® (7,600 gal)
to a high of 550 m?® (145,000 gal), and averaged 160 m?® (42,000 gal).

Table 3-5. Water volume used per matrix acidizing operation according to data for 2012
through 2014 from two sources.

Source Number Minimum Median Average Maximum
CVRWQCB Survey 5 5 5 5
(2012-2013) 295 5m 200 m 300 m 1,900 m
1,260 gal 54,000 gal 79,000 gal 492,000 gal
DOGGR WST Notices

3 3 3 3
(planned for 2014) 36 29 m 130 m 160 m 550 m

7,600 gal 34,000 gal 42,000 gal 145,000 gal

As described above, operators tend to overstate their anticipated water use in the
hydraulic fracturing notices, with actual water use being somewhat lower. This may also
be the case for matrix acidizing. However, no disclosures for matrix acidizing treatments
are available through June 2014. It is not known if no matrix acidizing treatments have
occurred, or if they have but operators have not submitted data, or if the data has been
submitted but not released by DOGGR pending quality control.

However, based on pre-stimulation notices filed by operators, longer treatment interval
lengths are correlated with higher planned water use, as shown in Figure 3-21. There
were only 9 paired observations of planned water use versus treatment interval, as most
operators did not report both the minimum and maximum depth of planned stimulation.
The average planned water-use intensity was 1.0 m3/m (90 gal/ft), while the median was
0.5 m3/m (40 gal/ft). As with hydraulic fracturing, operators may overstate their planned
water use in well stimulation notices, so the values shown in Table 3-5 and Figure 3-21
may turn out to be overestimates of water-use intensity for matrix acidizing.
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Figure 3-21. Relationship between the perforation length or treatment interval and planned
treatment water volume for matrix acidizing operations.

3.4.4. Fluid Type

All the matrix-acidizing notices indicated the use of HCl. About half of the treatments
included HF and half included ammonium biflouride. However, ammonium bifluoride
produces HF acid when mixed with HCl acid (McClatchie et al., 2004).

3.4.5. Additional Operations in the SCAQMD Data?

Although the SCAQMD dataset only identifies one operation as matrix acidizing, the data
regarding fluid volume and average acid concentration suggest there may be more matrix
acidizing treatments that have not been identified as such. The volume and average acid
concentration for treatments including HCI in the SCAQMD data set are shown on Figure
3-22. Section 1780, paragraph (a), of DOGGR’s interim well stimulation regulations

states the regulations “do not apply to acid matrix stimulation treatments that use an acid
concentration of 7% or less.” It is unclear if the concentration in this definition is averaged
over the total fluid, including the pad and flush, or if it applies just to the acidizing

phase. Figure 3-22 indicates there are treatments in 2014 that meet the 7% criterion even
averaging over the entire fluid volume.

According to Section 1781, Paragraph (a) (1), of the interim regulations, “well stimulation
treatment does not include routine well cleanout work; routine well maintenance; routine
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% acid

treatment for the purpose of removal of formation damage due to drilling; bottom hole
pressure surveys; routine activities that do not affect the integrity of the well or the
formation; the removal of scale or precipitate from the perforations, casing, or tubing;

or a treatment that does not penetrate into the formation more than 36 inches (in; 91
centimeters, cm) from the wellbore.” It may be that none of the operations in 2014 using
a greater than 7% acid concentration is well stimulation according to this definition.

Total volume (gallons)

0 10,000 20,000 30,000 40,000 50,000 60,000
16% 4 ] i - - i - — ’ i
‘5 =3 [
E -
[ E g5
¢ :; < g | . ® 2014
§253) . 2013
o Z ol f : d
. % -t | x ®
$z: .
ge3al + ;
10% - :E=§§Ln M -
< T= [ * »
»
x "{ x * x
i "‘x’%xl" xn‘ ¥ ; 4 DOGGR interim regulation threshold for matrix acidize
* * Sk mtenm regulation resno or matnx acid
e L e
x *x
6% ¥ ;8'5"“ x’& -5 ...
.I : .‘ixx&l’rx 5 . % i e x three additional pc
4% - * x‘fd » My ol B
! oy I" .g Xx x x ' ‘x x
an] X E_ #x * % *e x
o
’*xOI % E X Oxxxx P ,’xd‘ x %
2% | | < : %
> °©xe *
|x + ' 4
| 3
0 20 40 60 20 100 120 140 160

Total volume (m3)

Figure 3-22. Average acid concentration versus total fluid volume for treatments involving
hydrochloric acid in the SCAQMD data set.

There are 20 treatments per month involving hydrochloric acid in the SCAQMD data

set, which is equivalent to the number of wells first producing or injecting each month.
DOGGR’s draft final regulations define any treatment injecting a volume of acid that
would fill the reservoir pore space more than 0.9 m (3 ft) around the well as matrix
acidizing. For comparison, the treatment volume for a 1,400 m (4,600 ft) deep, 15 cm (6
in) diameter well with a 30 m (100 ft) long treatment interval in a 15% porosity reservoir
is about 27 m® (10,000 gal). More than half of the treatments with hydrochloric acid in
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the SCAQMD data, or 11 per month, have a volume above this threshold and greater than
1% acid concentration. This is equivalent to more than half the wells first producing, or
first injecting if never producing, per month.

It is unclear how many operations will be classified as matrix acidizing under the final
regulations compared to the current regulations. Figure 3-23 compares the fluid volume
distribution of matrix acidizing volumes in the CVRWQCB data set and DOGGR notices

to the distribution of treatment volumes containing HCI in the SCAQMD data. While the
distribution of SCAQMD volumes is narrower and has a smaller mean and median that
the other distributions, it entirely overlaps the low end of the CVRWQCB distribution and
mostly overlaps the low end of the DOGGR notice distribution. This suggests a portion of
the SCAQMD operations represent matrix acidizing, and also indicates that it is difficult to
distinguish matrix acidizing from other acidizing operations based on volume alone.

Water Volume (m?)
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Figure 3-23. Distribution of matrix acidizing volumes from (A) the CVRWQCB data set, and (B)
notices to DOGGR, compared to (C) treatment volumes for operations with HCL in the SCAQMD
data set.

The location of these operations is shown in Figure 3-24. About 70% are in the
Wilmington field and 10% in the Inglewood field. Over 55% are offshore, all of which are
in the Wilmington field. It is unclear whether similar operations will be considered matrix
acidizing after the final well stimulation regulations take effect in 2015.
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Figure 3-24. Operations in the SCAQMD data set utilizing hydrofluoric acid, with a total
hydrochloric and hydrofluoric acid concentration greater than 1%, and with a fluid volume
greater than 38 m? (10,000 gal). The highest concentration operations are plotted on top of the
others. Oil field tinting indicates when the most recent hydraulic fracture operation occurred for
comparison. Note the names of some fields are not shown.

Considering the 12 matrix acidizing treatments per month on average reported to the
CVRWQCB and the 26 notices filed in the first month under the current regulations, the
estimated range of matrix acidizing activity is 15 to 25 treatments per month statewide.
This may be different in the future depending upon the definition used to differentiate
matrix acidizing from other uses of acid.
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3.5. Data Quality, Availability, and Gaps

This review is based on available data, which are of varying quality and completeness.
Quality and completeness were assessed to the extent possible, primarily by comparing
data for stimulations covered by multiple sources.
There is no comprehensive source of information on well stimulation activities in
California. However, there are eight sources of data regarding recent and pending
hydraulic fracturing in California. Each source contains unique data. In aggregate, they
provide more complete coverage regarding hydraulic fracturing since early 2012 than do
the results of the well-record search alone. The sources are listed below in the order of the
accuracy of the data they provide for hydraulic fracturing operations:

1. Well stimulation completion reports (disclosures) (DOGGR, 2014a),

2. South Coast Air Quality Management District well work data (SCAQMD undated),

3. FracFocus,

4. FracFocus data compiled by SkyTruth (SkyTruth 2013),

5. Well record search results combined with first production or injection date
(described above),

6. Central Valley Regional Water Quality Control Board (CVRWQCB) well work data,
7. Geographic information system (GIS) well layer (DOGGR, 2014b),
8. Well stimulation notices (DOGGR undated a).

Table 3-6 provides an index of some of the types of data included in each source. Each of
the data sources has strengths and weaknesses, as discussed further below.
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Table 3-6. Index of data in each data source. HF = hydraulic fracturing; AF = acid fracturing;

MA = matrix acidizing; TVD = true vertical well depth; MD = measured well depth

-] -] 2
e 2 S s B S
Data source s F] HF AF MA APl # ® © 3 & Depth
> g -1 a © o
[ = = S
DOGGR disclosures 2014 X X X X X X X X X X
SCAQMD 2013-2014 X X X X partial X X X X
FracFocus 2011-2014 partial X X X X X partial TVD
Well record search 2002-2013 X X
CVRWQCB 2012-2013 X X X X X X X X TVD
MD-
DOGGR GIS well table all X X X .
partial
DOGGR notices 2014 X X X X X X X X X

Five of the eight data sources result from partially correlated processes. Operations
identified in FracFocus, DOGGR’s GIS well table, and the notices and disclosures
submitted to DOGGR replicate each other to some extent by design. Operations completed
in 2014 are noticed and subsequently disclosed to DOGGR and FracFocus by requirement.
In the year and a half prior to mandatory reporting commencing in 2014, operations
voluntarily disclosed in both versions of FracFocus were also identified to DOGGR, which
flagged them in its GIS well table. The other three data sources (CVRWQCB, SCAQMD,
and well records) result from independent data collection processes.

An integrated data set was constructed from all the sources for analysis of location, date,
and depth of hydraulic fracturing, available as Appendix M. This data set included the
data from the source assessed to be the most accurate for each data type. This assessment
was based on the specifics of the data in each source, the regulatory requirement for the
data in each source, and comparing the data for operations included in multiple sources.
The sources are each described below. Cross checking of operation dates between sources
is described in some of the sections below as an example. The discussion is based on

data regarding operations through the end of May 2014 available as of July 2014, unless
otherwise stated.

3.5.1. Well Stimulation Disclosures

SB 4, which took effect on January 1, 2014, requires operators to disclose well stimulation
data within 60 days following the stimulation. The reporting requires identification of

the stimulated well, treatment depth and date, and volume, composition, and disposition
of well stimulation and flowback fluids. For stimulations involving fracturing, the
orientation and extent of fracturing is also required. The well stimulation disclosure data
available from DOGGR contained records of 165 well stimulation events at 165 distinct
wells, suggesting that wells were not treated more than once (DOGGR, 2014a). All of
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the disclosures indicated hydraulic fracturing as the treatment type. This data is of high
quality because its disclosure is required, it covers all types of stimulation, and because
DOGGR performs some data quality checks before releasing the data (Emily Reader,
personal communication). For instance, DOGGR checks if the reported stimulation

fluid constituent percentages added up to 100%. If any data fail a check, DOGGR requests
the responsible operator to correct the data before it will make the data public. This
contrasts with FracFocus, which passes data submitted by operators through to the

public automatically.

Because data submitted for some of the operations at the time of this report did not pass
these checks, they were not disclosed to the public. Operators are required to also disclose
operations to FracFocus, which does not perform the same level of data quality checks.
Consequently the operations covered by this data set are a subset of those in FracFocus
for the same period. However, the DOGGR disclosures are the only data set that reports
certain data, such as the actual top and bottom depth of treatment intervals. It is also

the only data set resulting from a mandatory requirement to disclose all stimulation

fluid constituents.

As mentioned above, from all the data sets and records available, the well stimulation
notices are of the highest quality. It is unfortunate that due to the timing of this study only
6 months of data following institution of mandatory reporting could be assessed. Future
assessments will be able to analyze longer reporting periods.

3.5.2. SCAQMD Well Work

On June 4, 2013, the SCAQMD commenced requiring operators to submit notice and data
regarding various well activities, including drilling, well completion, rework, maintenance,
and stimulation of oil and gas wells within its boundaries (SCAQMD 2014). SCAQMD
provides public access to this data (SCAQMD undated). Oil and gas operators are required
to submit general information about the well, the type of well activity, and the type and
quantity of chemicals used, among other information.

Prior to April 2014, the data structure included a flag for acidizing, which did not
distinguish maintenance acidizing, such as to remove scale in a well, from matrix acidizing
designed to increase the permeability of the reservoir rocks. Near the beginning of April
2014, this generic flag was eliminated from the data structure in favor of separate flags

to indicate maintenance acidizing, matrix acidizing, and acid fracturing (Ed Eckerle,
SCAQMD, personal communication).

The SCAQMD database contains records regarding thousands of events. It includes notices
of events that were subsequently canceled or modified by submission of another notice.
Developing an accurate activity count requires filtering out superseded notices as well as
notices of cancellation. SCAQMD provided a method, but it inadvertently filtered notices
for some operations that actually occurred. An accurate filtering method was developed
and applied.
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Most of the SCAQMD notices describe drilling and routine well work, but 15 regard
well stimulation events. Fourteen of these were hydraulic fracturing operations, which
all occurred in 2013 in the Brea-Olinda field onshore and the offshore portion of the
Wilmington field. Water volume injected was reported for only seven of these, and only
six of these represented complete hydraulic fracturing events. The seventh appeared to
cease early in the operation, as it entailed injection of only 11 m® (3,000 gal) of water
and was followed a few weeks later by an operation that injected 720 m® (190,000 gal).
FracFocus also reported hydraulic fracturing of the same well, but with a start and end
date that spanned the two operations in the SCAQMD data and a water volume that was
slightly larger than both SCAQMD events combined.

The American Petroleum Institute (API) number is a unique identifier for each well
involved in oil and gas production across the entire country. The API number was not
reported for the wells stimulated offshore. For this study, the missing API numbers for the
offshore stimulations were identified and added from DOGGR’s GIS well layer using the
latitude, longitude, and well name in the SCAQMD data, so that operations in this data set
could be compared to those in other data sets.

The SCAQMD data are of relatively high quality because their disclosure is required, and
this requirement started earlier than the statewide disclosure requirement. However,

as indicated above, its use requires some care in order to accurately identify operations
that actually occurred. API numbers were not required and are not disclosed for many
operations, and it did not discriminate between types of acid use.

Because of its longer period of coverage, it uniquely reports some hydraulic fracturing
operations. This is also the only data set that covers all well operations, including any
operation involving the introduction of any substance into a well. This makes it valuable
for assessing identification of well stimulation operations as separate from other types of
operations (e.g., well maintenance). Unlike the state disclosure requirements, however,
disclosure of all substances is not required.

3.5.3. FracFocus

FracFocus is a website used by the oil and gas industry to disclose information about
drilling and chemical use in hydraulic fracturing. Disclosure prior to 2014 was voluntary,
and so not required to be complete or accurate. As mentioned above, disclosure of
operations in California to FracFocus became mandatory in 2014.

The site was created by two industry groups, the Interstate Oil and Gas Compact
Commission and the Groundwater Protection Council, and commenced operation at the
beginning of 2011. Operators upload information on their hydraulic fracturing activities,
which are posted on the site as PDF documents for each individual fracturing operation.
The reports include the API number, well location, and information about the type and
quantity of chemicals used. Many of the reports also include the volume of water used,
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although they do not report the source or type of water, i.e., operators do not report
whether they used freshwater or produced water, nor whether water was withdrawn from
a well, public supply, or another source.

As of January 2014, operators have been submitting data to FracFocus in fulfillment

of the public registry submission requirement in the current regulations. FracFocus’

data structure does not accommodate all of the data required to be disclosed, though.

For instance, FracFocus does not provide fields for the stimulated depth interval.
Consequently, the well stimulation disclosures available from DOGGR described above are
more complete.

However, as mentioned, FracFocus reported more hydraulic fracturing operations for
2014 than did the disclosure data available from DOGGR. For instance, DOGGR checks if
the reported stimulation fluid constituent percentages added up to 100%. If any data fails
a check, DOGGR requests the responsible operator to correct the data before it will make
the data public (Emily Reader, DOGGR, personal communication). This contrasts with
FracFocus, which passes data submitted by operators through to the public automatically.

FracFocus data for hydraulic fracturing in California, available as of mid-June 2014, were
provided for this review by a DOGGR staff member with administrative access to the site
(Emily Reader, DOGGR, personal communication). The number of operations per week
declined substantially after the first week of May 2014. This could indicate a reduction

in activity at this time, but it is more likely due to the lag in data entry to FracFocus. This
suggests the data set considered is relatively more complete through the first week of May
2014 than afterward.

The data set included operations at some wells located outside California according to
their coordinates and API number, but which listed California as the state. These were
deleted from the data set assembled for analysis.

The FracFocus data are of moderate quality for hydraulic fracturing because their
disclosure is voluntary, and it appears to result from fewer, if any, data quality checks,

as demonstrated by assignment of operations to California that are demonstrably located
outside the state. Once this was taken into account, almost all the operations in FracFocus
were also reported by another data source, instilling confidence.

The main strength of FracFocus was that it provided more hydraulic fracturing stimulation
fluid constituent data than any other source. However, not all constituents were disclosed
for many operations. FracFocus also provided true vertical well depth information, which
is not as useful as the state disclosure data regarding treatment interval depth, but was
available for many more operations. FracFocus also provided better operation dates than
the sources listed below.
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3.5.4. FracFocus Data Compiled By SkyTruth

The FracFocus data file discussed above, which was provided by DOGGR, has missing
data for some operations and fields. To accommodate these gaps, we used data are from a
second version of FracFocus, which was assembled and archived by the non-governmental
research organization SkyTruth (Skytruth, 2013) based on the first version of FracFocus
available as of the end of July 2013. This included data on hydraulic fracturing operations
through April 2013. However, it appears that some of the data from the first version

were not imported into the second version. Also, the data structure for the first version of
FracFocus differs from the current version, and is generally slightly less comprehensive.
For instance, it has a single date for operations, rather than a start and end date. It also
entailed two related tables, as opposed to three in the current version.

Data from the first version of FracFocus were used to fill in almost all the missing records
in the data from the second version of FracFocus. Some additional missing water volumes
in the FracFocus data provided by DOGGR were obtained from individual PDF reports
posted on the current FracFocus website. The resulting set had information on 1,686
operations, and is referred to as the FracFocus data set in the following discussion.

3.5.5. Well Record Search Results

The well record search results are discussed in more detail in earlier sections of the report
and in appendices than the other data sets, because they were generated as a part of this
study. The results are a high quality, but very limited, source of data. The identification
of wells that are hydraulically fractured is accurate, but no other information regarding
the operations identified was captured from the records. Date, depth, and to some extent
basic fluid type information is available in the records, but it was beyond the capacity of
this project to capture those data.

Consequently, the first production or injection date was used as a proxy for operations
uniquely identified in well records. This was demonstrably accurate to within six months
for a high percentage of operations.

The main strengths of this data set are that it identifies more hydraulically fractured wells
than any other single data source, covers a longer time period than any other data source,
has sampling statistics that allow more quantitatively accurate interpretation of its results,
and provides more confidence in the identification of hydraulically fractured wells by a

high degree of overlap with other data sources for the time periods they cover in common.

This source does not include data regarding acid treatments.
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3.5.6. CVRWQCB Well Work Data

The Central Valley Regional Water Quality Control Board (CVRWQCB) provided data
regarding well work. These data were provided to the CVRWQCB in response to California
Water Code Section 13267 Orders seeking information from oil and gas operators in

the Central Valley Region, and were provided by a CVRWQCB staff member (Douglas
Wachtell, CVRWQCB, personal communication). This dataset contains records of well
work that generated water discharges in 2012 and 2013. It includes information on the
type of work, the volume of water used, and disposal of any resulting fluids.

The data set identifies 1,801 well stimulation operations generically, but only specifies
the type of stimulation for 663 operations. The type of stimulation is not specified in the
records for some operators, particularly Aera Energy LLC, which is listed for 1,126 of the
generic stimulations.

This data source results from a mandatory data requirement. This suggests its accuracy
should be greater than that of FracFocus, so it should appear above FracFocus in the list
of data sources. However, the CVRWQCB data have unexplained inconsistencies. Some of
the dates in this source were a year and more later than dates in FracFocus for the same
well. It is possible this represents two operations in the same well (fracturing followed by
refracturing). However, the water volumes reported in each source, which are five digits
on average, are the same. The probability of multiple pairs of operations using the exact
same water volume is low.

It is more likely each data pair regards one operation, but the date is incorrect in one of
the records. Even though the CVRWQCB data results from mandatory reporting and the
FracFocus data are voluntary, evidence supports the FracFocus data being more accurate.
Operators generally stimulate wells immediately following installation and prior to first
production or injection. The date in FracFocus is typically closer in time to, and slightly
before, the first production date, or first injection date if there is no first production

date. The date in the CVRWQCB data set was further in time from, and after, the first
production date, or first injection date if there is no first production date. Consequently,
the dates in FracFocus were taken as more accurate.

The CVRWQCB data is of moderate quality. It covers all types of well stimulation, so it

is the only source of information regarding the intensity of acid stimulation in the San
Joaquin Basin prior to the statewide disclosure requirements. Consequently, it uniquely
reports the most acid treatment operations. About nine out of ten hydraulic fracturing
operations in this data set are reported in others as well, instilling confidence in its unique
coverage of some other operations.

It also reports the largest volume hydraulic fracturing operations publicly disclosed so
far in California. It does appear to include some erroneous data entries, and it has many
operations flagged as stimulation without specifying the type. It does not contain any
constituent data that could be used to determine the type of these operations.

145



Chapter 3: Historical and Current Application of Well Stimulation Technology in California

3.5.7. DOGGR GIS Well Layer

DOGGR maintains a geographic information system (GIS) layer regarding oil, gas, and
geothermal wells in California (DOGGR, 2014a). The attribute table includes voluntary
identification of some wells that were hydraulically fractured. The attribute table also
includes some information not available from other sources, such as whether a well had
been directionally or horizontally drilled, the date drilling commenced, and the measured
well depth. Based on comparison with operations in common in other data sources, the
date drilling commenced has the least correlation to when the operation occurred.

The DOGGR GIS well layer table is a poor source of data regarding hydraulic fracturing,
and it does not have any data regarding acid stimulation. The table includes a flag to
indicate if a well has been hydraulic fractured. This largely replicates operations disclosed
in FracFocus. There are some other wells uniquely identified as hydraulically fractured,
but the number of these indicates the coverage is low outside of the main period of
FracFocus disclosures starting in May 2012. The table also does not have operation dates,
although the date drilling was initiated is occasionally available as a proxy.

3.5.8. Well Stimulation Notices

Under SB 4, operators must provide DOGGR notice at least 30 days prior to commencing
a well stimulation treatment. The notices must include basic information about water and
chemical use (Pavley, 2013), and DOGGR must provide approval for the work to proceed.
These are notices of intention, but an operator does not have to perform the work even
though DOGGR has permitted the operation, and if the work is performed, it may not go
exactly as proposed in the notice.

The quality of the notice data is limited because they are prospective and occasionally
contain errors. A strength is that these data cover all types of well stimulation. Operators
began filing notices in December 2013, for operations beginning in January 2014. A
total of 477 well stimulation notices were filed through the end of May 2014, although
15 of these were withdrawn (DOGGR, undated a). Of the 462 approved notices, 436 are
for hydraulic fracturing. Two records are missing information on water use, providing a
total of 460 records of planned water use for well stimulation. While the well stimulation
notices are of some use, they only represent an operator’s planned activities and may not
reflect actual operations.

3.5.9. Data Quality in Aggregate

Integration of the eight available data sources demonstrates they overlap considerably
with regard to identifying hydraulically fractured wells in the time periods they have

in common. Given the geographic areas covered and mix of mandatory and voluntary
reporting, this provides some degree of confidence that the estimated number of hydraulic
fracturing operations that are occurring is accurate, if not precise. Given the number and

146



Chapter 3: Historical and Current Application of Well Stimulation Technology in California

nature of data sources regarding hydraulic fracturing fluid volume, there is confidence

in the accuracy of the understanding of the distribution of these volumes. There is
confidence in the identification of the predominant class of hydraulic fracturing fluid used
in the state, given the number of data sources from which this is interpreted, including
the literature. Likewise, the integration of the data sets provides confidence that the areas
where hydraulic fracturing commonly occurs onshore and in California waters have been
accurately identified. The available data on stimulation depth is less specific for hydraulic
fracturing and less available for acid stimulation, and so confidence in the accuracy of
understanding the distribution of depths at which these methods are applied is lower.

Comparison with the frequency, size, and location of hydraulic fracturing given by the
recent report undertaken for the Bureau of Land Management concerning well stimulation
in California by California Council on Science and Technology (CCST), Lawrence Berkeley
National Laboratory (LBNL), and Pacific Institute (CCST et al., 2014) supports confidence
in the accuracy of those results in this report. CCST et al. (2014) assessed these results

for onshore hydraulic fracturing based on five of the eight data sources considered by

this report (completion reports and disclosures were not available from DOGGR or the
CVRWQCB at the time, respectively, and data from SCAQMD were not considered).

Four of the five sources considered were voluntary, whereas this report considered an
additional three mandatory data sources. Six months less data were considered by CCST
et al. (2014). Only production well records were searched for CCST et al. (2014) as
compared to production and injection well records for this report, and few well records
were available for searching in some basins (such as Los Angeles) by CCST et al. (2014).
Nonetheless, CCST et al. (2014) estimated hydraulic fracturing operations occurred at

a similar rate (100 to 150 operations per month), were of a similar size (490 to 790 m?;
130,000 to 210,000 gallons), and predominantly occurred in the same locations (85%

in the North and South Belridge, Lost Hills, and Elk Hills fields) as does this report.
Confidence regarding acid stimulations is lower because there are fewer data sets, and
they do not overlap in geography or time for the most part.

Additional data becoming available in the future might change some of the quantitative
findings in this report, but would not likely fundamentally alter the report conclusions
about well stimulation in California.

3.5.10. Data Gaps

Many of the most obvious data gaps, such as the underreporting in the past of stimulated
wells, have been closed by the mandatory reporting requirements in SB 4 and the
regulations that implement its mandates. For the analyses in this report, however, only
six months of reporting time and eight month of notices were available, which raises

the question as to whether this is sufficient time for the number and type of operations

to stabilize. In addition, some potential gaps and data quality issues relevant to the
understanding of well stimulation in California in the future that are not addressed by SB
4 and its current implementing regulations were encountered during this study, as follow:
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* The well stimulation notice form does not currently provide for operators to
indicate planned acid fracturing operations. Adding this capability to the form
would make identifying, and so analyzing, this type of well stimulation easier.

* The notice forms do not allow differentiating between hydraulic fracturing
and frac-packing. Given the difference between these two types of operations,
adding this capability to the form would again facilitate analysis of operational
prevalence and trends.

* Neither the notice forms nor the completion reports provide for identifying the
company performing the stimulation. This is typically a service company hired
by the operator rather than the operator. Adding a requirement to disclose the
company performing the stimulation would allow analysis of whether stimulation
practices vary from one service company to another, as they appear to vary from
operator to another.

* Most hydraulic fracturing operations are listed as occurring within one day, which
suggests they occurred in less than 24 hours. Providing for operators to report the
number of hours required for a hydraulic fracturing operation would provide a
more accurate understanding of the duration of hydraulic fracturing fluid pressure
application.

* A review of records for a few tens of wells that are reported as hydraulically
fractured and indicated as horizontal in DOGGR’s GIS well layer found about half
were not horizontal, but rather directional and nearly vertical in the reservoir.
Improving the accuracy with which horizontal wells are identified going forward
could assist in early identification of a trend toward horizontal well fracturing in
California.

Other data gaps involve the federal government. There is currently no reporting
requirement regarding well stimulation in federal waters, so stimulation activity in this
area cannot be accurately assessed. DOGGR and the EIA appear to have different criteria
for designating gas versus oil wells. It is unclear if DOGGR has quantitative criteria for
making this determination. It might be useful to conform to federal criteria in order to
provide regulatory and reporting uniformity.

3.6. Findings

Hydraulic fracturing has been applied in numerous oil fields in California for decades,
starting in 1953. The use of hydraulic fracturing increased substantially with the
development of some of California’s largest oil accumulations in the late 1970s and early
1980s, just before oil production in the state peaked (DOGGR, 2010). About 25% of wells
going into production or injection are fractured, and this rate has remained relatively
constant over the last twelve years analyzed. Because more wells went into production
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Estimated operations per month

or injection annually during the last two years than the previous ten, the average annual
number of hydraulic fracturing operations in 2012 to 2013 was about 25% higher than
in the previous decade. The ratio of injection wells to production wells hydraulically
fractured increased from 1:5 to 1:2 over the last twelve years, suggesting an increase in
enhanced oil recovery efforts.

Data indicate hydraulic fracturing is performed in more than 109 wells per month on
average, and perhaps up to 190 wells in some months. Given this range, hydraulic
fracturing of 125 to 175 wells per month is a reasonable estimate, with about one percent
consisting of frac-packs. This is shown on Figure 3-25, along with estimated rates for other
types of well stimulation in California. Almost all the onshore frac-packing since 2011 has
occurred in the Inglewood field.
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Figure 3-25. Estimated recent well stimulation activity in California (2012 and 2013). The inset
shows the smaller rates on an expanded scale. Arrows marked with question marks indicate
rates estimated from one, non-comprehensive data source.
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Since 2011, all reported stimulation in California has been in oil wells and none in
gas wells. About 40%- 60% of the wells that have gone into production or injection
during this time have been fractured. About 30% of the wells fractured since 2011
have been injectors.

On average, about one to two wells per month have been hydraulically fractured offshore
in California waters over the last decade, which is about one sixth of the wells installed.
One fourth of these operations consisted of frac-packs. This activity primarily occurs on
the THUMS islands in the Wilmington field constructed off the coast of Long Beach in the
Los Angeles Basin.

The available information regarding hydraulic fracturing offshore in federal waters
indicates two operations per year, which is about 10% of the wells installed. One half of
these operations consisted of frac-packs. This information was only available from one
source that reviewed records, and so this estimate may be low.

About 95% of hydraulic fracturing in California in 2012 and 2013 occurred in the
southern San Joaquin Basin, and about 85% in four fields on the west side of the Basin:
North and South Belridge, Elk Hills, and Lost Hills. Two thirds of hydraulic fracturing in
California occurs in diatomite reservoirs in the North and South Belridge and Lost Hills
fields. About a fifth of oil and gas production in California is from reservoirs (pools) in
which a large proportion of the wells have been hydraulically fractured.

References to acid fracturing in California were not identified in the literature. Chapter

2 indicates that acid fracturing is generally applied in carbonate reservoirs. Only a few
such reservoirs exist in California, and these are naturally fractured, suggesting that acid
fracturing is not applicable. However, three hydraulic fracturing well stimulation notices
for wells in the Elk Hills field specify use of an HCI and HF mix, indicating acid fracturing.

The use of matrix acidizing is reported in far fewer fields in the literature than is hydraulic
fracturing, and the number of notices submitted for the use of this technology is a small
fraction of the number submitted for hydraulic fracturing. A total of 26 notices were
received and approved in the first month. The CVRWQCB data set, which covers a longer
time period, identifies 13 wells per month matrix acidized on average. Data from the

Los Angeles and part of the Ventura basins suggests the number of acidizing operations
classified as matrix acidizing may increase after the regulation currently being developed
goes into effect, in which case 15 to 25 matrix acidizing operations per month is a
reasonable estimate of activity. The notices and reports of matrix acidizing are all located
in a few fields in the southwest San Joaquin Basin, primarily the Elk Hills field.

Figure 3-26 shows the median, minimum, maximum, and second and third quartile water
use per hydraulic fracturing operation for different types and settings of wells. Table 3-7
shows the median water use. Data indicate average water use per hydraulic fracturing
operation of 530 m® (140,000 gal). This is considerably less than in other hydraulically
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fractured plays in the United States. For instance, average water use per operation in a
horizontal well in the Eagle Ford in Texas is 16,000 m® (4.25 million gal). The difference
results in part from the predominance of fracturing in relatively shallow vertical wells in
California, which have shorter treatment intervals, as compared to the predominance of
horizontal wells in major unconventional oil plays like the Eagle Ford and Bakken, as well
as the use of gel as opposed to slickwater in those other plays.

Figure 3-26. Distribution of water use per different type of well stimulation operation in
different settings in California.

Table 3-7. Median water use per different type of well stimulation operation in different settings
in California.

oil Gas
Onshore Offshore Onshore
m?3 (gal) m?3 (gal) m?3 (gal)
[sample size] [sample size] [sample size]
m3
. . 284 (75,000) 550 (150,000) 77 (21,000)
Hydraulic fracturing [1.760] [19] [19]

180 (47,000)
[4]
200 (54,000)
[295]

Acid fracturing

Matrix acidizing
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Water use per treatment length is also lower in California than elsewhere in the country.
The average water use in a set of horizontal wells disclosed as fractured is 2.3 m®/m (180
gal/ft). This compares to an average of 9.5 m®/m (770 gal/ft) in the Eagle Ford (Nicot
and Scanlon, 2012) and 3.4 m®/m (280 gal/ft) for crosslinked gel, 3.9 m3/m (320 gal/ft)
for hybrid gel and 13 m®*/m (1,100 gal/ft) for slickwater used in the Bakken.

As indicated by the information from the Bakken, as well as engineering guidance
discussed in Section 2.4.2.1, gels are associated with lower volumes per treatment length
than slickwater, and crosslinked gel is associated with the least water volume among the
gel types. The predominant fracturing fluid type in California is gel, of which most

is crosslinked.

Median water use for acid fracturing was 170 m?® (45,000 gal) per operation. The
minimum and maximum water volumes per acid fracturing treatment length implied by
the three available notices are 0.60 and 0.74 m®/m (48 and 72 gal/ft), respectively. This is
smaller than indicated by the notices for matrix acidizing, and far less than the water-use
intensities for hydraulic fracturing. This suggests the treatment extent relative to the well
is quite limited.

Median water use for matrix acidizing was 200 m® (54,000 gal) per operation. The volume
per treatment length from the notices averaged 1.0 m3/m (90 gal/ft). This is somewhat
less than for hydraulic fracturing, but in the higher part of the range identified for matrix-
acidizing stimulations in general discussed in Chapter 2. This suggests that the treatments
are targeted more toward treating natural fractures than the rock matrix (pores in the
rock itself).

For both matrix acidizing and acid fracturing, the acidizing fluid contains both HCI and
HF. The latter is often produced from other components in the fluid, rather than being
added to the fluid directly.

3.7. Conclusions

Hydraulic fracturing has been the main type of well stimulation applied in California

to date, based both on the total number of wells and fields where it has been used as
compared to other stimulation methods. Over the last decade, operators fractured about
125 to 175 wells of the approximately 300 wells installed per month. The number of
production wells fractured per year has remained relatively constant during the last 12
years studied. The number of injection wells fractured has increased during this time.
Two to three fifths of new wells in California are estimated to be hydraulically fractured.
Hydraulic fracturing facilitates approximately a fifth of the oil and gas production in the
state. Most hydraulic fracturing occurs in the southwestern portion of the San Joaquin
Basin. There has been little hydraulic fracturing in gas fields, and none reported since 2011.
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Available data suggest the practice of hydraulic fracturing for oil production in California
differs significantly from practices outside the state. For example, California hydraulic
fractures tend to use less water and the wells tend to be more vertical than in those for
producing oil from source rock in North Dakota and Texas. As pointed out in Chapter

4, the majority of the oil produced from fields in California is not from the source rock
(i.e., shale in the Monterey Formation), but rather from reservoirs containing oil that
has migrated from source rocks. These reservoirs do not resemble the extensive and
continuous layers that are amenable to oil production with high water-volume hydraulic
fracturing from long-reach horizontal wells, such as found in the Bakken in North
Dakota and Eagle Ford in Texas. Rather, hydraulic fracturing in California is most often
employed in both injection and production wells in combination with enhanced oil
recovery techniques, such as water and steam flooding, to produce migrated oil from more
geographically limited areas than is typical for production from source rocks.

The majority of offshore production takes place without hydraulic fracturing. Ninety
percent of the limited hydraulic fracturing activity in California waters is conducted on
man-made islands close to the Los Angeles coastline in the Wilmington field; little activity
is documented on platforms. Operations on close-to-shore, man-made islands resemble
onshore oil production activities. On these islands, operators conduct about 1-2 hydraulic
fracturing operations in the 4-9 wells installed per month. The only available survey

of stimulation in federal waters records 22 fracturing stimulations occurred or were
planned from 1992 through 2013 in the context of more than 200 wells installed during
that period. All but one of these hydraulically fractured wells were in the Santa Barbara-
Ventura Basin. About 10-40% of fracturing operations in wells in California waters and
half of operations in US waters were frac-packs.

Acid fracturing is less than 1% of reported fracturing operations to date in California,
all for onshore oil. Acid fracturing is usually applied in carbonate reservoirs, and these
are rare in California. Matrix acidizing has been used effectively but only about 10% as
often as hydraulic fracturing onshore in California. Its use in California and US waters is
occasional, with the most recent operation in each in 2011. However, it is hard to assess
the extent of acidizing in the state because the definition of routine well maintenance
versus stimulation varies from one regulatory agency to another, and within one agency
through time. More complete data on acid use in one data source suggests it is difficult
in practice to definitively categorize acidizing to remediate drilling damage from that

to alter reservoir permeability. In general, though, acid fracturing and matrix acidizing
technologies are not expected to lead to major increases in oil development in the state.
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Chapter Four

Prospective Applications of
Advanced Well Stimulation
Technologies in California

Abstract

Although hydraulic fracturing has been employed since the 1950s, it is not a widespread
or intensive practice in California, with the exception of diatomite oil reservoirs in certain
fields of the San Joaquin Basin (Section 3.2), where hydraulic fracturing is necessary for
sustained production. Future growth of reserves will likely include additional development
of oil in low-permeability diatomite reservoirs. Such development would require
continued widespread application of well stimulation technology (WST).

Recently, low-permeability source-rock (shale oil) resources have been postulated to exist
in the San Joaquin Basin, in the Los Angeles Basin, and in parts of the Salinas, Santa
Maria, and Ventura basins, where Monterey-equivalent and other petroleum source
rocks are deeply buried. If present, development of such resources would likely require
the extensive application of WSTs, such as hydraulic fracturing. However, feasible
development of shale oil in California remains highly uncertain. Petroleum source rocks
of California differ significantly from those of Texas and North Dakota in both lithologic
and structural complexity. If shale oil production is to be realized here, its development
engineering will need to be specifically designed for California. Recent exploration wells
that have targeted deep shale oil potential have not yet resulted in the identification of
new petroleum reserves; however, exploration for this potential resource continues.

Although natural gas production is volumetrically much less important than oil in
California, significant quantities of natural gas have been produced in the Sacramento
Basin and in association with oil in some fields of the San Joaquin Basin and elsewhere.
Natural gas production in California has not generally entailed WST. Large-scale
development of unconventional natural gas resources such as shale gas, basin-center
“tight gas,” and coal bed methane is geologically unlikely in California.

Based on the current state of knowledge, the extensive application of WST as practiced

in Texas, North Dakota, and Pennsylvania is not expected to become widespread in
California in the near future.
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4.1. Introduction

California’s rich petroleum resources have been exploited since prehistoric times and
produced commercially for more than 150 years. In spite of intensive development, large
quantities of recoverable oil are believed to remain in the petroleum basins of California.
These resources include undiscovered conventional accumulations, especially in federal
waters, and potential growth of reserves from further development of existing oil fields.
The following points summarize our assessment of California’s petroleum resource
potential, and whether development of such resources may require use of WSTs or not:

* California’s petroleum resources have been exploited since prehistoric times and
commercial oil production has a 150 year history. California remains one of the
leading oil producing areas of North America.

* Oil in California is closely associated with the Monterey Formation and its
geological equivalents.

* In spite of a long history of intensive oil production, large quantities of technically
recoverable oil remain in California petroleum basins.

* The remaining resource potential can be considered in three broad
categories: (1) Undiscovered conventional accumulations, (2) Additional
petroleum reserves, both conventional and unconventional, which could be
developed in existing oil fields, and (3) Postulated, but largely untested and
unproven, petroleum accumulations in source-rock systems (shale oil and
shale gas), comparable in type to those that are being extensively developed
in other parts of the United States, such as the Bakken Formation in North
Dakota or the Eagle Ford Shale in Texas.

* Undiscovered conventional petroleum
* Undiscovered oil and gas fields in onshore basins are expected to be
small and difficult to find. Some of these undiscovered fields could
have low-permeability reservoirs amenable to application of WSTs.
e Billions of barrels of undiscovered and undeveloped petroleum are
estimated to be present offshore, particularly in the Santa Barbara/

Ventura and Santa Maria/Partington basins.

* If additional offshore resources are developed, the use of WST would
most likely be incidental and not fundamental to production.

* Growth of reserves in existing fields
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* Given current knowledge and technology, additional development of
existing oil fields is the most likely source of significant new reserves
in California. The USGS recently estimated that from 0.6 to 2.5 billion
cubic meters (m®; 4 to 15.6 billion barrels) of additional oil could be
recovered from 19 giant oil fields of the San Joaquin and Los Angeles
basins with current technology, including WST.

* Much of the reserve growth will come from additional development
of heavy, high-viscosity oil in fields of the San Joaquin Basin. Large
quantities of undeveloped heavy oil are also present in Los Angeles,
Santa Maria, and Santa Barbara/Ventura basins. This does not
generally require WST.

e Large quantities of potentially recoverable oil remain in fields of
the Los Angeles Basin, the development of which would involve the
occasional application of WST.

e Large volumes of recoverable oil exist in low-permeability diatomite
reservoirs in the San Joaquin Basin. Production of oil from diatomite
generally requires WST.

* Unconventional resources in source-rock (shale oil) systems

* Large oil and possibly gas resources in deeply buried, thermally mature
Monterey and Monterey-equivalent source rocks have been postulated,
but feasible development remains highly uncertain. Recent exploration
wells that have targeted deep Monterey source rocks have not resulted
in identification of new petroleum reserves. If these postulated
resources exist and could be developed, their production would
probably require widespread application of WSTs.

e If significant shale oil resources can be exploited in California, they
probably would be first developed in restricted areas of the San
Joaquin Basin where Monterey-equivalent and other source rocks are
in the “oil window”.

* Low-permeability source-rock (shale oil) resources are also postulated
in the central Los Angeles Basin, and in parts of the Salinas, Santa
Maria, and Ventura basins, where Monterey-equivalent source rocks
are deeply buried.

159



Chapter 4: Prospective Applications of Advanced Well Stimulation Technologies in California

* Large quantities of natural gas are produced in California. Petroleum produced in
the Sacramento Basin is mainly non-associated gas. Non-associated gas fields also
have been found in the San Joaquin, Eel River, and other basins, both onshore
and offshore. Associated and dissolved natural gas is also produced from various
oil fields. This production has not involved the widespread use of WST.

* Large-scale development of unconventional natural gas resources (which would
entail extensive use of WSTs), such as shale gas, basin-center “tight gas,” and coal
bed methane, is geologically unlikely in California.

4.2. Source Rocks and Petroleum Systems

4.2.1. Organic Origin of Petroleum

An overwhelming body of geological, biological, chemical, and thermodynamic evidence
shows that nearly all oil originates from the thermochemical transformation of sedimentary
organic matter, much of which was originally marine phytoplankton (Hunt, 1995).

Most natural gas forms in the same way, although large quantities of natural gas are

also generated by the thermochemical alteration of terrestrial organic matter derived

from higher land plants. Gas is formed simultaneously with oil (associated and dissolved
gas), by the thermal breakdown of oil under elevated temperatures (“cracking”) and by
microbial metabolism at relatively low temperatures (biogenic methane) (Figure 4-1).
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Figure 4-1. Thermal transformation of kerogen to oil and gas, depicting the depths of the oil
window (McCarthy et al., 2011).
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4.2.2. Petroleum Systems

Petroleum, for the purposes of this report, includes crude oil, natural asphalt, both
thermal and biogenic gas, and liquid hydrocarbon condensates formed during production.

A petroleum system, as described by Magoon and Dow (1994), is a natural system that
includes concentrated insoluble sedimentary organic matter (kerogen) in a source rock,
the related petroleum generated from the source rock by thermochemical or metabolic
processes, and all of the other geological elements and processes necessary for a
hydrocarbon accumulation to form (Figure 4-2).

Petroleum systems comprise several key components:

1. A source rock that contains concentrated sedimentary organic matter (kerogen).
In many cases this source rock is an organic-rich marine mudstone deposited
under conditions of high oceanic productivity and slow sedimentation rate in
bottom waters that are depleted in oxygen. The Monterey Formation is the most
important source rock in California and one of the most prolific source rocks in
the world.

2. An energy source sufficient to cause the transformation of sedimentary organic
matter to petroleum. Typically this is the internal heat of the Earth, which
increases with burial depth (the geothermal gradient). Kerogen in the source
rock must undergo sufficient heating over time for it to become “thermally
mature” for the generation of oil and/or gas (McCarthy et al., 2011). The “oil
window” and “gas window” are defined as the ranges of depths and temperatures
over which a source rock will generate oil and gas, respectively (Fig. 4-1). The
types of hydrocarbons formed and the specific rates, temperatures and depths
of maturation are functions of both the type of kerogen and its integrated
time-temperature history. The reaction rates of Monterey-equivalent source
rocks remain incompletely understood, and the depths and temperatures of oil
generation in many California basins are uncertain (e.g., Walker et al., 1983;
Kruge, 1986; Kaplan et al., 1986; Petersen and Hickey, 1987; Isaacs, 1989; Isaacs
and Rullkotter, 2001).

3. Areservoir is a rock with a pore network within which the petroleum generated
during maturation accumulates and is contained. In conventional hydrocarbon
accumulations, this reservoir is a porous and permeable rock, such as sandstone
or limestone, which is distinct and at some vertical and/or horizontal distance
from the thermally mature source rock.

4. A trap is a permeability barrier that allows petroleum to accumulate in a

reservoir rock. The permeability barrier is also termed the seal. Various
trapping mechanisms and geometries are recognized, including structural traps,
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stratigraphic traps, and diagenetic traps. In the case of certain unconventional
petroleum accumulations, such as shale oil or shale gas, no permeability barrier
is present other than the very small matrix permeability of the shale.

5. Migration is the movement of generated hydrocarbons from the mature source
rock to the reservoir; the route taken is the migration pathway. Migration results
mainly from the buoyancy of petroleum in formation waters owing to the
difference in density between petroleum and water. Migration from the source
rock is halted by a trap, and the oil and gas can accumulate in the reservoir
rock. This sequence of events can develop a conventional oil deposit. The vast
majority of produced oil, including that from the producing oil fields in California,
is migrated oil. However, in many unconventional petroleum accumulations,
such as the Eagle Ford and Bakken shale oil petroleum systems, the source rock
and reservoir rock are essentially one and the same, and the migration distance
is negligible (Harbor, 2011; Sonnenberg et al., 2011). Profitably producing oil
from such low permeability source/reservoir rocks generally requires hydraulic
fracturing (a type of WST) to create the permeability that allows extraction of
oil and gas.

4.2.3. Source Rocks of California

Every petroleum accumulation can be attributed to at least one source rock. In California,
the predominant source rocks, accounting for 80-95% of all petroleum, are in the
Monterey Formation and its stratigraphic equivalents (meaning formations with similar
qualities and ages, but with different names) (Appendix N). However, other source rocks
are important in certain basins. California source rocks are briefly summarized below and
are also illustrated on a stratigraphic section for the San Joaquin Basin (Figure 4-3). A
more detailed description of the Monterey Formation is presented in Section 4.4.

Monterey Formation and its Equivalents

The Miocene Monterey Formation and its geological equivalents (herein referred to

as the Monterey) were deposited as deep-water marine sediments on the continental
margin of California during the middle to late part of the Miocene Epoch (Isaacs, 2001).
The Monterey occurs as thick and extensive deposits within many of the Neogene
sedimentary basins in California, including all of the major oil-producing basins. It is a
highly heterogeneous deposit that characteristically consists of biogenic sediments that are
variously siliceous, phosphatic, calcareous and, in many cases, highly enriched in organic
matter. (Bramlette, 1946; Isaacs et al., 1983; Graham and Williams, 1985; Isaacs, 1989;
Behl, 1999; Tennyson and Isaacs, 2001; Isaacs and Rullkdtter, 2001). More than 80% of
the known oil in the San Joaquin Basin and practically all of the oil in the Los Angeles,
Santa-Barbara/Ventura, and Santa Maria basins was generated from the Monterey and
its equivalents. The Monterey is discussed in more detail in Section 4.4, The Monterey
Formation, below.
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Vaqueros Formation

The Vaqueros Formation is an early to mid-Miocene marine sedimentary rock consisting
of sandstones and shales in basins on the western side of the San Andreas Fault (Dibblee,
1973). In the Cuyama Basin, the lower portion of the Vaqueros includes kerogen-rich
mudstone (a fine-grained sedimentary rock) called the Soda Lake Shale Member. On the
basis of stable carbon isotope and biological marker data from kerogens and oils, Lillis
(1994) concluded that much of the oil produced in the Cuyama Basin was generated from
the Soda Lake Shale.

Tumey Formation

The Tumey consists of sandstone and shale of Late Eocene age. It contains thin calcareous
shale and is often combined with the underlying Kreyenhagen Formation in stratigraphic
sections (Milam, 1985; Peters et al., 2007). The Tumey is considered by Magoon and others
(2009) to be the source rock for more than 130 million m® (800 million barrels) of oil
(estimated ultimate recovery) in accumulations along the west side of the San Joaquin Basin.

Kreyenhagen Formation

The Kreyenhagen Formation is a shale-rich formation of Eocene age that is also a
petroleum source rock in the San Joaquin Basin. At its reference section location at Reef
Ridge, just south of Coalinga in the San Joaquin Basin, it is more than 305 meters (m;
1,000 feet, ft) thick (Von Estorff, 1930). The Kreyenhagen consists of shales, laminated
sandstones and shales, siltstones, and pebbly green sandstones (Isaacson and Blueford,
1984; Johnson and Graham, 2007; Milam, 1985). In some locations, it contains turbidite
deposits more than 488 m (1,600 ft) thick, known as the Point of Rocks sandstone; in
these areas, the lowermost member of the Kreyenhagen is known as the Gredal Shale
member, and the uppermost Kreyenhagen is the Welcome Shale member (Dibblee,

1973; Johnson and Graham, 2007). Hydrocarbons derived from the Kreyenhagen can

be chemically distinguished from the Tumey and Monterey on the basis of isotope
geochemistry and biological markers (Clauer et al., 2014; Lillis and Magoon, 2007; Peters
et al., 1994; 2013). The Kreyenhagen is interpreted as the source rock for almost 0.32
billion m* (2 billion barrels) of oil in accumulations along the northwest side of the San
Joaquin Basin, including oil in the Coalinga and Kettleman North Dome oil fields, among
others (Magoon et al., 2009).

Moreno Formation
The Moreno is a shale-rich formation of Cretaceous to Paleocene age (McGuire, 1988).
It comprises four members that represent different clastic depositional facies. The

stratigraphic section of the Moreno Formation, exposed in Escarpado Canyon in the
Panoche Hills on the western margin of the central San Joaquin Valley, is about 800 m
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(2600 ft) thick. He et al. (2014) have characterized the geochemical signature of oils
sourced from this formation, as did Peters et al. (2007; 2013). The Moreno is known to
be the source rock for the small quantities of oil produced from the Oil City field (Magoon
et al., 2009). It may also be the source rock for other small oil accumulations in the
Sacramento and San Joaquin basins.

Winters Formation

The Upper Cretaceous Winters Formation of Edmondson (1962) is a thick succession of
shales, mudstones, and sandstones deposited in a complex delta slope and submarine fan
system in the Sacramento Basin (Garcia, 1981). Like most of the Great Valley sequence
strata, the Winters contains abundant terrestrial (Type III) kerogen, which is believed to
explain the strongly gas-prone character of the Sacramento and northern San Joaquin
basins (Jenden and Kaplan, 1989). Various shales within and stratigraphically adjacent
to the Winters Formation, possibly including the Moreno Formation, are inferred, on the
basis of their stratigraphic occurrence, and on the chemical and isotopic composition of
gases, to be the principal source rock for the non-associated gas in the Sacramento Basin.
The largest gas field in the state (Rio Vista) in southwestern part of the basin, as well as
most of the other non-associated gas fields in the Sacramento and northern San Joaquin
basins (Magoon and Valin, 1996; Hosford Scheirer and Magoon, 2008b) were probably
derived from the Winters Formation. Shales in the Winters Formation may also be the
source rock for the small volumes of light (39 to 49 °API) oils that are also produced in
the Sacramento Basin.

Dobbins-Forbes

The Upper Cretaceous Dobbins Shale and shales of the Forbes Formation are inferred,
largely on the basis of stratigraphic relationships and stable isotopic gas compositions,

to be a second source-rock system in the Sacramento Basin. Like the somewhat younger
Winters Formation, the Dobbins and Forbes Formations were deposited in a large deltaic/
slope/submarine fan system that was actively filling the proto-Sacramento fore-arc basin
during early Late Cretaceous time. The Dobbins and Forbes shales are believed to account
for more than 57 billion m® (2 trillion standard cubic feet, scf) of non-associated gas in the
Sacramento Basin (Magoon and Valin, 1996).

Other Petroleum Source Rocks

In addition to the well-documented petroleum source rocks described above, small
quantities of hydrocarbons may have been generated from various other source rocks,
including the Sacramento Shale in the Sacramento Basin, Paleocene, and Eocene shales in
some fields of the Santa Barbara/Ventura Basin, and Pleistocene mudstones in the southern
San Joaquin Basin, which are source rocks for shallow, biogenic methane accumulations.
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4.3. Migrated vs. Source-rock Petroleum Accumulations

4.3.1. Introduction to Unconventional Resources in the United States

Over the past few decades, changes in oil and gas drilling and well completion
technologies have led to the recovery of extensive petroleum resources that were previously
uneconomic. These petroleum resources, whose porosity, permeability, fluid trapping
mechanism, or other characteristics differ from conventional sandstone and carbonate
reservoirs, have been called “unconventional resources” (Schlumberger Qilfield Glossary

- http://www.glossary.oilfield.slb.com/en/Terms/u/unconventional resource.aspx).
Shale oil, shale gas, tight gas sands, coal bed methane, gas hydrates, and oil shale are all

considered to be unconventional resources—these are described below in Section 4.3.2.

Unconventional resources have also been defined using explicit engineering criteria (see
Section 2.2) relating to (1) reservoir permeability and (2) the gravity and viscosity of

oil. Thus, an unconventional accumulation under this definition can be one with low
permeability, defined as a matrix permeability of less than 0.1 millidarcies (md), whether it
contains oil, gas, or natural gas liquids as its principal commodity, or it can be a reservoir
containing heavy oil or extra heavy oil, defined as having a measured API gravity of less
than 22° for heavy oil or less or 10° for extra-heavy oil, respectively.

For the purposes of this chapter, we have adopted the USGS geologic definitions for
conventional and unconventional (continuous) oil and gas (petroleum) resources
(accumulations), as listed below: (http://energy.usgs.gov/Generallnfo/HelpfulResources/
EnergyGlossary.aspx#uvwxyz). Under this definition, heavy oil accumulations are not
considered to be an unconventional resource.

* “Conventional oil & gas accumulations—Are discrete accumulations with
well-defined hydrocarbon-water contacts, where the hydrocarbons are buoyant
on a column of water. Conventional accumulations commonly have relatively
high matrix permeabilities, have obvious seals and traps, and have relatively high
recovery factors.”

* “Continuous oil & gas accumulations—Commonly are regional in extent,
have diffuse boundaries, and are not buoyant on a column of water. Continuous
accumulations have very low matrix permeabilities, do not have obvious seals
and traps, are in close proximity to source rocks, are abnormally pressured,
and have relatively low recovery factors. Included in the category of continuous
accumulations are hydrocarbons that occur in tight sand reservoirs, shale
reservoirs, basin-centered reservoirs, fractured reservoirs, and coal beds.”

In recent years, the petroleum industry of the United States (US) has experienced a

remarkable transformation. After decades of more or less steady decline, US oil and
gas production has surged upward in the last 5-10 years (Figures 4-4 and 4-5), greatly
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reducing the volumes of oil being imported. As a result, the US is currently the world’s
largest petroleum (combined oil and gas) producer, ahead of Saudi Arabia and Russia

(US EIA, 2014c). Most of the increase in US oil and natural gas production has come from
the extensive application of directional drilling and WST to unconventional “shale oil”
deposits such as the Bakken and Three Forks Formations in the Williston Basin of Montana
and North Dakota and the Eagle Ford Shale in south-central Texas, and to unconventional
“shale gas” deposits such as the Marcellus Shale in Pennsylvania, the Barnett, Haynesville,
and Woodford shales in Texas, and the Antrim Shale in Michigan.

U.S. Field Production of Crude Oil

Thousand Barrels per Day
12,500

10,000

7,500

5,000

2,500

1875 1900 1925 1950 1975 2000

— U.S. Field Production of Crude Qil

€1’ Source: U.S. Energy Information Administration

Figure 4-4. US annual oil production vs. time (downloaded from US EIA website on 9/12/14)
http://www.eia.gov/dnav/pet/pet crd crpdn adc mbbl m.htm.
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Natural Gas Gross Withdrawals and Production
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Figure 4-5. US annual natural gas production vs. time (downloaded from US EIA website on
9/18/14) http://www.eia.gov/dnav/ng/ng prod_sum_dcu NUS_a.htm

As mentioned above, we have adopted in this chapter a geological definition of
unconventional petroleum as “continuous” accumulations. The distinction between
“continuous” accumulations and “conventional” accumulations used by the US Geological
Survey (US Geological Survey National Resource Assessment Team 1995) separates
petroleum accumulations consisting of “migrated” oil in structural traps, such as the
accumulations of oil in low-permeability diatomite reservoirs of California, from source-
rock system (shale oil) accumulations such as the Eagle Ford shale oil in Texas. Both
types of accumulations are appropriately considered unconventional from an engineering
perspective, in that they share the quality of low permeability. However, they differ
greatly in their geological setting, in their geographical extents, and in numbers of

wells and types of technology required for production. This distinction is significant for
considerations of development scenarios and potential impact of WST.
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4.3.2. Types of Unconventional Resources

1) Source-rock Systems (Shale Qil and Shale Gas)

In shale oil and shale gas accumulations, the source rock and the reservoir rock are one
and the same. Examples of such source-rock systems include the Barnett Shale in the Fort
Worth Basin of Texas (Pollastro et al., 2007), the Eagle Ford Shale in the Gulf Coast Basin
of southern Texas (Harbor, 2011; Hentz and Ruppel, 2011), and the Bakken Formation
in the Williston Basin of Montana and North Dakota (Nordeng, 2009; Price and LeFever,
1992). A more detailed discussion of the Bakken example can be found in Section 4.4.3.

Production from such source-rock systems has become important in the United States.
Most of the recent increases in US oil and gas production have come from just a few

of these systems. This large-scale production has reduced the quantities of imported
petroleum (US EIA, 2014c), caused the collapse of natural gas prices in the US (US

EIA, 2014d), and displaced significant quantities of coal in the generation of electricity
(Macmillan et al., 2013). Production of oil and gas from these low-permeability reservoirs
is only possible through the drilling of thousands of directional wells, coupled with multi-
stage massive hydraulic fracturing (a type of WST) (e.g., Texas Railroad Commission,
2014 - http://www.rrc.state.tx.us/oil-gas/major-oil-gas-formations/eagle-ford-shale/).

2) Tight-gas Sands

Extremely large quantities of natural gas are known to be in-place in thick successions

of low-permeability sedimentary rocks in various basins. These “basin-center, tight-gas”
accumulations are characterized by reservoirs with permeabilities of less than 0.01 md,
abnormally high pore pressures, and a down dip occurrence of natural gas relative to water,
combined with an absence of hydrocarbon-water contacts, and large in-place gas volumes.

Well-known examples of such “basin-center” accumulations are in the Uinta-Piceance
Basin of Colorado (Spencer, 1995; Johnson et al., 2010a, b) and in the Green River Basin
of Wyoming (Johnson et al., 2011). These unconventional reservoirs are being extensively
exploited through closely spaced vertical wells and multiple well completions combined
with massive hydraulic fracture treatments.

Although such accumulations are not known in California, they have been considered as
a possibility in the deep parts of the largest basins, such as the deep depocenters of the
southern and western San Joaquin (Gautier et al., 2007), deep in the Los Angeles Basin,
and below the Delta depocenter of the Sacramento Basin (Hosford Scheirer et al., 2007).
If such accumulations exist and could be exploited, their production might require the
intensive application of WST.
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3) Coal-bed Methane

Most coal seams consist of thick concentrations of terrestrial organic matter, originally
formed through photosynthesis by higher land-plants. Thermal maturation of coal seams
commonly results in the generation of significant quantities of natural gas that are
retained in the coal beds (Geoscience Australia, 2012). In addition to being hazardous
to coal miners, such natural gas accumulations are commonly produced and sold as
energy commodities.

Production of coal-bed gas usually entails removing most free water from the coal seams
(so-called dewatering) prior to successful production. This water can constitute an
environmental hazard if not disposed of properly. Large quantities of coal-bed gas are
produced in New Mexico, Colorado, and Wyoming, not to mention Australia, where it
constitutes a significant part of that nation’s resource base.

Coal beds are known in California, especially in and adjacent to the Sacramento Basin,
where they may serve as one of the source rocks for natural gas generation. In general,
California coal beds are thin and discontinuous (e.g., Bodden, 1983; Sullivan and Sullivan,
2012). Therefore, significant coal-bed gas production is not considered likely in California.

4) Gas Hydrates

Methane hydrates are crystal structures of water and methane molecules that are
thermodynamically stable only under restricted conditions, usually with relatively high
pressures and low temperatures. Gas hydrates are known from many deep ocean basins of
the world, including the US Gulf of Mexico (Boswell et al., 2012). They are also commonly
observed beneath permanently frozen ground—terrestrial permafrost—in the Arctic,
including northern Alaska and northwestern Canada (Dallimore and Collett, 2005).

Compared to ordinary gas accumulations, gas hydrates contain extremely high concentrations
of methane. Assessments suggest that methane hydrates probably contain more natural
gas than all other known occurrences on earth.

While gas hydrates are present in offshore areas of California (BOEM, 2012), their near-term
development is not considered likely. And, in any case, their production would probably
not entail application of WST.

5) 0Oil Shale

Not to be confused with shale oil, oil shale is a sedimentary rock containing high
concentrations of thermally immature kerogen (Dyni, 2005). In certain settings, it is
possible to heat these kerogen concentrations to artificially generate oil and gas. Such
artificial heating is termed retorting. Retorting of hydrocarbons was once a commonly
used chemical practice for estimating the content of producible oil in certain sedimentary
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successions. For example, in 1935, retorting studies of the Monterey-equivalent Nodular
Shale in core samples recovered from the Playa del Rey oil field in the Los Angeles Basin
were used to argue for both the organic origin of petroleum and for the exceptional
richness of the Miocene strata of the Los Angeles Basin (Hoots et al., 1935).

The largest known oil shale deposits in the world are in the Uinta, Piceance and Green
River basins of Colorado, Utah, and Wyoming, where the Eocene Green River Formation
contains lake beds that are extremely rich in highly reactive and oil-prone kerogen
(Johnson et al., 2010a, b; 2011). Engineering research continues to look for economically
viable ways to produce the hundreds of billions of barrels of oil that could conceivably be
retorted from the Green River Formation.

Large resources of oil shale are not known to be present in California.

4.4. The Monterey Formation

4.4.1. Characteristics of the Monterey Formation

In its lithology and thickness, the Monterey Formation varies greatly from place to place
(Figure 4-6). However, in most basins, it includes some combination of thinly laminated
diatomite, chert, siliceous mudstone, porcelanite, phosphatic shale, marlstone, clay shale,
and dolomite (Behl, 1999; Bramlette, 1946; Dunham and Blake, 1987; Isaacs et al., 1983;
Isaacs, 1980). While many of these lithologies have been described as “shales,” they are
more appropriately considered mudstones, given that they are fine-grained but relatively
poor in clay mineral content (e.g., Behl, 1999; MacKinnon, 1989). The lithological
variability of the Monterey has been characterized through studies of outcrops and cores,
and in the subsurface through the use of geochemical (e.g., Hertzog et al., 1989) and
integrated formation evaluation (e.g., Zalan et al., 1998) logging tools.

In areas closer to onshore uplifts (e.g., the San Joaquin and Los Angeles basins) Monterey-
equivalent strata contain greater proportions of terrestrially-derived clastic sediments,
particularly sandstones deposited in submarine channels and basin floor fans (Link and
Hall, 1990; Redin, 1991). These coarser grained deposits can provide important reservoirs
within the Monterey. Examples include the Stevens and Santa Margarita sandstones in the
San Joaquin Basin (e.g., Magoon et al., 2009) and some reservoirs in oil fields of the Los
Angeles Basin (Redin, 1991).

Several lithological characterizations of the Monterey have been published, based upon
the relative abundance of silica, carbonate, phosphate, and detrital minerals (e.g.,
Carpenter, 1989; Dunham and Blake, 1987; Isaacs, 1981a, 1981b). In the coastal Santa
Maria and Santa Barbara/Ventura basins, the lower portion of the Monterey is carbonate-
rich, the middle section has abundant phosphatic and organic-carbon-rich shales, and

the upper section is dominated by siliceous mudstones, porcelanite, chert, or diatomite,
depending upon the degree of thermal exposure (Behl, 1999; Govean and Garrison, 1981;
Isaacs et al., 1983; Isaacs, 1981b) (Figure 4-7). In the southwestern San Joaquin Basin,

at Chico Martinez Creek, the Monterey is more than 1,830 m (6,000 ft) thick, and
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contains four major shale sequences: the Gould, Devilwater, McDonald, and Antelope
shales (Mosher et al., 2013). In the Los Angeles Basin, where the tectonic history during
the middle to late Miocene is quite complex, Monterey equivalent strata vary greatly from
one side of the basin to the other (e.g., Wright, 1991; Yeats and Beall, 1991).

Figure 4-6. Lithologic variability of the Monterey Formation (Behl, 1999).

The remains of diatoms, silica-rich phytoplankton, are an important component of the
Monterey. The physical properties of diatomaceous deposits change systematically during
burial as a result of increasing temperature. Non-crystalline “Opal-A” diatom frustules are
first transformed into crystobalite-type crystallinity “Opal-CT” and at higher temperatures
to microcrystalline quartz chert (Figure 4-8). This transformation is accompanied by
significant shifts in porosity, permeability, elasticity, and brittleness. As a result, certain
Monterey lithologies, such as chert, porcelanite, and siliceous mudstone, are particularly
susceptible to fracturing (Hickman and Dunham, 1992; Isaacs, 1984).

Parts of the Monterey that are enriched in marine kerogen are prolific petroleum source
rocks (Isaacs, 1989, 1992a; Peters et al., 2013, 2007; Tennyson and Isaacs, 2001; Isaacs
and Rullkotter, 2001). Graham and Williams (1985) reported TOC values for shales of the
Monterey in the San Joaquin Basin ranging from 0.40 to 9.16 wt. %, with a mean value of
3.43 wt. %. Isaacs (1987) reported even higher TOC concentrations, ranging between 4
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and 8% TOC (6 and 13% organic matter) for the Santa Maria Basin and the Santa Barbara
coast. TOC abundances are generally highest in the phosphatic shales of the middle
Monterey (Figure 4-9), where sedimentation rates were low and dilution by biogenic
sediments was minimal (Bohacs et al., 2005). Where thermally mature, such TOC-rich
Monterey strata could be a target for unconventional shale oil production.

Figure 4-7. Generalized stratigraphic section of the Monterey Formation from the Santa
Barbara coastal region (Isaacs, 1980). Open pattern depicts massive units, broken stipple
indicates irregularly laminated beds, and thinly lined pattern denotes finely laminated units.
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Figure 4-8. (A) Sediment composition and temperature effects on silica phase changes in the
Monterey Formation (Behl and Garrison, 1994). (B) Changes in porosity as a function of silica
phase transformation and burial (Isaacs, 1981c).
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Figure 4-9. Distribution of organic matter, detrital sediments, and biogenic silica accumulations

as a function of stratigraphic position in the Monterey Formation (Bohacs et al., 2005).

4.4.2. Physical Properties of the Monterey Formation

Physical properties determine if a rock can serve as a reservoir, and if and how it might
be stimulated by hydraulic fracturing. Porosity is the open pore and fracture volume

of a rock. The matrix and fracture porosity not only provide storage volumes for

fluids, but also potential pathways for fluid flow, provided the pores and fractures are
interconnected. The permeability of a rock is its ability to transmit fluids; the goal of
well stimulation is to improve production by enhancing the effectiveness of the wellbore
connection into the reservoir. Successful stimulation of a reservoir through hydraulic
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fracturing depends on the ability to open existing fractures or to create new fractures.
The spatial distribution of strength, elasticity, and stress within the rock influence the
natural fracture system and how hydraulic fractures develop. Young’s modulus, the ratio
of longitudinal stress to longitudinal strain, is used to estimate the rigidity of a rock.
The composition and concentration of organic matter determines whether a particular
lithology is a potential hydrocarbon source rock.

Physical properties (porosity, permeability, total organic carbon [TOC], Young’s elastic
modulus) have been measured in many Monterey rock samples.

The Newlove 110 well (API 08222212) in the Orcutt field of the Santa Maria Basin was
the subject of an early detailed hydrofracture research study conducted jointly by Unocal
and the Japan National Oil Company (Shemeta et al., 1994). Prior to hydrofracture, a
thick section of continuous core was sampled from the Monterey, which extends from 619
to 855 m (2,030 to 2,805 ft) in the well. Core Laboratories drilled 239 one-inch-diameter
(in; 2.54 centimeter, cm) core plugs parallel to bedding between the depths of 735 and
860 m (2,412 and 2,820 ft) and measured horizontal air permeability, helium porosity,
fluid saturation, and grain density. The measured porosities ranged from 3.7 to 37%,
with an arithmetic average of 22.8% and a median value of 23.4% (Figure 4-10a). Matrix
horizontal air-permeability values ranged from 0.00 md to 5,080 md, with an arithmetic
average of 99.6 md, a geometric average of 2.59 md, a median value of 1.67 md, and a
harmonic average of 0.12 md (Figure 4-10b). Grain density values ranged from 2.19 to
2.96 grams per cubic centimeter (g/cm?), with an arithmetic average of 2.50 g/cm?® and

a median value of 2.49 g/cm?®.
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Figure 4-10. Helium porosity (A) and horizontal air permeability (B) measurements of 239
Monterey Formation core samples from the Newlove 110 well, Orcutt oil field, Santa Maria
basin. The Core Laboratories report can be found on the DOGGR website at: http://owr.
conservation.ca.gov/WellRecord/083/08322212/08322212 Core Analysis.pdf

Isaacs (1984) reports the physical properties of three siliceous Monterey lithologies that
illustrate the effects of diagenesis (Table 4-1). Chaika and Williams (2001) observed that
permeability reductions associated with silica phase transformation at increasing depth

of burial in the Monterey appear to have two different trends: (1) a silica-rich host rock
that has an abrupt porosity reduction (from 55 to 45%) associated with the change from
opal-A to opal-CT, lending itself to a more brittle, fractured rock below this transition,
and (2) a more gradual porosity reduction associated with this transformation of siliceous
mudstones with a higher abundance of detrital minerals. This more clay-rich rock tends to
retain higher matrix porosity, which could lead to higher volumes of hydrocarbon storage.
Contrasts in rock properties associated with these changes in mineralogy in the Monterey
Formation can result in the formation of diagenetic oil traps, such as those observed in the
Rose oil field, where the top of the reservoir in the McLure shale member occurs at

the transition from opal-CT to quartz (Ganong et al., 2003).
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Table 4-1. Physical properties of siliceous Monterey lithologies reflecting impacts of diagenesis
(Isaacs, 1984).

Lithology Porosity Permeability Grain density
(%) (md) (g/cmv’)
Opal-A bearing diatomaceous mudstones 50-70 1-10 2.2-2.4
Opal-CT porcelanites 30-40 <0.01 to 0.1 2.2-2.35
Quartz porcelanites 10-20 <0.01 md 2.1-2.4

Measurements of physical properties were conducted on samples of the Antelope Shale
member of the Monterey Formation in the Buena Vista Hills field, located between the
giant Elk Hills and Midway-Sunset fields in the SW portion of the San Joaquin Basin
(Montgomery and Morea, 2001). Four different rock types were studied: opal-CT

porcelanite, opal-CT porcelanite/siltstone, clay-poor sandstone, and sandstone/siltstone
(Table 4-2).

Table 4-2. Physical properties of Antelope Shale member lithologies of the Monterey, Buena
Vista Hills field (Montgomery and Morea, 2001).

Lithology (number of samples) Average porosity | Median permeabil- | Average grain density
(%) ity (md) (g/cm®)

Opal-CT porcelanite (399) 33.8 0.1 2.31

Opal-CT porcelanite/siltstone (451) 25.7 0.07 2.36

Clay-poor sandstone (19) 21.1 6.3 2.62

Sandstone/siltstone (57) 20.8 0.16 2.57

Liu et al. (1997) analyzed a number of Monterey core samples from the Santa Maria
Basin. They reported lithotype, porosity, density, and TOC values (Table 4-3) for 10
Monterey Formation samples obtained from two wells (with sample depths ranging from
1,390 to 1,693 m (4,560 to 5,553 ft)) in the Santa Maria Basin (Liu, 1994).

Table 4-3. Physical properties of Monterey core samples from the Santa Maria Basin (Liu
et al., 1997).

Lithology Number of core Porosity (%) Grain density (g/ | Total organic car-
samples cmd) bon (wt. %)

Porcelanite 2 10-11.4 2.14-2.17 2.28-2.4

Siliceous shale 1 43 2.24 6.81

Shale 3 18-21 2.02-2.35 8.19-18.2

Siliceous dolomite 3 11-19 2.38-2.70 0.52-8.12

Dolomite 1 3.0 2.72 0.19

Morea (1998) performed reservoir characterization studies of siliceous shales and
mudstones from the Antelope and Brown shale members of the Monterey Formation
from the Buena Vista Hills field. As part of the study, seven core samples recovered from
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depths ranging from 1,277.4 — 1,462.8 m (4,191 — 4,799.3 ft) were analyzed for Young’s
modulus. These samples, consisting of porcelanite and clayey porcelanite, have values
ranging from 8.8 to 18.9 gigapascals (GPa) (1,172,000 to 2,724,000 pounds per square
inch (psi)), with an average value of 13.7 GPa, (1,990,000 psi).

At the Belridge oil field, diatomites corresponding to the uppermost portion of the
Monterey Formation are an important oil reservoir rock. Schwartz (1988) reports that

the diatomites have porosities ranging from 54 to 70%, permeabilities from 0.00 to 7

md, and grain densities from 2.2 to 2.5 g/cm?®. Similar rock-property values (55-60%
porosity, 0.03 to 0.3 md permeability, and 2.2 to 2.5 g/cm? grain density) are reported
for the lithologic unit by De Rouffignac and Bondor (1995). These properties vary as a
function of stratigraphic depth and are related to cyclical changes in biogenic and clastic
sedimentation (Schwartz, 1988). Bowersox (1990) reports lower effective porosities (36.7
to 55.4%) and higher permeabilities (1.86-103 md) for the producing diatomite intervals.
The highly porous diatomites are soft rocks with low Young’s modulus values: 0.14 to

3.4 GPa (20,000 to 500,000 psi) (Allan et al., 2010); 0.34 to 1.4 GPa (50,000 to 200,000
psi) (Wright et al., 1995); 0.17 to 0.55 GPa (25,000 to 80,000 psi) (De Rouffignac and
Bondor, 1995); 0.69 GPa (~100,000 psi) (Vasudevan et al., 2001). In spite of the low
rigidity of these rocks as indicated by the low Young’s modulus values, diatomite units
have been successfully subjected to hydraulic stimulation to increase oil production (Allan
et al., 2010; Wright et al., 1995).

In conclusion, the lithologies of the Monterey Formation exhibit a wide range of physical
properties. Diatomites have the highest porosities of any Monterey lithology (typically >
50%), but with diagenesis, these rocks are converted into porcelanites and with increasing
temperature to quartz cherts, which have significantly lower porosities (generally 20-
40%). Most of the Monterey lithologic units have intrinsically low matrix permeabilities
(typically less than a millidarcy). The porcelanites, cherts, siliceous shales and mudstones,
and dolomites are quite brittle, and often develop natural fractures, which can lead to
higher fracture permeability for these rock types. The presence of natural fractures has a
significant impact on oil migration (Behl, 1998; Eichhubl and Behl, 1998; Hickman and
Dunham, 1992). Most of the shale (clay-rich) lithologies in the Monterey have TOC values
greater than 2%, making them prospective hydrocarbon source rocks. The organic-rich
phosphatic shales found within the Middle Monterey are the most prospective source
rocks and, therefore, the most likely unconventional shale oil targets.

4.4.3. Conventional and Unconventional Resources in the Monterey Formation

The Monterey is the dominant petroleum source rock in California. It also forms important
reservoir rocks for migrated oil in numerous active fields in the San Joaquin, Los Angeles,
Santa Barbara/Ventura and other basins. Monterey reservoir lithologies include sandstones
such as those of the Stevens Sand in the San Joaquin Basin, diatomite such as the
reservoir at South Belridge field, and fractured siliceous rocks such as the reservoir at
Hondo offshore. The large areal extent of the Monterey and its great thickness (up to
1,830 m [6,000 ft]) make it a significant petroleum resource target.
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Nearly all major Monterey oil reservoirs occur at depths that are shallower than the oil
window, suggesting that the reservoirs contain oil that migrated updip from where it
formed to where it became trapped (Figure 4-11). This is confirmed by geochemical
evaluation of biological markers and other maturity indicators, which demonstrate that
the oil found in most Monterey reservoirs in the San Joaquin was not generated in situ,
but instead was sourced from Monterey shales deeper in the Basin (Kruge, 1986).
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Figure 4-11. Cross section depicting the Antelope-Stevens Petroleum System in the southern San
Joaquin Basin (Magoon et al., 2009). The Antelope Shale and Stevens Sand are subunits of the
Monterey Formation. Note that the bulk of the oil fields are located on the margins of the Basin,
and that the oil appears to have migrated updip from the source region (below the top of the
petroleum window) in the center of the Basin.

If Monterey source rocks are also to serve as reservoirs for unconventional source-rock
system (shale) oil, they would need to retain significant amounts of producible oil that has
been generated but not migrated. Portions of the Monterey Formation are located within
the oil window in the deeper parts of most major petroleum basins in California. However,
only organic-rich stratigraphic intervals, such as the organic-rich phosphatic shales in the
middle Monterey of the coastal basins, are prospective unconventional oil shale targets.
These source-rock intervals may have retained oil that could be extracted using advanced
well stimulation methods. However, there is little published information on these deep
sedimentary sections on which to base assessments of potentially recoverable resources.

A few deep wells have been drilled, but there are no reports of commercially successful
production from such depths (Schwochow, 1999; Burzlaff and Brewster, 2014).
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Because of the depths and temperatures encountered in the oil window, compaction and
diagenetic effects would have converted any original biogenic opal-A to opal-CT and
quartz chert. This would reduce matrix porosity, thus lowering reservoir capacity, while
increasing brittleness and natural fracturing (Chaika and Dvorkin, 2000; Chaika and
Williams, 2001), which would favor oil migration.

As described in Section 4.4.4 below, the Monterey differs from other unconventional
shale oil accumulations, such as the Bakken and the Eagle Ford, in its highly variable
mineralogy, lithology, and silica phase behavior (El Shaari et al., 2011), and in the
structural complexity of the basins where it is found (e.g., Wright, 1991; Ingersoll and
Rumelhart, 1999). This variability makes it challenging to discover and develop source-
rock oil, as evidenced by the results of deep drilling in the San Joaquin Basin (Burzlaff
and Brewster, 2014).

4.4.4. Comparison of the Monterey Formation with the Bakken Formation

The Bakken, along with the Eagle Ford Formation of Texas, is one of the largest producing
unconventional shale oil units in the United States (Figure 4-12) (US EIA, 2014a). The
jump in oil production from the Bakken and Eagle Ford through the use of unconventional
well completion and stimulation techniques led to the identification of the Monterey as

a potentially important shale oil target (US EIA, 2011). A comparison of the Bakken and
the Monterey may provide insights into the possibility of increasing oil production in
California through implementation of well stimulation methods.
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Figure 4-12. Increases in oil production from the Bakken Formation (US EIA, 2014a).
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The Upper Devonian-Lower Mississippian Bakken Formation is best known from the
Williston Basin in North Dakota, Montana, Saskatchewan, and Manitoba (Gaswirth et al.,
2013). It consists of three main zones: (1) an upper organic-rich black shale; (2) a middle
unit, consisting mainly of silty dolostone or dolomitic siltstone and sandstone, and (3) a
lower unit, similar to the upper zone, also consisting of organic-rich black shale (Pitman
et al., 2001). A fourth unit has been proposed for the Bakken, the Pronghorn unit, a
sandy unit previously known as the Sanish (LeFever et al., 2011) that underlies the

lower black shale.

The Bakken has a maximum thickness of 49 m (160 ft) in the central part of the basin
(Figure 4-13), decreasing to zero thickness on the margins. The unit generally has a total
thickness of less than 30 m (100 ft) (Lefever, 2008). The main target for production has
been the middle dolomitic member, while the upper and lower shales are considered

the source rocks for petroleum in the Bakken and Three Forks Formations. The Bakken
shales have TOC values ranging from less than 1% to as much as 35%, averaging around
11 wt. % (Webster, 1984). Most of the Bakken petroleum system is in the oil generation
window (Figure 4-14) and hydrocarbons sourced from the Bakken in North Dakota have
generally migrated no more than a meter or two into the adjacent middle dolomite unit
and underlying sandstones (Sonnenberg et al., 2011).

As explained in Section 4.3.1, this type of petroleum system is sometimes called

a continuous petroleum accumulation (Gautier et al., 1995; Nordeng, 2009).
Unconventional techniques (horizontal drilling into the middle Bakken combined with
multiple zone well stimulation) have been employed to maximize oil production from this
formation (Jabbari and Zeng, 2012). Around 72 million m® ( 450 million barrels) of oil
were produced using these techniques from the Bakken and Three Forks Formations in the
Williston Basin between 2008 and 2013 (Gaswirth et al., 2013). The successful production
of oil from the Bakken has prompted discussions regarding the possible recovery of oil
from other shale oil formations such as the Monterey (Price and LeFever, 1992).
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Figure 4-13. Isopach map of the Bakken Formation (Lefever, 2008).
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Figure 4-14. Schematic EW cross section of the Bakken petroleum system. Note that the Bakken
lies below the top of the oil window (Sonnenberg et al., 2011).

4.4.4.1. Physical Properties of the Bakken Formation

Core samples from the Middle Bakken from the Parshall field have porosities ranging
from 1 to 11% and permeabilities that average 0.0042 md (Simenson et al., 2011); a
similar range of values of 1.1 to 10.2% (porosity) and <0.001 to 0.215 md (permeability)
were reported by Ramakrishna et al. (2010). Production sweet spots involve areas with
enhanced porosity and the presence of natural fractures (Pitman et al., 2001; Sonnenberg
et al., 2011). Log-derived Young’s modulus values for the Middle Bakken are around 7
GPa (1,000,000 psi) (Ramakrishna et al., 2010).

4.4.4.2. Similarities and Differences of the Monterey and Bakken Formations

The range of permeabilities of the Bakken dolomite reservoir unit (Middle Bakken) is
similar to the permeability of porcelanites in the Monterey. The porosities of most of the
Monterey lithologies, while varying significantly as a function of burial depth and degree
of diagenesis, tend to be higher than those in the Middle Bakken dolomite.

The ages of these deposits are very different. The Monterey is Miocene in age and is
still actively producing hydrocarbons, while the Bakken is much older (Upper Devonian-
Lower Mississippian).

The thicknesses of these units are also dramatically different. The Bakken is typically less

than 30 m (100 ft) thick and the productive Middle member is generally less than 15 m
(50 ft) thick. In contrast, the Monterey in the San Joaquin Basin is about 1,830 m
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(6,000 ft) thick (Mosher et al., 2013), and even greater thicknesses can be encountered

in some of the basin depocenters. It is important to note that the organic-rich phosphatic
shale portion of the Monterey, which would be a primary candidate for an unconventional
shale oil reservoir in this formation, is considerably thinner (less than 200 m thick for the
Santa Maria—Santa Barbara Channel basin section depicted in Figure 4-7).

The lithologic variability of the Bakken and Monterey are also quite different. The Bakken
Formation consists primarily of two distinct lithologies: (1) organic-rich shale, which
makes up the upper and lower members of the Bakken (serving as the source rock),

and (2) dolomitic lithologies of the producing middle Bakken member. In contrast, as
discussed above, the Monterey consists of organic-rich, siliceous, and carbonate-rich shales
and mudstones, porcelanite and diatomite, as well as interfingering sandstone turbidite bodies.

The structural setting of the Williston Basin in which the Bakken Formation resides is
much less complex than the petroleum-rich basins of California. The Williston Basin is a
structurally simple intracratonic basin (Sloss, 1987), whereas the Neogene sedimentary
basins in California are tectonically controlled, with faults and folds strongly influencing
the trapping and accumulation of hydrocarbons in most of the major oil fields (Wright,
1991). The presence of wrench faults, combined with a basement of highly deformed
Mesozoic subduction complex rocks, has led to the creation of wide varieties of trapping
structures (Graham, 1987).

Because of the extreme variability of the Monterey, where bed lithologies vary on a
centimeter scale, and diagenesis has dramatically affected rock physical properties,
effective hydraulic stimulation methods would need to vary significantly for different
portions of the Monterey (El Shaari et al., 2011).

While the style of oil accumulation of the discovered resources associated with the
Monterey Formation differs greatly from the Bakken Formation, the postulated Monterey
source rock play is similar. The producing oil fields that are hosted in the Monterey
represent conventional oil accumulations (Figure 4-11) where the oil has migrated from
the source rock up into a reservoir zone in a structural, stratigraphic, or diagenetic trap.
The Bakken petroleum system represents a continuous petroleum accumulation (Figure
4-15), where the oil formed in organic-rich upper and lower shales migrates locally into
the adjacent dolomitic strata of the Middle Bakken (Nordeng, 2009). We note that the
dolomitic middle Bakken still has low enough permeability so that it requires stimulation
for commercial production. It is possible that a similar type of continuous oil accumulation
exists within and immediately adjacent to deeply buried Monterey as a source rock.
However, in contrast to the Bakken, significant amounts of oil that have been generated
from the Monterey source rocks are known to have migrated and accumulated to form
the main oil fields in California. The complex tectonic history for sedimentary basins

in California and the extensive presence of natural fractures in the siliceous Monterey
mudstones have facilitated the migration of oil generated in the basin depocenters via
higher permeability fracture and fault pathways to the producing conventional fields.
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The amount of hydrocarbons remaining within these deep basin Monterey source rocks as
a potential source rock play is not known, and the possibility of insufficient oil retention is
seen as a significant risk for exploration.

Figure 4-15. Schematic cross section illustrating conventional oil reservoirs (with migrating
oil) and a continuous petroleum accumulation, as illustrated by the Bakken petroleum system
(Nordeng, 2009).

4.5. Petroleum Geology of California

4.5.1. Neogene Basins of California

Most of the oil and gas fields in California are located in structural basins (DOGGR, 1982;
1992; 1998) formed over the past 23 million years. These basins (Figure 4-16) are filled
with mainly marine sedimentary rocks, originally including both biogenic (produced by
marine organisms) and clastic (derived by erosion of existing rocks) sediments. In each
basin, geologists have identified distinct packages of sedimentary rocks as formations,
which share similar time-depositional sequences and have distinctive characteristics that
can be mapped. Formations can be divided into subunits, known as members, which in
turn have specific lithologic characteristics. Similarly named geologic formations are
commonly found in adjacent basins, where they were deposited at about the same time,
and presumably under similar conditions.
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Figure 4-16. Neogene sedimentary basins in and along the coastal margins of California (from
Behl, 1999).

Most oil reservoirs in California have a complex structural history of folding, faulting,
subsidence, and uplift driven by the tectonic evolution of the western margin of North
America. The result is numerous uplifts and adjacent structural depressions (basins)
where sediments with a wide range of compositions accumulated. These sediments
have themselves been subjected to subsequent burial and deformation.

Faults, folds, and fractures play a critical role in the migration and accumulation of
hydrocarbons in most California oil fields (Chanchani et al., 2003; Dholakia et al., 1998;
Dunham and Blake, 1987; Finkbeiner et al., 1997). Compressive stresses can lead to the
development of folds, which can form structural traps with effective seals. Under such
conditions, the more brittle rocks develop fractures that provide flow pathways for
upward hydrocarbon migration. Fracture permeability is especially important when
matrix permeabilities are low in clay-rich shales and siliceous mudstones (Hickman and
Dunham, 1992).
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4.5.2. California Basins: Geology, Resources, and Potential for WST

In this section, we present a summary of the oil and gas resource potential of the
petroliferous basins of California. We summarize the geography and geology of each
basin, keyed to a location map, and interpret the resource potential of the basin and the
likelihood of future application of WST.

4.5.2.1. Northern Coastal Basins—Onshore

4.5.2.1.1. Geography and Geology

The Northern Coastal Basins—Onshore includes an area of about 37,000 square
kilometers, (km?; 14,300 square miles, mi?) from north of Crescent City in Del Norte
County southward to San Benito County between the San Andreas Fault and the 4.8
kilometer (km; 3 mile, mi) limit offshore; and the Coast Range Thrust (as far south as
Lake Berryessa), the Hayward Fault (as far south as the southern boundary of Alameda
County), and the Tesla and Ortigalita faults (Stanley, 1995a). The province is about 660
km (410 mi) long from northwest to southeast and about 113 km (70 mi) wide at its
widest point near Fort Bragg (Figure 4-17).

Two of the North Coastal basins, Eel River and the Sargent-Hollister, have a history of
demonstrated petroleum production, albeit at minor levels. Gas in the Eel River Basin and
oil and gas in the Sargent-Hollister Basin have been produced from reservoirs in gently

to moderately deformed Neogene (Miocene and Pliocene) sedimentary successions. The
Neogene strata overlie moderately to intensely deformed rocks of the Jurassic to Tertiary
Franciscan Complex. Over most of the north-coastal area, the Franciscan is regarded

as economic basement; however, the Franciscan has been considered prospective for
hydrocarbons in some areas of Humboldt and San Benito Counties (Stanley, 1995a).

The earliest exploratory drilling in California occurred in 1865 near surface seeps in the
Petrolia area, in western Humboldt County (Rintoul, 1990). Dozens of wells have since
been drilled near Petrolia; some of them found evidence of oil in fractured Franciscan
rocks, but no commercial production has been established. Oil has been produced from
Neogene sandstones in the Sargent field since 1906, and commercial production of non-
associated gas was reported in the Hollister field beginning in 1951. In the Eel River
Basin, non-associated gas has been produced since 1937 from Pliocene sandstones in the
Tompkins Hill field (DOGGR, 1982).
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Figure 4-17. Map depicting Northern Coastal Province and associated basins. Basin outlines
from USGS 1995 National Assessment of US Oil and Gas Resources (http://certmapper.cr.usgs.
gov/noga/broker1995.jsp?theServlet=NogaGISResultsServ&theProvince=07&thePage=gis).

4.5.2.1.2. Resource Potential

The last systematic assessment of the resource potential was published by the USGS in
1995 (Gautier et al., 1995). At that time, the mean undiscovered petroleum resource was
estimated to be about 4.8 million m® (30 million barrels) of oil, 31 billion m® (1080 billion
scf) of gas, and less than 1.6 million m® (10 million barrels) of natural gas liquids (NGL),
distributed among all the basins in the North Coast (Gautier et al., 1998).
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4.5.2.1.3. Potential Application of WST

The North Coast is a vast area, where small quantities of hydrocarbons have been
discovered and produced over many years. The possibility exists that additional
discoveries will be made in the future and that some of them will have reservoirs that
could be enhanced by hydraulic fracturing or other means of WST. It is also possible
that previously discovered accumulations could be redeveloped using WST to enhance
hydrocarbon production. That said, current evidence suggests that this large area has
sparsely distributed, small, and economically marginal hydrocarbon accumulations. Even
if new accumulations were discovered or previously recognized ones were redeveloped
today, the level of activity involved in the development would most likely be local and
volumetrically small. The likelihood of large-scale, industrial-type resource development
with thousands of wells and extensive massive hydraulic fracturing technology is
considered extremely low.

4.5.2.2. Northern Coastal Basins—Offshore - Eel River Basin

4.5.2.2.1. Geography and Geology

The Eel River Basin extends from just north of Cape Mendocino to the Oregon border

and beyond (Piper, 1997; Piper and Ojukwu, 2014) (Figure 4-18). Its southern part is

the offshore extension of the onshore Eel River Basin, which has proven gas production.
The offshore basin encompasses an area of more than 8,300 km? (3,200 mi?) with water
depths ranging from sea level to about 1,200 m (4,000 ft). As with the onshore basin, the
offshore Eel River Basin is underlain by basement rocks of Jurassic to Cretaceous mélange
similar to the Franciscan Complex exposed in the coastal ranges (Jayko and Blake, 1987).
Tertiary strata ranging in age from Paleocene to Pleistocene overlie the basement (Blake
et al., 1978).

During the 1960s through the 1980s, industry acquired a relatively dense array of seismic
data in the Eel River Basin. In addition, four exploratory wells were drilled in the Basin,
all in the 1960s. The wells tested structural highs and encountered thin successions of
Tertiary strata before bottoming in the Franciscan basement. One well encountered veins
of asphalt (“gilsonite”). Natural gas has been recovered from unconsolidated sediment,
and numerous gas seeps have been mapped in the area, suggesting that the onshore Eel
River gas play may extend beneath the offshore basin (Piper, 1997).
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Figure 4-18. Map of Eel River Basin (adapted from Piper, 1997).

4.5.2.2.2. Resource Potential

The Bureau of Ocean Energy Management/Bureau of Safety and Environmental
Enforcement (BOEM/BSEE) (formerly known as the Minerals Management Service)
defined four hypothetical geologically defined plays in the Basin. These included two
Neogene sandstone plays, a Paleogene sandstone play, and a play involving the basement
mélange itself (Piper, 1997; Piper and Ojukwu, 2014). The assessment relied heavily

on analogous rocks and petroleum discoveries onshore. The undiscovered technically
recoverable petroleum resource was estimated (mean values) at 11 million m® (70 million
barrels) of oil, and 43 billion m® (1.52 trillion scf) of gas (Piper and Ojukwu, 2014).
Given the offshore location, its geological complexity, and the relatively small size of the
postulated oil accumulations, it is difficult to envision these resources, even if found, being
developed any time soon.
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4.5.2.2.3. Potential Application of WST

The small volume and gas-prone nature of undiscovered resources of the Eel River Basin
Offshore suggest that, even if found, the widespread application of WST is unlikely.

4.5.2.3. Central Coastal Basins—Onshore

4.5.2.3.1. Geography and Geology

The Central Coastal basins area includes an area of about 21,000 km? (8,000 mi?) from
Point Arena on the north to the western Transverse Ranges to the south (Stanley, 1995b).
The San Andreas Fault forms the eastern boundary. The southern limit is the Big Pine
Fault. The southwest limit is the Sur-Nacimiento Fault, and the western boundary is the
4.8 km (3 mi) limit offshore. The area is about 630 km (390 mi) long from northwest

to southeast, and about 64 km (40 mi) wide near Soledad (Figure 4-19). The Cuyama
Basin is thus geographically within the Central Coastal area, but it is discussed separately
in this report.

The main petroleum potential in the Central Coast (excluding the Cuyama Basin) is in
moderately deformed Tertiary sedimentary rocks that locally exhibit a composite thickness
of more than 14,600 m (48,000 ft). Upper Cretaceous sedimentary rocks as thick as 4,000
m (13,000 ft) are also present but probably have little or no petroleum potential. In most
areas, Tertiary and Upper Cretaceous strata overlie Cretaceous and older granitic and
metamorphic rocks of the Salinian block. Parts of the Santa Cruz Mountains are underlain
by Franciscan rocks, and a small coastal area near Point Arena appears is underlain by
unnamed and undated fragments of Mesozoic oceanic crust (Stanley, 1995b).
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Figure 4-19. Map depicting Central Coastal Province and associated basins. Basin outlines from
USGS 1995 National Assessment of US Oil and Gas Resources http://certmapper.cr.usgs.gov/
no roker1995.jsp?theServlet=NogaGISResultsServ&theProvince=11&thePage=gi
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Figure 4-20. Salinas Basin and associated oil fields (DOGGR), along with distribution of source
rock (green) and portion below top of oil window (~2,000 m - Menotti and Graham, 2012),
with data from Durham (1974) and Menotti and Graham (2012).

The Salinas Basin is a Neogene basin dominated by wrench tectonics, with mid-Miocene
transtensional subsidence and subsequent uplift, folding, and faulting associated with
transpression (Colgan et al., 2012; Durham, 1974; Graham, 1978; Menotti and Graham,
2012) (Figure 4-20). The period of basin subsidence coincided with deposition of as
much as 3 km (1.9 mi) of Monterey-equivalent strata (Menotti et al., 2013). Laminated
marine shales in the lower part of the Monterey have elevated total organic carbon
(TOCQC), with moderately laminated shales averaging 3.12 wt. % TOC and well-laminated
hemipelagic Monterey rocks having average TOC value of 4.59 wt. %, making them good
candidates for oil source rocks (Mertz, 1989). The Salinas Basin contains a giant heavy oil
accumulation, the San Ardo field (Baldwin, 1976; Isaacs, 1992a). A cross section through
this field (Figure 4-21) illustrates the important role that structural features have played
in the migration and trapping of oil (Menotti and Graham, 2012).
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components of the petroleum system (Menotti and Graham, 2012).

The first exploratory wells in the Central Coast were drilled in 1867 adjacent to surface

oil seeps near Half Moon Bay (Rintoul, 1990). The biggest oil field in the area, San Ardo,
probably originally contained more than 160 million m? (1 billion barrels) of heavy oil. It
was discovered in 1947 (Baldwin, 1976; Stanley, 1995b). Several smaller fields have also
been found in the Salinas, La Honda, and Bitterwater basins; the largest of these is the King
City oil field (0.32 million m® (2 million barrels) of oil), found in 1959 (DOGGR, 2010).

Nearly all (more than 90%) of the known petroleum in these basins has been found in
Miocene sandstones. The remainder was found in Eocene and Oligocene sandstones
and in Miocene limestone (Stanley, 1995b). Excluding the Cuyama and Santa Maria
basins, only three of the Central Coastal basins, Salinas, La Honda and Bitterwater, have
confirmed production. The Bitterwater Basin contains just one commercial oil field,
Bitterwater, which is smaller than 0.16 million m® (1 million barrels) of oil (DOGGR,
2010). In addition to Salinas, five basins were estimated by the USGS in 1995 to have
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additional petroleum potential: La Honda, Point Arena, Point Reyes, Pescadero, and
Bitterwater (Gautier et al., 1995). Surface indications of oil and gas, such as tar sands
and oil and gas seeps, are known from every one of the basins.

4.5.2.3.2. Resource Potential

The last systematic assessment of the Central Coastal basins resource potential was
published by the USGS in 1995 (Gautier et al., 1995). At that time the mean undiscovered
petroleum resource was estimated to be about 78 million m® (490 million barrels) of oil,
4.2 billion m* (150 billion scf) of associated and dissolved gas, and about 1.6 million m®
(10 million barrels) of NGL, which is a considerable volume of petroleum (Gautier et al.,
1998). Of these amounts, well over half of the undiscovered resource was estimated to
be the two proven petroleum basins: La Honda, with about 8.3 million m® ( 52.4 million
barrels) of oil and 0.44 billion m® (15.7 scf) gas (http://certmapper.cr.usgs.gov/data/
noga95/provl1/tabular/pr1104.pdf), and Salinas, with 36 million m? oil (223.6 million
barrels) of oil and 1.3 billion m® (44.7 billion scf) of associated and dissolved gas (http://
certmapper.cr.usgs.gov/data/noga95/provl 1/tabular/pr1106.pdf). The remaining basins
were estimated to contain small, widely distributed oil and gas accumulations. Within the

large area of the Central Coastal basins, the Salinas Basin, in particular, has significant
potential for undiscovered conventional petroleum accumulations and for further
development of heavy oil within the giant San Ardo field. The existence of the giant San
Ardo oil field also demonstrates the presence of active and effective Monterey-equivalent
petroleum source rocks deep in the basin. Therefore a source-rock system “shale oil” play
with significant recoverable resources is considered a real possibility in the Salinas Basin.

2.5.2.3.3. Potential Application of WST

The Central Coastal basins encompass a large area, where numerous accumulations

of hydrocarbons have been discovered and produced over many years. Therefore, it

is likely that additional accumulations could be found in the future, the production

of which might be enhanced by hydraulic fracturing or other WST. It is also possible
that previously discovered accumulations could be redeveloped using WST to enhance
production. However, with the exception of the Salinas Basin, this large area probably
only has sparsely distributed, relatively small, and economically marginal hydrocarbon
accumulations. If such accumulations were discovered or redeveloped, the level of activity
involved in their development would be quite local and volumetrically small. Except
for Salinas, the likelihood of large-scale, industrial-type development using extensive
hydraulic fracturing technology is considered extremely low.
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The Salinas Basin, however, is a proven petroleum province that contains a giant oil field
(San Ardo). Geological evidence is strong that an active and prolific Monterey Formation
source rock system is present at depth in the basin (Menotti and Graham, 2012; Isaacs,
1992b). It is therefore considered possible that a source-rock system (shale oil) play could
be developed in the Salinas Basin, whereby the thermally mature, oil-bearing Monterey
source rocks would be developed using widespread application of WST.

4.5.2.4. Central California Coastal Basins—Offshore

4.5.2.4.1. Geography and Geology

The central coastal area of offshore California, which extends from Cape Mendocino
southward to Point Concepcion, contains three geologically defined but untested
sedimentary basins: Point Arena Offshore, Bodega Basin, and Afio Nuevo (Figure 4-22).
The Central Coast also includes the Partington and Santa Maria offshore basins, but these
are considered separately in this report.

Northwest-southeast structural features, identified by seismic surveys to include faults,
folds, and paleo-uplifts, characterize the continental margin of central California and
define the three basins (Dunkel et al., 1997). The basins probably formed in early to
middle Tertiary time by tectonic extension, which by middle Tertiary time was already
dominated by right-lateral strike-slip tectonics of the emerging San Andreas Fault (SAF)
system (Blake et al., 1978). Consequently the three basins are bounded on the east by the
SAF and, in the case of the Afio Nuevo Basin, by the San Gregorio Fault.

199



Chapter 4: Prospective Applications of Advanced Well Stimulation Technologies in California

Legend

m CA Channel Islands Marine Sanct.
|:| CA Nat. Marine Sanct.

\ nta Maria le‘
|:| Santa Barb-Ventura Basin nt Lu%in
[ | central CA Province \\ {

Federal-State Bndy )\ i

B Federal Leases 0 45 9 180 Kilometers
X I

m State Leases

Figure 4-22. Map of Central California Coastal Offshore Basins, adapted from Dunkel et al., 1997.

4.5.2.4.2. Resource Potential

In the 1960s, three exploratory wells were drilled in the Point Arena Basin. All three

wells encountered oil shows. Ten wells were drilled at about the same time in the Bodega
Basin. Two exploratory wells were drilled in Afio Nuevo, which also encountered shows of
oil in the Monterey Formation (Dunkel et al., 1997; Piper and Ojukwa, 2014). Although
the three basins are largely unexplored, the similarities of their inferred geology to the
highly productive Santa Maria and related Partington basins is reason enough to postulate
the presence of significant hydrocarbon accumulations in one or all of the basins. In
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each basin, three potentially productive stratigraphic intervals have been identified,
which are geologically similar and analogous to the occurrence of petroleum in the
Santa Maria and Santa Barbara-Ventura basins: (1) Neogene sandstones, (2) fractured
quartz-phase siliceous Monterey strata, and (3) pre-Monterey sandstones. In 1995, the
Minerals Management Service (MMS) estimated that the Point Arena, Bodega, and Afio
Nuevo basins contain a mean undiscovered oil resource of about 0.67 billion m? (4.2
billion barrels) of oil, and about 130 billion m? (4.5 trillion scf) of natural gas, with the
highest potential being in the Point Arena Basin (Dunkel et al., 1997; 2001). The more
recent (2011) BOEM assessment of the West Coast OCS (Piper and Ojukwu, 2014) has
downgraded this estimate slightly, with mean combined estimates of 0.66 billion m*
(4.12 billion barrels) of oil, and about 124 billion m® (4.37 trillion scf) for these three
offshore basins.

4.5.2.4.3. Potential Application of WST

Although the three basins are thought to contain significant quantities of oil and gas,
presumably mostly in conventional accumulations, widespread application of WST is
considered extremely unlikely, for two reasons: First, the three basins are largely located
in the federally defined Cordell Bank, Gulf of the Farallones, and Monterey Bay National
Marine Sanctuaries, within which petroleum exploration is permanently forbidden.
Second, by analogy with developments of conventional fields in Santa Maria and Santa
Barbara basins, hydraulic fracturing is not a necessary part of petroleum development in
the postulated reservoirs.

4.5.2.5. The Central Valley—Sacramento Basin

4.5.2.5.1. Geography and Geology

The Central Valley of California is what remains of a long-lived fore-arc basin that
developed along the western margin of the North American continent between Late
Jurassic and Early Cenozoic time (Ingersoll, 1979). For more than 100 million years,

the western edge of North America was an actively convergent tectonic plate margin,
within which oceanic crust from the west was more or less continuously subducted

in a deep trench. To the east and largely parallel to the trench was a volcanic arc and
massif, the ancestor of the modern Sierra Nevada. The fore-arc basin initially received
sediments eroded only from the proto-Sierra Nevada. However, over time, parts of the
subduction zone to the west of the trench were uplifted to form an archipelago from
which sediments were also shed eastward into the evolving fore-arc basin. The subduction
zone is represented today by the Franciscan Complex that comprises much of the Coast
Ranges and the basement rocks of the western part of the Great Valley. The Sacramento
Basin, which occupies the north half of the Central Valley, is what remains of the fore-arc
basin; it contains as much as 12,000 m (40,000 ft) of Jurassic-to-Holocene, marine and
nonmarine strata, significant quantities of non-associated natural gas, and small

volumes of oil.
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The fore-arc basin evolved through time, widening as the trench-slope break shifted to
the west and the volcanic arc progressively moved to the east (Ingersoll et al., 1977). This
expansion is documented by the successively younger ages of the Franciscan Complex
and radiometric ages from granitic intrusive rocks of the Sierran plutons, which become
progressively younger from west to east across the Sierra Nevada.

The basin, which is about 340 km (210 mi) long and 100 km (60 mi) wide, is bordered

on the west by the Coast Range Thrust, on the north by the Klamath Mountains, on the
east by the Cascade Range and Sierra Nevada, and arbitrarily on the south by the Stockton
Arch in the subsurface near the Stanislaus-San Joaquin County line (Magoon and Valin,
1996). The province covers an area of 30,600 km? (11,820 mi?) (Figure 4-23).

Figure 4-23. Map of the Central Valley, depicting location of gas fields (DOGGR) and extent of
Winters Formation from Garcia, 1981.
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Petroleum exploration began in 1918, but the most active period of exploration was
between 1960 and 1980. To date, almost 3,000 wells have drilled to depths from 3,000
to nearly 20,000 ft (900-6,100 m). The Sacramento Basin is primarily a gas-producing
region with 73 gas fields and only two small oil fields (Brentwood and West Brentwood
(1.5 million m?® [9.3 million barrels] of oil; field size values listed here are based on
cumulative production through 2009 plus reserve estimates—DOGGR, 2010). Major gas
fields are Rio Vista (the largest in the Sacramento Basin, with about 113 billion m*® (4
trillion scf) of gas, Grimes (~ 22 billion m® (780 billion scf) of gas), Willows-Beehive Bend
(~17 billion m® (600 billion scf) of gas), Lathrop (~10 billion m® (370 billion scf) of gas),
Lindsey Slough (~9.6 billion m* (340 billion scf) of gas), and Union Island (~8.2 billion
m? (290 billion scf) of gas). Almost 280 billion m?® (10 trillion scf) of gas and 2.1 million
m?® oil (13 million barrels) of oil have been produced from the Basin (DOGGR, 2010).
Trap geometries for the known gas accumulations were largely established by
Oligocene time, prior to deposition of the late Eocene through Miocene-Pliocene
nonmarine sedimentary rocks (<1,200 m(< 4,000 ft)) that overlie the faults (Graham, 1981).

Based on their stratigraphic and geographic distribution and chemical composition
(Jenden and Kaplan, 1989), two principal gas systems are recognized in the Sacramento
Basin: the Dobbins-Forbes and the Winters-Domingene systems (Beyer, 1988a). Most

of the hydrocarbons in both systems apparently originate from gas-prone source rocks

in the area of the “delta depocenter” (Garcia, 1981; Zieglar and Spotts, 1978) (Figure
4-24). Regional seals that partition the systems are in the Prince Canyon fill and Capay
Shale in the north and in the Sacramento Shale in the south. The burial-history curve of
Zieglar and Spotts (1981) indicates that gas started to migrate by the early Tertiary for the
Dobbins-Forbes system and by the Oligocene time for the Winters-Domingene system.
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Figure 4-24. EW cross section through the Sacramento Basin, depicting the Delta depocenter by
the Rio Vista gas field (Sullivan and Sullivan, 2012).

4.5.2.5.2. Resource Potential
Undiscovered Conventional Accumulations

In 2007, scientists of the US Geological Survey completed an assessment of undiscovered
petroleum (oil, natural gas, and natural gas liquids) resources of the Sacramento Basin
(Hosford Scheirer et al., 2007). However, the study reported only non-associated
natural gas resources. Undiscovered oil, if any, was considered to be present in such
small volumes as to be insignificant. The assessment considered two petroleum systems
separately: the Dobbins-Forbes and the Winters-Domingine. Throughout much of the
Basin, the two petroleum systems are separated by the regionally extensive Sacramento
Shale, which serves as a seal. For the Basin as a whole, the USGS estimated undiscovered,
conventional resources of between 3.9 and 30 billion m® (139 and 1,067 billion scf) of
natural gas, with a mean estimate of 15 billion m® (534 billion scf) (Hosford Scheirer

et al., 2007). Of that amount, approximately 40% was estimated to be in the Dobbins-
Forbes petroleum system. Most of the undiscovered gas, about 60%, was interpreted to
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be in Upper Cretaceous submarine-fan and deltaic-sand reservoirs, with minor amounts in
reservoirs of Cenozoic age. The USGS anticipates that the majority of undiscovered natural
gas is to be found in Upper Cretaceous deltaic and submarine-fan sandstones reservoirs of
the Winter-Domingine system. In addition to the non-associated gas resources, the USGS
estimated a small volume, a mere 51,000 m® (323 thousand barrels), of natural gas liquids
would be found in connection with the natural gas resources. Approximately 280 billion
m? (10 trillion scf) of natural gas had been discovered and produced in the Sacramento
Basin as of 2010. The remaining undiscovered resources thus represent a relatively small
fraction of the total recoverable resource. The undiscovered resources are believed to exist
mostly in small, hard-to-find accumulations that may not warrant extensive exploration
and development investment.

Undiscovered Unconventional Gas Resources

The Sacramento Basin exhibits several geological features in common with basin-center
“tight gas” accumulations: a thick sedimentary succession containing gas-prone organic
matter, a demonstrated occurrence of natural gas resources, a deep basin depocenter,
and abnormally high pore fluid pressures in numerous reservoirs. Taken together, these
features superficially suggest the possibility of a basin center gas accumulation in the
Delta Depocenter beneath the vicinity of the Rio Vista gas field. However, a more careful
analysis indicates that the conventional reservoirs of the Sacramento Basin actually
exhibit few of the features of true basin-centered accumulations, such as regional water
expulsion, abnormal fluid pressures resulting from hydrocarbon generation, and absence
of hydrocarbon-water contacts. It is therefore considered unlikely that a basin-center

gas accumulation exists in the Sacramento Basin, at least at the depths that have been
explored so far.

4.5.2.5.3. Potential Use of WST

Many of the conventional gas accumulations in the Sacramento Basin have reservoirs
with relatively low permeability. It is therefore likely that the production rates of at
least some of these reservoirs could be enhanced by application of hydraulic fracturing.
Such WST applications would probably be of limited scope and volume, however,
owing to the restricted geometries of the small conventional gas accumulations. As
described above, widespread development of unconventional gas resources in the basin
using WST is unlikely.

4.5.2.6. The Central Valley—San Joaquin Basin
4.5.2.6.1. Geography and Geology
The San Joaquin Basin (SJB) lies beneath the southern portion of the Central Valley, the

large topographic depression between the Sierra Nevada and the Coast Ranges (Beyer,
1995a). The southern Diablo and Temblor ranges, separate the SJB from the Carrizo Plain
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and Cuyama Basin on the west. It is bounded on the south by the Transverse Ranges,
which separate it from southern California and the Mojave Desert. The northern limit
of the San Joaquin Basin is the Stockton Arch, a subsurface feature in the vicinity of the
Stanislaus-San Joaquin County line. The San Joaquin Basin is an asymmetrical trough
filled with some 125,000 km?® (30,000 mi®) of Cretaceous to Quaternary marine and
continental sediments (Callaway, 1971; Varnes and Dolton, 1982), which, in places are
almost 12,000 m (40,000 ft) thick (Hosford Scheirer and Magoon, 2008a; Johnson and
Graham, 2007; Schwochow, 1999).

Like the Sacramento Basin, the San Joaquin Basin first formed during the Jurassic as

a fore-arc basin along the continental margin, located between a subduction zone and
a volcanic arc. In Neogene time, the southern and western parts of the Basin subsided
and were compressed by tectonic plate motions along the active California margin.
Thick successions of biogenic marine sediments including organic-rich shales and
diatomites, interspersed with submarine fan sandstones, were variously deformed,
uplifted, and buried deeply within the complex tectonic environment. The end result is
an extraordinarily rich petroleum province with a wide variety of reservoir rocks and
traps that contain at least 3.2 billion m® (20 billion barrels) of known recoverable oil
(cumulative production plus reported remaining reserves). Most of the known oil is
concentrated along the western, southwestern, and southeastern margins of the Basin,
where oil and gas continually leak to the surface. The oil seeps, which have been known
and exploited by locals and travelers for centuries, led to the discovery of some of the
largest oil fields (DOGGR, 1987; Rintoul, 1990).

The Monterey is the source rock for most producing oil fields in the San Joaquin Basin
(Figure 4-25). It also serves as a reservoir rock in numerous oil fields. Most of the
Monterey reservoirs are located above the oil window, and the kerogen present at
reservoir depths is thermally immature, suggesting that the oil migrated updip from
deeper in the basin (Graham and Williams, 1985; Kruge, 1986).
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Figure 4-25. The San Joaquin Basin and producing oil fields (Oil field data from DOGGR).

In several fields, including South Belridge and Lost Hills, oil is produced from Monterey
diatomite (Bowersox, 1990; Schwartz, 1988). Diatomite reservoirs have high matrix
porosities but low permeabilities. Directional wells targeting specific pay zones coupled
with hydraulic fracturing, water flooding and steam flooding (Figure 4-26) have been
used to improve oil recovery from the diatomite reservoirs in South Belridge and Lost
Hills fields (Allan et al., 2010; El Shaari et al., 2011; Emanuele et al., 1998; Wright et
al., 1995). At Midway-Sunset, the largest field in the San Joaquin Basin, some oil is also
produced from diatomite and fractured siliceous mudstones. However, so far, the most
productive intervals at Midway-Sunset have been interbedded sandstones (Figure 4-27)
(Link and Hall, 1990; Mercer, 1996; Underwood and Kerley, 1998). These sands have
much more favorable reservoir properties (porosity ~33%, permeabilities between 800-
4,000 md) than the Monterey lithologies that surround them (Link and Hall, 1990).
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Figure 4-26. Schematic of directional well for the South Belridge field targeting the top of
the diatomite unit, oriented longitudinally along the flanks of the anticline, with hydraulic
fracturing to improve well performance (Allan and Lalicata, 2012).
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Figure 4-27. Block diagram depicting location of Webster sand turbidite lobes within the Antelope
Shale Member of the Monterey Formation in the Midway-Sunset field (Link and Hall, 1990).
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In the Elk Hills field, oil is produced from diagenetically transformed diatomite,
porcelanite, and quartz chert (Reid and Mclntyre, 2001). Oil production from porcelanite
reservoirs in the Antelope shale member of the Monterey at the Buena Vista Hills field

has been hampered by low primary recovery values of 4-6%. Attempts to stimulate

the reservoirs using hydraulic fracturing led to the generation of a complex system of
fractures, which seemed to increase flow tortuosity near the well bore. The failure to
stimulate longer vertical fractures is thought to be due in part to the wide contrast in rock
strength on a bed-to-bed scale, leading to delamination and poor transmission of proppant
into the fracture network (Montgomery and Morea, 2001). Enhanced oil recovery using
CO, flooding is proposed as a means to improve oil recovery in this Buena Vista field.

4.5.2.6.2. Resource Potential
Undiscovered Conventional Accumulations

The most recent assessment of undiscovered, conventional petroleum in the San Joaquin
Basin was completed by the USGS in 2003 (Gautier et al., 2007). The USGS estimated
that between 13 and 136 million m® (80 and 853 million barrels) of oil and 9.1 to 123
million m® (321 to 4,331 billion scf) of gas as well as significant quantities of natural gas
liquids could be recovered with existing technology. The mean estimates of 62 million
m?® (393 million barrels) of oil and 50 billion m® (1,756 billion scf) of gas were of total
resources in five petroleum systems and ten separately defined “Assessment Units” (AU)
(Gautier et al., 2007).

Miocene petroleum systems, principally derived from Monterey-equivalent source rocks,
were estimated to account for more than 80% of the remaining undiscovered oil. Most
(well over 50%) of the estimated undiscovered gas resources was attributed to the “Deep
Fractured Pre-Monterey” along the southwestern margin of the basin at great depths
(>4,300 m(>14,000 ft)) in folded and faulted reservoirs in the Temblor, Oceanic, and
Point of Rocks formations as well as in other sandstones of Eocene age. Undiscovered
accumulations were estimated to exist in fractured reservoirs with extremely high pore
pressures. The existence of this play was confirmed by the “East Lost Hills Blowout,” when
the Bellevue No. 1 well blew out and caught fire in December 1998 (Schwochow, 1999).

Proposed as a theoretical possibility many years ago by Caroline Isaacs (e.g., Isaacs,
1992a), a diagenetic trap play has been demonstrated in two fields of the San Joaquin
Basin: North Shafter and Rose oil fields (e.g., Ganong et al., 2003). In these small fields,
oil is trapped at the permeability barrier formed by the diagenetic phase transition of opal
CT to quartz phase in siliceous strata. The fractured quartz phase serves as the reservoir
rock. In the USGS assessment, similar small diagenetically trapped oil accumulations are
predicted to exist at various other places in the Basin where siliceous Monterey lithologies
are at the appropriate diagenetic phase transition. Although the diagenetic traps were
recognized as exploration targets both before and after the USGS assessment, no
additional commercially viable accumulations similar to Rose and North Shafter have been
put on production since the assessment.
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The estimated volumes of undiscovered resources in the San Joaquin Basin would be
considered significant in almost any basin of the world. However, only one new field,
Rose (Ganong et al., 2003), has been discovered in the San Joaquin since 1990 and the
USGS study concluded that there is a 50% chance that there is no remaining undiscovered
field in the Basin with more than 3.3 million m?® (21 million barrels) of recoverable oil,
and that there is a less than 5% chance of any yet-to-find oil field larger than 9.5 million
m? (60 million barrels). Given that these undiscovered accumulations probably represent
a scattered remnant of relatively small oil fields within a volumetrically large petroleum
province, their significance is relatively low.

Reserve Growth

Growth of reserves in existing fields, also called reserve growth, inferred reserves, or
growth-to-known (GTK), refers to increases in successive estimates of recoverable volumes
of crude oil, natural gas, and natural gas liquids in discovered fields (Klett, 2005).

These increases result from a variety of mechanisms including: (1) identification of new
reservoirs or pay zones within previously defined fields, (2) extensions of producing
reservoirs, (3) reserve revisions resulting from evaluation of production performance and/
or more efficient operations, (4) improved recovery resulting from infill drilling, well
stimulation, and recompletions, and (5) application of new technologies to previously
recognized oil accumulations.

In the San Joaquin Basin, the past half-century has been a time of extraordinary
development of existing fields. Since the middle 1960s, more than 1.3 billion m® (8 billion
barrels) of recoverable oil have been added to reserves of existing fields, thereby greatly
extending California oil production and slowing the decline of US domestic oil production
(Tennyson et al., 2012). Beginning in the 1960s, the application of various thermal
recovery technologies has resulted in rapid and voluminous additions to reserves in fields
that contain heavy oil (Tennyson et al., 2012). Heavy oil is defined by the American
Petroleum Institute as oil having API gravity of 22 degrees or less. Additions to reserves of
heavy oil have continued more or less continuously to the present day in the San Joaquin
Basin. Beginning in the 1980s, large reserve additions have also come from the application
of hydraulic fracturing coupled with water flooding and steam flooding to diatomite
reservoirs of the Monterey Formation (Tennyson et al., 2012).

In order to evaluate the remaining potential for additions to reserves of existing fields

in the San Joaquin Basin, a team of scientists from the US Geological Survey (Tennyson
et al., 2012) undertook an assessment of nine selected oil fields, most of which had
already demonstrated significant reserve growth. The fields considered in the USGS
study were: Coalinga, Cymric, Elk Hills, Kern River, Lost Hills, McKittrick, Midway-
Sunset, North Belridge, and South Belridge. Using published literature and data from the
California Division of Qil, Gas, and Geothermal Resources, the geology of each field was
analyzed and its development history was reviewed. The team estimated the ranges of
original oil in place (OOIP) for each field and the range of possible recovery efficiency
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that could be realized by the application of existing technology. The distributions were
combined in a Monte Carlo-type simulation, which generated a probability distribution on
potentially recoverable oil from each field. The results of the study indicated that from
0.6-1.5 billion m?® (3.6-10 billion barrels) (mean of 1.0 billion m? (6.5 billion barrels))

of additional oil could be produced from the nine fields. Much of the assessed potential
development was expected to come from further development of diatomite reservoirs in
Cymiric, Lost Hills, Midway-Sunset, North Belridge, and South Belridge fields, presumably
in large part through hydraulic fracturing. Also, more oil could be developed from the
further application of thermal-recovery technologies to shallow reservoirs containing
heavy and extra-heavy oil, and from injection of carbon dioxide in deep sandstones
reservoirs containing light oil, such as the sandstone reservoirs in the Elk Hills oil field.
The USGS study also suggested that additional oil might be developed in other, smaller
fields of the San Joaquin Basin as well.

Growth of reserves in existing fields of the San Joaquin Basin has been the most important
source of additional reserves in California in recent decades. The large remaining resource
potential of these reasonably well understood oil accumulations suggests that additional
development of the San Joaquin Basin oil fields is likely to continue to be an important
source of reserve additions in California for years to come. In addition to the potential

of the intensively developed large fields, some less developed smaller fields of the San
Joaquin Basin also have significant potential as well. While additional development of
heavy oil resources does not generally entail well stimulation technology, much of the
additional oil in San Joaquin Basin fields is expected to be developed in low-permeability
reservoirs, particularly diatomite. Such developments would require the systematic
application of hydraulic fracturing and other stimulation technologies.

Unconventional Resources in the San Joaquin Basin

It is possible (but quite uncertain) that significant quantities of petroleum remain in the
San Joaquin Basin source rocks themselves. If they could be directly produced, these
resources would be unconventional and conceptually similar to the oil shale formations
such as the Bakken and Eagle Ford.

The depths and temperatures where the source rocks have reached maturity for

oil generation have been studied in some detail by Peters et al. (2007; 2013) and
approximately located and mapped by Magoon et al. (2009). The mapped areas are
shown in Figures 4-28 through 4-31.
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Figure 4-28. Distribution and estimated active source area of the Moreno Formation in the San

Joaquin Basin (Magoon et al., 2009).
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Figure 4-29. Distribution and estimated active source area of the Kreyenhagen in the San

Joaquin Basin (Magoon et al., 2009).
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Figure 4-30. Distribution and estimated active source area of the Tumey in the San Joaquin
Basin (Magoon et al., 2009).
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Figure 4-31. Distribution and estimated active source area of the Monterey in the San Joaquin
Basin (Magoon et al., 2009).

With the success of source-rock shale oil development in other areas of North America,
there has been renewed focus on the Monterey to explore the effectiveness of using similar
methods (Durham, 2010, 2013; Redden, 2012). Venoco and Occidental Petroleum have
drilled a number of wells targeting zones between 1,830 and 4,270 m (6,000 and 14,000
ft), and have employed various well stimulation techniques in an attempt to stimulate
hydrocarbon production from possible source-rock intervals. As part of this exploration
effort, Venoco drilled several deep wells in the Semitropic field that target the Monterey
below the Pliocene Etchegoin Formation, where most current Semitropic production
occurs. One of these wells, the Scherr Trust et al., 1-22 (API 03041006), was spudded in
December 2010 and drilled to a depth of 4,272 m (14,015 ft) (4,243 m (13,921 ft) total
vertical depth). The primary objective was the Monterey “N” chert, which was perforated
at a depth interval of 3,808-3,813 m (12,495-12,510 ft) and fractured, but only a limited
amount of oil was produced in subsequent flow tests.
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DOGGR records for new wells at Semitropic and neighboring Bowerbank field suggest
that these deeper Monterey wells have not been particularly successful. Drilling for
unconventional oil reservoirs in the Monterey between 2009 to 2013, reported by Burzlaff
and Brewster (2014), suggest that average initial production rates are on the order of 12-
24 m?® (75-150 barrels) of oil per day. Expected ultimate recovery (EUR) from these wells
is on the order of 3,200-4,000 m? (20,000-25,000 barrels) for wells in fields on the west
side of the San Joaquin Basin and 14,000-16,000 m® (90,000-100,000 barrels) for wells
in fields on the east side of the Basin, with much higher gas-to-oil ratios for the west side
wells. An industry report (Petzet, 2012) concerning testing of hydraulic fracturing and
oil production in the Eocene Kreyenhagen Formation indicates the presence of mobile oil.
However, no further development or oil production from the Kreyenhagen is indicated.

The Monterey and Kreyenhagen source rocks in the San Joaquin Basin are the most
likely potential reservoirs for development of shale oil in California, at least in the
immediate future. So far, the limited exploratory drilling has not resulted in the addition
of significant reserves, and the shale oil resource potential remains highly uncertain.
Additional exploratory drilling of deep wells to test the possibility of production from
shales in the depocenters is needed to reduce the uncertainty surrounding the resource
potential. Importantly for this study, large areas underlain by thermally mature source
rocks lie outside the boundaries of existing fields. One of several notable exceptions is
the Elk Hills oil field, below which Miocene source rocks are believed to presently be in
the oil window.

Relatively few of the hundreds of thousands of oil wells drilled to date in California have
targeted deep exploration zones (Schwochow, 1999), in part due to the higher costs, and
also because many of the discovered oil fields are hosted in relatively shallow reservoirs
with structural traps that lie well above the oil window. Thermally mature source rocks in
the Neogene sedimentary basins in California are typically found at depths of 2,440-3,050
m (8,000-10,000 ft) or more, depending upon the local geothermal gradient. Additional
deep wells are needed to ascertain if the source rocks retain significant hydrocarbons and
could serve as unconventional oil reservoirs.

Deep drilling beneath the existing oil reservoirs at the Elk Hills field was conducted

by the US Department of Energy (DOE) to evaluate the prospects for hydrocarbon
production from deeper reservoir intervals (Fishburn, 1990). Three wells were drilled to
depths of 5,569-7,455 m (18,270-24,426 ft). While the wells did not find commercial
hydrocarbons, they did have oil and gas shows. Cores of shale recovered from the

Eocene Kreyenhagen Formation, the top of which was encountered at a depth of 4,785 m
(15,700 ft) in the 987-25R well, exuded oil and gas from fine fractures. The Kreyenhagen
overlies a 99 m (325 ft) thick section of oil-stained sands from the Eocene Point of Rocks
sandstone, which is just above a 244 m (800 ft) thick section of salt. Measured porosity
for Point of Rocks sandstones ranged from 14-16% in the 987-25R well, but are quite

a bit lower (around 6%) for the same stratigraphic interval in the 934-29R well, which
encountered Point of Rocks between 6,596-6,977 m (21,640-22,890 ft). Higher porosities
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(20-35%) are observed in the Point of Rocks at shallow depths (<910 m(<3,000 ft))

in other oil fields (Schwochow, 1999), suggesting that compaction due to burial and
diagenesis has led to significant porosity reduction. Average measured core permeabilities
for this sandstone were around 4 md in the 987-25R well and less than 1 md in the 934-
29R well. The location of the oil window at the Elk Hills field is estimated to be at depths
of 3,930-5,850 m (12,900-19,200 ft). The only oil field that has reported significant
production of oil from the Point of Rocks Sandstone at depths greater than 2,740 m
(9,000 ft) is the McKittrick field, where substantial gas production (Schwochow, 1999)

is also reported.

Another potential deep target is shale that has been displaced due to thrust faulting and
folding, such as a fault displacement gradient fold at the Lost Hills field (Figure 4-32)
described by Wickham (1995). Based upon a subthrust play developed for the East Lost
Hills, several exploratory deep wells were drilled into the footwall. The first well, spudded
in 1998, encountered high gas pressures in the Temblor Formation at 5,377 m (17,640 ft).
As the crew attempted to circulate out the gas, the venting gas and hydrocarbons ignited,
engulfing the rig in flames. It took more than six months to bring the well under control
(Schwochow, 1999). However, of the 65-70 deep wells that had drilled to depths greater
than 4,570 m (15,000 ft) in the San Joaquin Basin by 1999, none was commercially
productive (Schwochow, 1999).

In summary, large areas of the San Joaquin Basin display the geological characteristics
necessary for the presence of hydrocarbons in low-permeability source-rock (shale-oil)
systems. These characteristics include several prolific petroleum source rocks with thermal
maturity in the “oil window,” the presence of mobile hydrocarbons at abnormally high
fluid pressures, and brittle formation lithologies with natural fracture systems. On the
other hand, the San Joaquin Basin source rocks systems differ significantly from the
highly productive shale oil reservoirs in Texas and North Dakota in their lithological
variability, great structural complexity, and known expulsion efficiency. In addition, the
results of limited exploratory drilling intended to test the shale oil potential have so far
been unsuccessful in adding new reserves. No quantitative assessment of the shale oil
potential for the San Joaquin Basin has been published to date, but it seems likely that any
such assessment would need to reflect not only the possibility of significant recoverable
hydrocarbon volumes, but also a high probability of low recoverable resources.
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Figure 4-32. Cross section through the Lost Hills oil field constrained by seismic data depicting
relative downward offset of Monterey and other units in footwall block of Lost Hills thrust fault.
(Wickham, 1995)

4.5.2.6.3. Potential for Application of WST

WST has been an important part of San Joaquin Basin oil production for more than 30
years, and much of the potential for future oil production will probably also involve
WST. Although volumetrically small compared to other resources, development of the
undiscovered fields estimated by USGS (Gautier et al., 2004) could involve some WST,
particularly for development of the deep fractured pre-Monterey and oil in the diagenetic
traps in the central basin. The largest potential resource in the San Joaquin is for growth
of reserves in existing fields, much of which would, as in the past, probably entail
extensive hydraulic fracturing of low-permeability diatomite reservoirs.

It is also geologically possible that large recoverable resources are present in deep
Monterey source rocks (so-called shale oil) along the west side and southwest margins of
the San Joaquin Basin, in the Buttonwillow and Tejon depocenters (Figure 4-28 to 4-31).
The possibility of large-scale production of these unconventional resources would be in
addition to the large quantities of Monterey-sourced and Monterey-reservoired resources
that have already been produced, reported as reserves, or identified as possible future
additions to reserves in existing fields. If developed, such self-sourced, source-rock systems
would probably require the application of hydraulic fracturing, and other WST.
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4.5.2.7. Cuyama Basin

4.5.2.7.1. Geography and Geology

The Cuyama Basin is a Neogene basin located about 60 km (40 mi) north of the Santa
Barbara coast, between the Temblor Range and the Sierra Madre Range of the southern
Coast Ranges (Stanley, 1995b). Its northwestern end is continuous with the southeastern
end of the Salinas Basin, and the San Andreas Fault separates it from the Temblor Range
on the southwestern side of the San Joaquin Basin. The southwestern margin of the Cuyama
Basin is structurally complex, having experienced several episodes of strike-slip and normal
faulting. This basin contains both nonmarine and marine sediments, and has been affected
by strike-slip and thrust faulting (Baldwin, 1971). The southern edge of the basin is a
down-to-the-north normal fault. The basin is about 140 km (85 mi) long and 30 km (20
mi) across at its widest point, encompassing about 3,600 km? (1,400 mi?) (Figure 4-33).

In the Cuyama Basin, the Saltos shale forms the lower part of the Monterey Formation
and the Whiterock Bluff shale forms the upper part. The Branch Canyon sandstone is
intercalated with both of these shale units, but it is more abundant in the SE part of the
basin, which had a larger input of terrigenous sediments (Lagoe, 1982; 1984; 1985).
The Saltos shale has a larger terrigenous sedimentary component than the Whiterock
Bluff shale, consisting of interbedded sandstones, mudstones, and impure carbonates. In
contrast, the Whiterock Bluff shale is dominated by biogenic sediments, and consists of
siliceous and diatomaceous shales and mudstones with minor dolomitic interbeds (Lagoe,
1985). Oil is produced predominantly from the Painted Rock Sandstone member of the
Miocene Vaqueros Formation, which underlies the Monterey (Isaacs, 1992a) (Figure
4-34). On the basis of stable carbon isotope and biomarker data, Lillis (1994) concluded
that the principal Cuyama Basin source rock is the Soda Lake shale member of the
Vaqueros Formation.
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Figure 4-33. Cuyama Basin and associated oil fields (DOGGR), along with distribution of
Monterey source rock (Sweetkind et al., 2013) and portion below top of oil window (~2.7 km
(1.7 mi) depth based on data from Lillis (1994)).
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Figure 4-34. Diagrammatic NW-SE stratigraphic section across the Cuyama Basin (Sweetkind et
al., 2013).

4.5.2.7.2. Resource Potential

The last systematic assessment of the resource potential for the Cuyama Basin was
published by the USGS in 1995 (Gautier et al., 1995). The USGS assessed undiscovered
resources in two geologically defined plays: a structural oil play, named the “Western
Cuyama Basin Play,” which included all of the known accumulations in the basin, and a
hypothetical structural/stratigraphic play in the Cox Graben named the “Cox Graben Play”
(Stanley, 1995b). The mean undiscovered petroleum resource in the Western Cuyama
Basin Play was estimated to be about 9.4 million m® (59 million barrels) of oil and 1.3
billion m®(44.3 billion scf) of gas (http://certmapper.cr.usgs.gov/data/noga95/provl1l/
tabular/pr1107.pdf). The Cox Graben was estimated to contain about 1.0 million m?
(6.6 million barrels) of oil and small amounts of associated and dissolved gas (http://
certmapper.cr.usgs.gov/data/noga95/provl 1/tabular/pr1109.pdf). The most likely
situation is that these undiscovered resources exist in small accumulations. However,
the USGS assessors explicitly allowed the possibility of a large (16-32 million m® [100 to
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200 million barrels] of oil) undiscovered accumulation in the deep part of the Western
Cuyama Basin and an undiscovered accumulation of 3.2-4.8 million m? oil (20 to 30
million barrels) of oil so